
 
 
 
 
 
 

 

 

Southwest Power Pool 
REGIONAL STATE COMMITTEE 

Renaissance Hotel, Oklahoma City, OK 

April 23 2012 
 
 

•  M I N U T E S  •  

Administrative Items: 
The following members were in attendance: 
 

Terry Jarrett, proxy for Kevin Gunn, Missouri Public Service Commission (MOPSC) 
Patrick Lyons, New Mexico Public Regulation Commission (NMPRC)  
Dana Murphy, Oklahoma Corporation Commission (OCC) 
Donna Nelson, Public Utility Commission of Texas (PUCT) 
Olan Reeves, Arkansas Public Service Commission (APSC) 
Mike Siedschlag, Nebraska Power Review Board (NPRB) 
Thomas Wright, Kansas Corporation Commission (KCC) 
 

President Olan Reeves called the meeting to order at 1:05 p.m. with roll call and a quorum was declared.  He 
then requested a round of introductions. There were 124 in attendance either in person or via phone 
(Attendance & Proxies – Attachment 1).   
   
President Reeves asked for approval of the January 30, 2012 meeting minutes (RSC Minutes 1/30/12 - 
Attachment 2).  Patrick Lyons moved to approve the minutes as presented; Tom Wright seconded the 
motion. The minutes were unanimously approved. 
 
UPDATES 

RSC Financial Report 
Paul Suskie provided the RSC Financial Report (Financial Report – Attachment 3).  Mr. Suskie reported that 
the RSC is within budget.  The seams cost allocation item is from 2011 and does not appear in the 2012 
budget. 
 
SPP Report 
Mr. Nick Brown congratulated the RSC regarding the appeal on cost allocation, which has been dropped 
based largely to the great work and thinking of the Regional Allocation Review Task Force (RARTF). He 
commended the task force for great work. 
 
Mr. Brown reported that following the January 2012 Board meeting, the Board of Directors and Officers met 
and discussed a strategic visioning initiative.  Staff was asked to evaluate firms to conduct interviews with 
stakeholders, committees and the Economics Studies Working Group regarding ITP10 and ITP20 processes; 
conduct workshops to vet information regarding uncertainties/issues; and provide guidance selecting several 
scenarios and key issues.  A recommendation will be made at the SPP Board of Directors meeting on April 
24. 
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FERC 
Mr. Patrick Clarey provided an update on recent FERC activities:  

February 
On February 3, 2012, President Barack Obama announced his intent to re-nominate John Norris as 
a FERC Commissioner.  The Commission also opened a docket (AD12-12-000) as a repository for 
comments concerning gas-electric interdependence.  Comments were due the end of March.   
 
March 
FERC approved the merger of Exelon Corporation and Constellation Energy Group, Inc.  FERC also 
approved a Stipulation and Consent Agreement between the Commission’s Office of Enforcement 
and Constellation Energy Commodities Group related to findings of market manipulation.  The 
Agreement directs Constellation to pay a civil penalty of $135 million and to disgorge unjust profits of 
$110 million or a total settlement amount of $245 million. This total reflects the largest penalty that 
the Commission has imposed under the expanded enforcement authority that Congress assigned in 
2005.  
 
Commissioner John R. Norris and Mr. Tony Clark testified before the Senate Committee on Energy 
& Natural Resources as part of the nominating process to be members of the Federal Energy 
Regulatory Commission.  

 
FERC reaffirmed PJM’s region-wide, postage-stamp rate to allocate costs of new transmission lines 
operating at and above 500 kV. 
. 
April 
FERC took steps to further promote efficient and nondiscriminatory operation of the nation’s electric 
system when it opened an inquiry into open access and priority rights for capacity on interconnection 
facilities. The Notice of Inquiry (NOI) asks whether FERC should revise its policy on access to 
interconnection facilities and, if so, offers alternate approaches for comment.  
 
FERC conditionally accepted MISO and its transmission owners’ proposal to establish a transition for 
the integration of Entergy into MISO.   The order finds the proposal to be just and reasonable and 
requires further explanation and tariff revisions on compliance, primarily to clarify the treatment of 
MVP projects. 
 

BUSINESS MEETING 

No business was reported. 
 
REPORTS/PRESENTATIONS 
RSC Consultant Report 
Dr. Mike Proctor presented the Cost Allocation Working Group (CAWG) report (Hub & Spoke Presentations 
– Attachment 4).  Dr. Proctor provided background and information regarding the hub and spoke cost 
allocation between load and generation including proposals made by the Area Generation Connection Task 
Force (AGCTF).  The AGCTF was commissioned by the Markets and Operations Policy Committee (MOPC) 
to develop an approach to resolve potential difficulties from having a large number of individual generation 
connections along segments of 345 kV transmission lines.  The CAWG requested that AGCTF provide a 
cost-effectiveness study of the Hub Design.  After reviewing the AGCTF proposals, the CAWG made the 
following recommendation to the RSC: 
 

CAWG recommends that the RSC accept a policy such that no generation interconnection 
costs associated with Hub and Spoke design be included in the regional transmission rates, 
and instead be assigned to generators.  
 

Following discussion, Michael Siedschlag moved to approve the recommendation; Tom Wright 
seconded the motion.  The motion passed with unanimous approval. 
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Dr. Proctor then provided background and information regarding the hub and spoke cost allocation among 
generators.  He discussed cost allocation principles with the CAWG endorsing costs classifications as 
shared and assigned costs.  Carl Huslig, AGCTF Chair, stated that there is a lack of cost allocation principles 
among generators and that the group is in need of direction.  Mr. Huslig suggested sending hub and spoke 
policies to the Board of Directors for approval.  Dr. Proctor then offered the following conclusions: 
 

The CAWG endorses the method for SPP allocation to generators of the Hub and Spoke 
interconnection costs described herein (see Attachment 4) and proposes that the RSC 
consider recommending this method to the SPP Board of Directors.  

 
After much discussion, the RSC decided not to act on this recommendation stating that it may be 
premature to make a recommendation, questioned if this was a regional cost and questioned if the 
RSC had authority to make decisions regarding generators. 
 
CAWG Report 
Pat Mosier provided the CAWG report (CAWG Report – Attachment 5).  Ms. Mosier presented an update on 
CAWG activity, recommendations made and CAWG’s future schedule. 
 
Order 1000 Update (Order 1000 Presentations – Attachment 6) 

Joint Task Force on Order 1000 Interregional Cost Allocation  
President Reeves stated that the RSC had begun working on seams issues prior to Order 1000 
deciding to issue an RFP in January 2011 for a seams consultant. The Brattle Group was hired in 
July 2011 to analyze seams and provide a report to the RSC.  President Reeves recommends that 
the RSC approve the formation of a Joint Task Force made up of: 3 RSC members, 3 SPP 
members and 1 SPP Board member.  This task force is to be structured after the successful 
Regional Allocation Review Task Force (RARTF).  Donna Nelson moved to approve this 
recommendation; Terry Jarrett seconded the motion.  The motion passed with unanimous 
approval. 

 
Order 1000 Update 
Paul Suskie presented an update on Order 1000 providing RTO regional requirements and the 
current status of SPP compliance (Order 1000 Compliance Efforts – Attachment 6).   
 
SPCTF on Order 1000 Update 
Mel Perkins, SPCTF Chairman, provided eight recommendations as determined by the SPCTF 
regarding how SPP should comply with Order 1000 on regional policy issues such as ROFR and the 
consideration of public policy requirement in transmission planning.  These recommendations are: 
 

1. Recommendation as to the Transmission Upgrades for which SPP Should Seek to Retain 
the Federal ROFR. 

2. Recommendation as to What Model SPP Should Use to Select Transmission Owners for 
Projects Without a ROFR. 

3. Recommendation as to Transmission Owner Qualification Criteria. 
4. Recommendation as to Changes to SPP’s Membership Agreement and OATT. 
5. Recommendation as to Application of Order 1000 to Future SPP Projects. 
6. Recommendation as to Consideration of Transmission Needs Driven by Public Policy 
7. Recommendation as to Information and Data from Merchant Transmission Developers. 
8. Timeline for Compliance Filing. 
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The Strategic Planning Committee (SPC) approved these recommendations unanimously with the 
exception of recommendation two, in which SPC approved the Competitive Solicitation Process 
model versus the Project Sponsorship Model to select builders for projects that do not have a 
Federal ROFR.  These recommendations will be presented to the Board of Directors on April 24 at a 
policy level and hopefully with detailed language at the Board of Directors July meeting. 
 
Seams Steering Committee (SSC) Update 
Paul Malone reported that the SSC was tasked with ensuring compliance on the interregional 
transmission planning requirement of Order 1000.  The SSC chartered the Seams FERC Order 1000 
Task Force (SFOTF) to develop concepts and work on Joint Operating Agreement (JOA) language. 
 
RSC Seams Cost Allocation Consultant (Brattle) Report 
Johannes Pfeifenberger provided an update on the RSC seams cost allocation efforts.  Mr. 
Pfeifenberger reviewed the seven building blocks previously identified, paying special attention to 
key seams cost allocation blocks 3 – 6.  These building blocks are most closely related to seams 
allocation but are either missing or largely unspecified in the current JOAs.  Brattle’s final report and 
presentation is included in Attachment 6.  Mr. Pfeifenberger concluded that the proposed framework 
strikes a balance between methodology that is actionable and also provides the flexibility needed for 
successful application of seams projects and seams entities.  He believes it is imperative that there 
be significant coordination between SPP and the RSC. 

 
Integrated Marketplace Update 
Bruce Rew provided an Integrated Marketplace update (Integrated Marketplace Update – Attachment 7).  He 
reviewed the Marketplace’s recent successes, the status of Tariff revisions, and a general program update.  
Mr. Rew stated that in February the decision was made to change the program status to yellow, which is 
defined as concerned about meeting a key milestone on the date assigned.  This is precautionary as they 
are working through areas of concern.  The Integrated Marketplace Scorecard is posted on the SPP website 
every month for reference. Following visits with all of the states coordinated by Heather Starnes (SPP), it is 
planned to have an Integrated Marketplace overview the morning prior to the RSC October meeting.   
 
EPA Rules Update 
Michael Desselle provided an EPA Rules update (EPA Rules – Attachment 8).  Mr. Desselle discussed a 
contextual overview; the assessment process; and key data including MW, generation, and margin. 
 
Scheduling of Next Regular Meeting, Special Meetings or Events: 
President Reeves noted that the next regularly scheduled meeting is on July 30 in Kansas City, MO.   
 
With no further business, the meeting adjourned at 4:45 p.m.  
 
Respectfully Submitted,  
 
Paul Suskie 



 
 

 

Monday, April 23, 2012 

1:00 - 5:00 p.m. 

Renaissance Oklahoma City – Meeting Room 9 & 10 

Oklahoma City, Oklahoma 

 

1. CALL TO ORDER 
2. PRELIMINARY MATTERS 

a. Declaration of a Quorum 
b. Adoption of January 30, 2012 Minutes 

3. UPDATES 
a. RSC Financial Report  
b. SPP 
c. FERC 

4. BUSINESS MEETING 
a. No Business Meeting Items 

5. REPORTS/PRESENTATION 

a. RSC Consultant Report ............................................................................................. Dr. Mike Proctor 
CAWG Recommendation on Cost Allocation for HUBs (VOTING ISSUE) 

The CAWG has reviewed cost allocation proposals related to funding of Hub and Spoke 

generation interconnection costs and makes a recommendation to the RSC.  In view of 

that recommendation, the CAWG reviewed possible methods SPP may wish to use in 

allocating those Hub/Spoke Interconnetion costs among the generators and endorses a 

method it presents to the RSC.  The CAWG asks the RSC to consider recommending that 

method to the RSC Board. 

b. CAWG Report ........................................................................................................................ Pat Mosier 
This Report provides an update on CAWG activity, including recommendations made, and 

CAWG’s future schedule. 

c. Order 1000 Update  ............................................................................................................ Paul Suskie 
Update SPCTF on Order 1000  .......................................................................................... Mel Perkins 

This report will update the RSC on the efforts of the SPCTF on Order 1000 and the status 

of the Task Force’s Report on recommendation as to how SPP should comply with Order 

1000 on regional policy issues such as ROFR and the consideration of public policy 

requirements in transmission planning. 

Seams Steering Committee Update  ............................................................................... Paul Malone 
This report will update the RSC on the efforts of the SSC on Order 1000 and the status of 

the SSC’s efforts to address the interregional planning requirements of Order 1000. 



RSC Seams Cost Allocation Consultant (Brattle) Report  ........................ Johannes Pfeifenberger 
As directed by the RSC, this is the Brattle Group’s Final Report related to Interregional 

Seams Cost Allocation. 

Joint Task Force on Order 1000 Interregional Cost Allocation (VOTING ISSUE) ....... Olan Reeves 
This is President Reeve’s recommendation that the RSC approve the formation of a Joint 

Task Force between RSC members and SPP appropriate committee members to 

consider how SPP can comply with Order 1000’s interregional cost allocation 

requirements.  The recommended Joint Task Force is structured after the successful 

RARTF. 

d. Integrated Marketplace Update  .......................................................................................... Bruce Rew 
This report will update the RSC on the SPP’s efforts in developing and implementing the 

IM. 

e. EPA Rules Update  .................................................................................................... Michael Desselle 
This report will update the RSC on the SPP efforts related to new EPA regulations. 

6. SCHEDULING OF NEXT REGULAR MEETING, SPECIAL MEETINGS OR EVENTS 

a. RSC Meetings: 
July 30, 2012 – Kansas City, MO 
October 29, 2012 – Little Rock, AR 
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Subject: FW: Proxy

 
 
‐‐‐‐‐Original Message‐‐‐‐‐ 
From: Gunn, Kevin [mailto:kevin.gunn@psc.mo.gov]  
Sent: Monday, April 23, 2012 11:26 AM 
To: Cheryl Robertson 
Cc: Jarrett, Terry 
Subject: Proxy 
 
Cheryl‐  Commissioner Terry Jarrett has my proxy on all issues to be discussed and/or voted 
on for the RSC meeting in Oklahoma. I apologize for not formally notifying you earlier. 
 
Kevin Gunn 



 
 
 
 
 
 

 

 

Southwest Power Pool 
REGIONAL STATE COMMITTEE 

Intercontinental Stephen F. Austin, Austin, TX 
January 30, 2012 

 
 

•  M I N U T E S  •  

Administrative Items: 
The following members were in attendance: 
 

Kevin Gunn, Missouri Public Service Commission (MOPSC) 
Patrick Lyons, New Mexico Public Regulation Commission (NMPRC)  
Dana Murphy, Oklahoma Corporation Commission (OCC) 
Donna Nelson, Public Utility Commission of Texas (PUCT) 
Olan Reeves, Arkansas Public Service Commission (APSC) 
Mike Siedschlag, Nebraska Power Review Board (NPRB) 
Thomas Wright, Kansas Corporation Commission (KCC) 
 

President Olan Reeves called the meeting to order at 1:05 p.m. with roll call and a quorum was declared.  He 
then requested a round of introductions. There were 110 in attendance either in person or via phone 
(Attendance – Attachment 1).   
   
President Reeves asked for approval of the October 24, 2011 meeting minutes (RSC Minutes 10/24/11 - 
Attachment 2).  Tom Wright moved to approve the minutes as presented; Patrick Lyons seconded the 
motion. The minutes were unanimously approved. 
 
UPDATES 

RSC Financial Report 
Paul Suskie provided the RSC Financial Report (Financial Report and Audit – Attachment 3).  Mr. Suskie 
reported that the group was under budget overall in 2011.  The RSC was within budget in all categories with 
the exception of travel expenses and auditor fees.  The seams cost allocation item will carry over until April 
2012. 
 
SPP Report 
Nick Brown provided the SPP report.  Mr. Brown reported that the new SPP facility is on schedule and on 
budget.  The operations center was completed in December 2011 and the administration building is due for 
completion on May 15.  Mr. Brown extended an invitation to all for a ribbon-cutting in Little Rock on July 9.  
SPP will move into the new facility on July 15.  The October series of meetings are scheduled to be held in 
the new facility.   
 
Mr. Brown reported that the Integrated Marketplace Project is on schedule consisting of four towers and 
twenty-three workstreams.  Thanks to Trip Doggett (ERCOT) and his sharing lessons learned, SPP has a 
very detailed project plan with an ongoing internal audit.  According to the first audit report, SPP rated a C+.  
This shows that the Integrated Marketplace is succeeding but that there is room for improvement.  
 
FERC 
Mr. Patrick Clarey provided an update on recent FERC activities:  

November 
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FERC Enforcement staff presented its 2011 report on enforcement activities.  The reported noted 
that the Commission approved 9 settlement orders between Enforcement and regulated entities last 
fiscal year, resulting in over $2.9 million in civil penalties and over $2.75 million in disgorgement of 
unjust profits.  Staff closed another 10 investigations with no enforcement action.  Staff opened 12 
investigations, 8 of which concern allegations of market manipulation or false statements to the 
Commission or RTOs and ISOs.  Enforcement staff completed 72 audits last year. 
 
FERC held a Commissioner-led Reliability Technical Conference to explore issues involving EPA 
Regulations and the bulk power system. As a follow-up to this, Federal and State energy regulators 
launched a forum to further explore these reliability issues. The forum, will consist of FERC and 
NARUC members and will coincide with NARUC’s three yearly meetings.   
 
December 
Commissioner Marc Spitzer resigned from FERC effective December 14, 2011. 
 
FERC rejected Duke Energy Corp. and Progress Energy, Inc.’s proposed mitigation plan to remedy 
their merger’s harmful effects on competition, saying it cannot unconditionally approve the merger 
until the applicants remedy the harmful effects on competition previously identified by FERC.  
 
January 
Last week, North Dakota Chair Tony Clark was nominated by the President to fill Marc Spitzer’s seat 
at FERC.  FERC also denied rehearing of its interpretation of the JOA between MISO and SPP. 
 
On January 30, FERC staff issued a White Paper and request for comments on a proposal to 
provide a fair, timely and transparent process for the Commission to advise the Environmental 
Protection Agency (EPA) on requests for extension of time to comply with its Mercury and Air Toxics 
Standards rule.  Comments are due 30 days after publication in the Federal Register.  
 
FERC continues a series of informational conferences to aid stakeholders in the Order No. 1000 
compliance process.   

BUSINESS MEETING 

Approval of RARTF Report 
Mr. Paul Suskie presented the Regional Allocation Review Task Force report (RARTF Report – Attachment  
4). Mr. Suskie stated that the Tariff requires a review of the regional allocation methodology and the zonal 
allocation methodology at least once every three years.  He reviewed the four-step review process, 
presented the RARTF Charter and provided an overview of the RARTF Report unanimously adopted by the 
task force.  Mr. Michael Siedschlag presented a chart to illustrate RARTF’s vision of how this process would 
look in the future (RARTF Chart – Attachment 8).  Mr. Suskie then requested that the Board of Directors 
approve the following recommendation: 

 
The MOPC, RSC & Board of Directors approve the RARTF’s Report and direct SPP staff to 
implement the recommendations and review SPP’s Highway/Byway Cost Allocation 
methodology per SPP OATT. 
 

Tom Wright moved to approve the RARTF Report; Kevin Gunn seconded the motion.  The motion 
passed unanimously.  President Reeves thanked the group for a job well done and the numerous hours 
invested in the process. 
 
Approval of Patricia Salman as 2011 Auditor & Preparation 
Pat Mosier (APSC) provided background and the recommendation to retain Patricia Salman & Associates 
to conduct the annual examination of the financial accounts of the RSC for 2011 as required by 
Section 9, Audits of the Regional State Committee Bylaws and to prepare the related tax returns (RSC 
Auditor – Attachment 5).  Patricia Salman has provided this service since 2006.  Tom Wright moved to 
approve; Mike Siedschlag seconded the motion.  The motion passed unanimously. 
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REPORTS/PRESENTATIONS 
CAWG Report 
Dr. Mike Proctor provided the Cost Allocation Working Group report (CAWG Report – Attachment 6).  Dr. 
Proctor stated that the CAWG has had three recurring items on its agenda:  1) Area Generation Connection 
Task Force (AGCTF) Hub & Spoke Design and associated cost allocation; 2) Timing of transfers for the 
Balanced Portfolio; and 3) obstacles to transmission construction.  Dr. Proctor provided a Hub & Spoke 
update stating that AGCTF is considering two alternative designs for generation interconnection:  Hub only 
and Hub & Spoke.  The CAWG is considering alternative cost allocations, one of which could include 
regional funding. 
 
Dr. Proctor provided Balanced Portfolio history on cost allocation, upgrades, and implementation.  He then 
provided information regarding the transfer mechanism, which would transfer cost from the zonal rate of 
those having less benefits than allocated costs (“deficient zones”) and place those costs in a region-wide 
rate.  There are two interpretations of the Tariff:   

• Interpretation 1 is the total amount of the transfers limited to what is calculated on a present value 
basis over the 10-year period analyzed  

• Interpretation 2 is the total amount of the transfers limited to what is calculated on a per-year basis 
over the 10-year period analyzed  

 
After analyzing these interpretations the CAWG recommends: 
 

The RSC approve that Balanced Portfolio Transfer Payments are determined by the Tariff 
being implemented over a 10 year period calculated on a present value basis. 
 

Tom Wright moved to approve: Mike Siedschlag seconded the motion.  The motion passed 
unanimously.  Dr. Proctor added that the expected SPP filing would be in early April. 
 
Pat Mosier provided a report on the obstacles to transmission construction (Obstacles – Attachment 7).  The 
RSC requested that it be provided with a list of obstacles to construction which could significantly increase 
cost of construction.  The CAWG sent a Request for Information to all SPP Transmission Owners (TOs) to 
provide obstacles both current and expected.  The responses are included in the background and have been 
shared with the Project Cost Working Group (PCWG) who is also pursuing a compilation of data. 
 
Order 1000 

SPCTF on Order 1000 
Paul Suskie provided an overview of SPP compliance requirements for FERC Order 1000 including 
both regional and interregional areas (Order 1000 Compliance Requirements – Attachment 8).  Ricky 
Bittle (AECC) provided a status report on SPCTF on Order 1000 (Order 1000 SPCTF Report – 
Attachment 9).  Mr. Bittle stated that the group made the decision that the Right of First Refusal 
(ROFR) should apply in cases of less than 300 kV.  Other decisions needing to be addressed are 
builder selection, project selection and models for process.  The group also needs to build a rational 
for RPFR<300kV.  The group’s timeline includes receiving a policy level approval from the Board of 
Directors in April, Tariff changes and associated Membership Agreement modifications approval in 
July 2012 and hopefully file with FERC in October 2012.  Mr. Bittle asked the RSC to provide 
guidance or approval that the group is continuing in the right direction.  During discussion, the RSC 
decided that they had not had time to view this material and did not feel prepared to address it at this 
time.  Nick Brown stated that Staff would prepare a White Paper for the RSC regarding compliance 
with FERC Order 1000. 
 
President Reeves stated that he planned to review the distribution and format of materials going 
forward so as to aid participants in meeting preparation. 
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RSC Seams Cost Allocation Consultant (Brattle) Report 
Johannes Pfeifenberger provided an update on the RSC seams cost allocation efforts (Brattle Report 
– Attachment 10).  Mr. Pfeifenberger reviewed his October 2011 report to the RSC and the seven 
building blocks that had been identified.  Since then the Brattle Group has worked with SPP staff, the 
Seams Steering Committee, and stakeholders to achieve buy-in and develop language integrating 
the seven building blocks as well as start applying (conceptually) the framework to candidate seams 
projects.  Following feedback from stakeholders, the final report will be prepared and presented to 
the RSC in April.  
 

ITP10/ITPNT 
Lanny Nickell presented a report on the SPP Transmission Expansion Plan: ITPNT, ITP10 and 2012 STEP 
(ITPNT, ITP10 and STEP – Attachment 11).  Mr. Paul Suskie presented information on the rate impact of 
ITP10/NT using the Rate Impact Task Force method.  After discussion, the following recommendation was 
presented for approval:  
 

MOPC recommends the BOD endorse the “2012 SPP Transmission Expansion Plan” report as 
the documentation of SPP Staff completing the SPP OATT processes including the 
Attachment O transmission planning process and approve the ITPNT and ITP10 projects and 
issue NTCs/ATPs conditioned on completion of the NTC/ATP business practices. 

 
Kevin Gunn (MOPSC) suggested two suggestions when endorsing ITP10: 
 

1. Request that SPP perform a Stability Analysis for SW Missouri, which they did not do this 
cycle, for the next ITP10 

2. Ask for the projects receiving a Notification to Construct with conditions instead receive 
consideration for an Authorization to Plan, as this is the first ITP10 and first time issuing 
an ATP. 

 
Kevin Gunn moved to approve the motion with the two suggestions; Mike Siedschlag seconded the 
motion.  The motion passed unanimously. 
 
Integrated Marketplace Update 
Bruce Rew provided an Integrated Marketplace update (Integrated Marketplace Update – Attachment 12).  
He reviewed the Marketplace’s processes, the program structure, program milestones and participant 
milestones.  Mr. Rew stated that the Integrated Marketplace Scorecard is posted on the SPP website every 
month for reference.  
 
EPA Rules Update 
Michael Desselle provided an EPA Rules update.  He reminded the RSC that Nick Brown sent a letter to the 
EPA in September expressing concerns that using the EPA’s own models and analysis reliability in the SPP 
footprint would be compromised and that members were being placed in the untenable position of choosing 
which agency’s Rules to violate (FERC of EPA).  Mr. Desselle then provided a status report of activities since 
that letter.  The SPC met in October and in January approved the ITP20 Futures.  He noted that Future 1 
(Business As Usual) incorporated the provisions for the EPA regulations (CSAPR, MATS, 316b (water), and 
regional haze).  Mr. Desselle noted that FERC conducted a technical workshop on the EPA Rules in 
November and that in December the EPA finalized its Mercury and Air Toxins Standards Rule (MATS).  The 
Cross State Air Pollution Rule (CSAPR) was to become effective January 1, but the courts have stayed its 
implementation pending court proceedings in April.  The SPP Staff is currently conducting a survey regarding 
how members plan to comply with both the MATS and CSAPR Rules.  From the survey results, analysis will 
be conducted to assess regional reliability and resource adequacy in the SPP footprint.  That effort is to be 
completed by April.  Member compliance plans will form the modeling basis to determine transmission 
expansion changes for a “High Priority” re-evaluation of the 2012 ITP10.  That effort is to be completed by 
April 2013 in synchronization with the regular ITP Planning schedule.   
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ATRR Update 
Paul Suskie provided an update on the Annual Transmission Revenue Requirements (ATTRs) per SPP 
OATT, Attachment H, as requested at the October 2011 RSC meeting (ATTRs – Attachment 13).   Mr. 
Suskie reviewed the current Highway/Byway Cost Allocation method and provided current data as well as 
summaries of upgrades receiving NTCs prior to and after June 2010, Balanced Portfolio with zonal transfers 
and ITP Near Term upgrades.       He also provided ten year ATRR projections by zone.   
 
Scheduling of Next Regular Meeting, Special Meetings or Events: 
President Reeves noted that the next regularly scheduled meeting is on April 23 in Oklahoma City, OK.   
 
With no further business, the meeting adjourned at 5:00 p.m.  
 
Respectfully Submitted,  
 
Paul Suskie 



Regional State Committee
For the Three Months Ending March 31, 2012

Budget vs. Actual

YTD Actuals YTD Budget Variance

Income

        Other Income 139,046         62,750           76,296           

    Total Income 139,046         62,750           76,296           

Expense

        Travel 33,136           27,500           5,636             

        Meetings 4,925             6,250             (1,325)            

        Audit -                 -                 -                 

        Administrative Costs -                 250                (250)               

        RSC Consultant 17,905           28,750           (10,845)          

        Technical Conference -                 -                 -                 

        Seams Cost Allocation 83,080           -                 83,080            

    Total Expense 139,046         62,750           76,296           

Net Income (Loss) -                 -                 -                 



HUB & SPOKE COST 
ALLOCATION BETWEEN LOAD 
AND GENERATION

Presentation to RSC, April 23, 2012Mike Proctor



Background - AGCTF

Hub & Spoke Issue:  Because of potential difficulties 
from having a large number of individual generation 
connections along segments of 345 kV transmission lines 
the MOPC commissioned the Area Generation 
Connection Task Force (AGCTF) to develop an 
approach to resolve these difficulties.
The approach developed by the AGCTF is detailed in 
their Hub & Spoke White Paper and Principles Paper 
(see attached AGCTF slides at MOPC for details).  A 
brief overview of the AGCTF proposals is presented in 
these slides. 
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Background - Definitions

Interconnection Facilities:  Includes both attachment facilities and 
generator leads.
Attachment Facilities: Also called substations, are the facilities 
required to connect a generator to SPP transmission lines that are 
directly attached to the transmission line. 

Stand-Alone: attachment facilities required for an individual generation to 
connect to the SPP transmission lines (e.g., land, 3 ring-bus plus a reactor 
costing $16 M).
Hubs: attachment facilities that allow multiple generators to connect to the 
SPP transmission lines at a single location (e.g., land, multiple buses plus a 
reactor, starting at $18 M and increasing with decreasing cost per added 
connection).

Generator Leads
Stand- Alone: the power lines that run from the generator to the SPP 
transmission lines.
Spokes:  As defined by the AGCTF, a single 345 kV power line that 
extends out from a single interconnection at the hub and to which multiple 
generators are attached. 
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Background – Why Hub Design

Engineering:
Each point of interconnection may require a reactor and each added reactor 
reduces the capacity of the 345 kV transmission lines.

Allowing a large number of individual interconnections could result in the need to add 
additional 345 kV lines to accommodate the deliverability of energy from wind farms 
required to meet renewable energy targets.
To eliminate this problem, since a hub requires only one reactor, the AGCTF 
recommends hubs on all 345 kV Transmission lines and these hubs to be located at 
least 23 miles apart.

Existing interconnection substations on 345 kV lines may be designated as hubs.

Economics:
Having multiple generators interconnect at a hub results in reduced costs 
associated with a reduced number of reactors and breakers compared to 
individual interconnections.
Assuming individual, stand-alone interconnections are located closer to the 
generators, the distances from the generators to the hub will be greater than for 
the sum of the individual interconnections.
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Background – Cost Effectiveness Study

CAWG requested that the AGCTF provide a cost-
effectiveness study of the Hub Design. The results of this 
study are summarized below (details are in the 
Appendix).
Attachment Cost Savings

Total = $262 M
Per Generator = $7.9

Generator Lead Cost Increases
Total = $136 M
Per Generator = $4.1 M

Net Savings
Total = $126 M
Per Generator = $3.8 M

5



Graphic Illustration of Cost 
Effectiveness

6

Stand-Alone
Attachment $ = $16*3 = $48 M
Leads = 11+12+9 = 32 miles
Lead $ = $0.75*32 = $24 M
Total $ = $72 M

Hub Design
Attachment $ = $21 M
Leads = 16.5+17.5+18.5 = 52.5 miles
Lead $ = $0.75*52.5 = $39.375 M
Total $ = $60.375 M

Attachment $ ↓ $27 M
Lead $ ↑ $15.375 M
Total $ ↓ $11.625 M

Over 3 Generator gives 
average savings of $3.9 
M per generator.



AGCTF Question to CAWG

AGCTF recommended to the CAWG that $13 million of 
the cost of each Hub built by SPP be rolled into a 
region-wide rate.
CAWG rejected this proposal because: 

Having generation interconnection costs paid for by load via a 
region-wide rate reflects neither cost causation nor beneficiary 
pays ratemaking principles.  Specific examples:

SPP loads taking greater amounts of renewable energy would be 
subsidized by loads taking lesser amounts of renewable energy.
Exports of generation (e.g., renewable energy) would not have to 
pay their fair share of these uplifted costs.
Market-based generation would not have to pay these uplifted costs.

7



Additional AGCTF Recommendation for 
CAWG Considerations

The AGCTF also recommended that the CAWG to consider 
temporary funding of a portion of generation interconnection 
costs until those costs fall from added interconnections.  

Such funding would most likely be accomplished via a region-wide 
rate and would include payback when costs subsequently decreased.

CAWG rejected temporary funding of generation 
interconnection cost because of the financial risk that 
ratepayers may not receive the payback if:

Additional generators ultimately don’t attach at a hub to reduce costs; 
or
Existing generators default on any payback owed to ratepayers.

8



CAWG Recommendation to RSC

CAWG recommends that the RSC accept a policy 
such that no generation interconnection costs 
associated with hub & spoke design be included in 
the regional transmission rates, and instead be 
assigned to generators.

9



Details of Cost Effectiveness Study

Appendix10



Hub Costs
11



Stand –Alone Attachment Costs
12

$528 M - $266 M = $262 M is an estimate of Attachment Cost Savings.  
Dividing this by 33 generators results in an average savings of $7.9 million.



Added Spoke Costs
13

$136,000,000 is a rough estimate of Shared Spoke Costs.  Dividing this by 
33 generators results in an average added shared spoke cost of $4.1 million.



HUB & SPOKE COST 
ALLOCATION AMONG 
GENERATORS

Presentation to RSC, April 23, 2012Mike Proctor



Cost Allocation Principles

Generators should not be competitively disadvantaged 
relative to one another based on either:

the location of the hub or 
the relative timing of the interconnections at a hub.

At a specific hub, when the overall cost of the hub & spoke 
design is less than the sum of the stand alone costs for the 
same number of interconnections at that hub,

A cost allocation among generators at that hub should not result 
in a higher cost to interconnect for any generator than the cost 
of its stand-alone interconnection.

2



Current Cost Allocation for GIs Does Not Meet 
These Principles

Attachment (Substation) Costs:  Currently, the first GI pays for all of the 
substation costs required for its interconnection.  

If an additional generator connects at the same substation, it is only required to pay 
the incremental costs associated with its interconnection.

In this case, the first generator will be competitively disadvantaged and may end up 
paying more than its stand-alone costs.

Generator Lead Costs:  Currently, each generator arranges and pays 
for the line going from its generator to the substation.  

Because of increased distance to a single substation, generator lead costs are higher 
than from attaching to the nearest point on the 345 kV line. The location of the hub 
would result in larger cost increases for generators whose nearest point on the 345 
kV line are furthest from the hub.

This will result in a competitive disadvantage to those generators who are paying 
larger cost increases for generator leads and may result in them paying more than 
their stand-alone costs.

3



Shared & Assigned Costs

To accomplish these cost allocation principles, the 
CAWG endorses the following cost classification:

Shared Cost:  Hub and Generator Lead Cost that are 
shared on a per connection basis among generator 
interconnections.
Assigned Costs:  Generator Lead Costs that are directly 
assigned to each generator based on the nearest distance 
of that generator to the 345 kV line to which the 
generator is attaching.

4



Hub: Shared Costs

Shared Cost Allocation:  The cost of the hub will be 
shared equally by the generators connecting to a 
specific hub.

Hub Examples:

5



Shared & Assigned Costs for Generator 
Leads: Basic Concept

Cost  estimates for power lines estimate 
miles of lines as the distance between two 
points as the sum of the height and base of 
a right triangle.

The estimated miles of a generator lead is therefore the sum 
of the distance from the nearest point on the 345 kV 
Transmission line to the generator plus the distance from that 
point to the hub.

Assigned Cost – costs of the generator lead from the generator to the nearest 
point on the 345 kV Transmission line.

Shared Cost – costs from the nearest point on the 345 kV Transmission line to the 
hub. 

6



Shared & Assigned Costs for Generator Leads: 
Suggested Definitions

Only 345 kV generator leads are included in cost allocation
Each generator interconnection to a 345 kV line must provide its own 345 kV transformer.

Any lower voltage lines from the generator to the 345 kV transformer are also provided 
by the generator

Shared Generator Lead Costs:
Contribution to Shared Cost equals the distance from the nearest point to the generator’s 
345 kV transformer on the 345 kV Transmission line times the average cost per mile over 
all 345 kV generator leads (a Miles * (Total Line Costs ÷ Total Miles)). 

Shared Costs are allocated equally to each generator.

Assigned Generator Lead Costs: 
Difference between each generators actual generator lead costs and each generators 
contribution to shared costs.

Assigned Costs are directly assigned to each generator.

7



Example of Cost Allocation for 345 kV 
Generator Leads

The above table illustrates the application of shared and 
assigned costs for generator leads to a hub.

The average cost per mile of $752,000 is multiplied by the miles from 
the nearest point on the 345 kV to the hub (a miles) for all three 
generators to get their contributions to shared line costs.  

This total is then allocated equally to each GI customer.

The contribution to shared cost is subtracted from actual costs for each 
generator to determine the assigned costs.

The generator lead charges are the sum of the allocated shared costs 
and the assigned costs. 

8



What Is A Spoke?

The AGCTF has defined a spoke as a 345 kV line 
extending out from the hub to which multiple 
generators are attached.

The AGCTF has determined that attachments to a spoke 
will require 3 ring bus attachment facilities. 

This graphic shows the first generator (G1) 
attaching to the hub via a 345 kV generator 
lead.  

Subsequently generators 2 and 3 attach to 
the initial 345 kV generator lead, and it then 
becomes a spoke.

9



Is the CAWG Endorsed Cost Allocation Applicable to 
Interconnections with Spokes? 

Yes, with a few minor modifications.
First, the costs of all the 345 kV generator leads, including the 
spoke are pooled for generator lead costs for a given hub.
Second, the definition of the shared cost

for the generator leads remains the same using the average costs per mile for the 
pooled generator lead costs; and

includes the costs of the added 3 ring buses.

Third, the assigned generator lead cost are the pooled generator 
lead costs minus the shared generator lead cost.

Assigned costs are allocated in proportion to the nearest distance to the 
345 kV Transmission line from the 345 kV transformers for each 
generator.

10



Example of Cost Allocation for 345 kV 
Generator Leads Involving A Spoke

The above table illustrates the application of shared and assigned costs to a 
hub involving a spoke as illustrated in the diagram on slide 19.

$30 M is the pooled cost for all the 345 kV generator leads including the spoke.  The average cost per mile is 
$750,000 per mile.

This is multiplied by the miles from the nearest point on the 345 kV to the hub (a miles) for each of the three 
generators to get their contributions to shared line costs.  This total is then allocated equally to each GI 
customer.

The remaining line costs are assigned to each generator in proportion to the distance from their 345 kV 
transformers to the nearest point on the 345 kV transmission line. 

11



When Will SPP Use A Spoke Design?

Economic:  Whenever it is most cost-effective to add a 
spoke.

Added costs from 3 ring buses attaching to a spoke
Reduced costs from fewer connections at the hub
Reduced costs from shorter generator leads

Land Use Congestion at a Hub: Whenever it is 
determined that there would otherwise be too many 
generator leads connecting to a single hub.

12



How Do Shared Costs Work?
13

The first generator interconnecting pays SPP the full cost for 
the attachment facilities and generator lead.
The next generator that attaches pays SPP its assigned costs 
plus one half of the shared costs, which in total are more than 
the incremental costs. 

SPP pays back to the first generator the difference between what the 
second generator pays and the incremental costs.
This payback will make the second generators net payment equal to its 
assigned and shared costs.
Interest cost may be added to the assigned cost for the second 
generator.

As additional generators are added to a hub, the above 
process is reapplied.



Conclusions

The CAWG endorses the method for SPP allocation to 
generators of the Hub & Spoke interconnection costs described 
herein and proposes that the RSC consider recommending this 
method to the SPP Board of Directors.
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AGCTF Update to 
MOPC

April 11, 2012

Area Generation Connection Task Force

• AGCTF Charter from the MOPC:
• The Area Generation Connection Task Force (AGCTF) is responsible 

for developing and recommending policy to guide SPP Staff and/orfor developing and recommending policy to guide SPP Staff and/or 
recommendations for Tariff modifications or business practices to 
determine the optimum methods and locations for interconnecting 
generation to the transmission system given the complex situations 
generally prevalent.

• AGCTF has developed a number of Whitepapers and 
Principle documents describing many of these issues and 
proposed solutions.

2
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The Generation Interconnection Issue

• Current practice is that each GI customer independently 
interconnects, and directly pays for all costs, associated 
i h i f i iwith its request for interconnection

• SPP has received multiple requests for interconnection in the 
same geographical area on the same line
• May result in multiple substations in very close proximity to 

each other

• May result in operational issues on the power line

I i d li if li i d• Increase impedance on a line if line reactors are required

• Increased capital and operations and maintenance cost 
associated with multiple substations

3

The Generation Interconnection Issue

• Currently GI customers appear to be reluctant to jointly share 
the same interconnection facilities

O hi i d l t k thi diffi lt• Ownership issues and lease agreements can make this difficult

4
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Definitions

– Generation Hub (Hub) shall mean the interconnection 
substation designated by the Transmission Provider for 
i t ti ti i iinterconnecting generation in a given area. 

– Generation Collector Spoke (Spoke) shall mean the 
transmission line that ultimately connects multiple 
generators to the Hub.  

– Spoke Collector Station shall mean the substation built 
on a Spoke to accommodate the interconnection of a p
Generating Facility to the Transmission System

5

AGCTF Recommendation on Generation Hubs
(Previously Approved by MOPC in April 2011)

• May be established in areas where multiple generators 
wish to interconnect on the same linewish to interconnect on the same line
– Generators would be required to interconnect at Hub 

– This will minimize the number of interconnections on the 
same line

• Existing Substations may qualify as a Hub
– Minimize costs

– Consistent with current Tariff (Attachment V. Section 
4.2.3).

6



4

Generation Hubs

7

Generation Hubs
• Hubs can be identified by:

– ITP process by identifying significant areas of generation 
t ti lpotential

– GI Cluster Study process when multiple generators 
request interconnection in the same geographical area

• Designation of Hubs must be approved by MOPC and 
Board of Directors

8
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Generation Hubs

• Criteria for proposing new Hubs

– Only on lines operating at 300kV or greatery p g g

– Must have at least two GI Customers in close proximity 
to each other (or one additional generator to an existing 
substation that interconnects generation).

– No Hub should be proposed within 23 miles of another 
Hub or existing or planned substation capable of being 
d i t d H bdesignated as a Hub.

– Two different analysis go into decisions to site Hubs

Switching Transients – determine if switching transients need 
to be controlled

Economic – if switching transients are not an issue, determine 
the additional cost of adding substation

9

Generation Hubs

• Existing substations may be designated as Hubs if 
proposed through the process and approved by the 
BOD

• No NTC’s will be issued to build a new Hub until SPP 
has an executed an approved GIA 

– The “in service date” of the Hub will coincide with the in 
service date of the first generator interconnecting at the 
H bHub

• Hubs preferably located and spaced for future 
transmission expansion

10
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Requirements to Interconnect to a Hub

• When a Hub is approved, a GI customer must connect 
to the Hub if directed to do so through the GI process

• GI customer may ask for an exception

– Reasons for Granting: Access to Hub, costs, etc.

– Customer request lies in a “gray area” – can Hub be built 
20 miles from another?

– Must independently fund all related studiesMust independently fund all related studies

– May have its GI request delayed to complete the studies

– If granted, the GI customer is responsible for all 
interconnection costs pursuant to Attachment V

11

Cost Allocation for Generation Hubs
• Being examined by CAWG and RSC

12
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Collector System ‐ Spokes
• To ease potential land pressures at a Hub, a Spoke that 

terminates at the Hub and extends to multiple 
generator facilities may be built at the discretion ofgenerator facilities may be built at the discretion of 
SPP.  

13

AGCTF Motion from February 24th

• AGCTF approved the following motion at its February 24th

meeting 

• “The AGCTF is supportive of moving forward with policy 
development for the development of Spokes.  Such policy 
would apply for the interconnection (300kV +) of multiple 
generators assuming that the SPP region would support the 
cost of the Spoke development until such time that 
generator developers complete their connection through a 
b h l h ldsubscription process.   This policy assumes that SPP would 

be the entity to identify the need for and specifications of 
the Spoke and that generation developers would provide 
some level of initial financial support.”
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Collector System ‐ Spokes

• Spokes may be requested by Generator needing to 
interconnect to an existing or planned Hub.

• If approved, SPP will direct Transmission Owner to 
build the Spoke.

• Spokes are radial lines

• Spokes to be built with “minimum” 345kV 
construction (approx 800‐1000MVA)co st uct o (app o 800 000 )
• Allows spoke to not be “overbuilt”.  Construction would be the 

same for either a 100MW or a 1000MW generator.

• Additional Generators may request to interconnect into the 
Spoke.  

15

Collector System ‐ Spokes

• To accomplish an interconnection on a Spoke, a 
substation, minimum of 3 breaker ring bus or 
Transmission Owner minimum configuration, must be 
built on the Spoke.   (Station @ D)

16
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Collector System – Spoke Configurations

• Daisy Chain Configuration – Allows multiple 
interconnections on Spoke (less of concern on radial 
line) 

17

Collector System – Spoke Configuration

• Common Collector Station – Station connects multiple 
generators

18
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Spokes – Additional Principles

• Number of Spoke Collector Stations will be self‐
limiting due to Spokes being built for 800‐1000MW.  

• Number of Spokes per Hub will be self limiting in 
accordance with how much interconnection capacity is 
available on the interconnecting transmission line

• Connecting one Spoke to another Spoke (Closing the 
Loop) is considered by the AGCTF to be an exception 
to normal practice.  If a situation should occur, the 
issue to be handled by SPP Staff on a case by case 
basis.  

19

Spokes – Cost Allocation

• Being examined by CAWG and RSC

20
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AGCTF Recommendation – Voting Item

• AGCTF recommends that MOPC approve AGCTF 
Principles for Hubs and Spokes as Policy.

– CAWG and RSC will address cost allocation in their April 
meeting cycle.

• AGCTF recommends for MOPC to request RTWG to 
draft appropriate Tariff language and BPWG to 
develop any necessary Business Practice.

21

Carl Huslig

22

ITC Transco
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Report to the 
Regional State Committee

April 23, 2012

COST ALLOCATION WORKING GROUP 
(CAWG)

CAWG REPORT TO RSC

2
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CAWG REPORT TO RSC

CAWG has considered the following on Hub/Spoke Cost Allocation:

A Portion of Hub/Spoke Interconnection Costs be included in Regional 
Tariff

Interconnection Charge be used for Hub/Spoke with temporary funding  
of Costs through Regional Tariff 

Assignment of all Hub/Spoke Interconnection Costs charged to 

3

Assignment of all Hub/Spoke Interconnection Costs charged to 
Generators 

CAWG REPORT TO RSC

CAWG has reviewed and provided input into the Brattle Report:

Seams Cost Allocation:  A Flexible Framework to Support 
Interregional Transmission Planning

4
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CAWG REPORT TO RSC

The Policy Survey distributed reflected a request for that differentiation.

5

CAWG will continue to monitor the Survey Results and the application of 
those results within the ITP10 Planning Process.

CAWG REPORT TO RSC

In the RSC January meeting, the SPC sought RSC support of the TF’s then-current
approach to meet Order 1000 directives to remove Right of First Refusal Provisions
(ROFR) from SPP Tariffs & Agreements. The RSC declined to take a position but directed
CAWG to provide it information on the issues presented

6

CAWG to provide it information on the issues presented.

(1) CAWG understands that the SPC will make a presentation to the RSC on its approved approach at the April meeting.
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CAWG REPORT TO RSC

7

CAWG REPORT TO RSC

Questions:

8

Submitted by:   Pat Mosier
Chairman, CAWG
April 23, 2012
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Order 1000 
RSC Efforts 

April 23, 2012

Commissioner Olan Reeves

Order 1000: Interregional Requirements

RSC TIMELINE
RSC issued RFP for Seams Consultant to analyze

January 2011
RSC issued RFP for Seams Consultant to analyze 
possible Seams Cost Allocation methodologies

June 2011 RSC hires Brattle Group

October 2011
Brattle provides RSC briefing on preliminary 
analysis

Brattle provides RSC briefing on additional analysis

2

January 2012
Brattle provides RSC briefing on additional analysis 
and overview of final report

April 2012 Brattle Group to present Final Report RSC
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RSC Task Force on Order 1000

3

RSC Task Force on Order 1000

The purpose of the RSC Task Force on Order 1000 is to 
explore SPP’s compliance options related to Order 1000’s 
Interregional Cost Allocation Requirements.  The RSC has 
engaged the Brattle Group as a consultant on these issues 
with a report expected in April, 2012.  The Brattle Group 
report can serve as a foundation to explore interregional 
cost allocation options.  Due the April, 2013 compliance 
filing deadline for SPP, completion of the task forces’ work 
will be critical by the end of 2012.  This will allow the task 
force’s recommended option to be presented to the RSC 
and SPP Board of Directors in January, 2013 for the April 
filing at FERC.  

4
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RSC Task Force on Order 1000

• Membership

– 3 RSC Members

– 3 SPP Members

– 1 SPP BOD Member

5

Questions?

6



 

Southwest Power Pool ‐ Regional State Committee   
Task Force on Order 1000 Cost Allocation Requirements 

DRAFT Charter 
April XX, 2012  

 
 

PURPOSE 

Under  Southwest  Power  Pool’s  (SPP)  governance  structure  the  Regional  State  Committee  (RSC)  has 
primarily  responsibility  for cost allocation of  transmission upgrades.   As a  result,  the RSC  is  forming a 
Task Force on FERC’s Order 1000 Interregional Cost Allocation Requirements.  Order 1000 requires RTOs 
to submit compliance filings on the Interregional aspects of Order 1000 by April 2013.    
 
The purpose of  the RSC Task  Force on Order 1000  is  to explore  SPP’s  compliance options  related  to 
Order 1000’s Interregional Cost Allocation Requirements.   The RSC has engaged the Brattle Group as a 
consultant  on  Interregional  Cost Allocation  issues with  a  report  expected  in April  2012.    The Brattle 
Report can serve as a foundation to explore Interregional Cost Allocation options.  Due to the April 2013 
compliance fling deadline for SPP, completion of the task forces work will be critical by the end of 2012.  
This will  allow  the  task  force’s  recommended  option  to  be  presented  to  the  RSC  and  SPP  Board  of 
Directors in January 2013 for an April filing at FERC. 
 
REPRESENTATION 

The RSC Task force on Order 1000 (“RSCTF on Order 1000”) Interregional Cost Allocation Requirements 
will be a seven (7) member task force composed of three (3) representatives of the RSC, three (3) SPP 
Members and one (1) member of the SPP Board of Directors.   
 
A  RSC Member  shall  serve  as  Chair  and  a  SPP Member  shall  serve  as Vice‐Chair.    The  RSC  and  SPP 
Members  representatives  shall  be  appointed  by  the  RSC  President  and MOPC  Chairman  and  shall 
represent  diverse members.    Selection  of  such  representatives  shall  consider,  among  other  factors, 
geography, member  type  and  expertise.    The  Board  of Directors Member  of  the  Task  Force will  be 
appointed by the SPP Board of Directors.   
 
DURATION 

The RSCTF on Order 1000 will be a temporary task force.  It is anticipated that its work will be completed 
by December 31, 2012, though the task force will continue its work until it is completed. 
 
SPP Staff Support 

The SPP Staff shall have at least one individual in attendance for all meetings of the task force to serve 
as  a  Staff  Liaison  and  Secretary  for  the  task  force who will  be  responsible  for  keeping  and  issuing 
minutes  for  the meetings.   Other members of  the  SPP  Staff may be  requested  to assist  in particular 
endeavors of the task force. 
 
REPORTING 

The RSCTF on Order 1000   will provide status  reports  to  the RSC and  the BOD at  least on a quarterly 
basis  at  the  regularly  scheduled meetings.    The  task  force may make  additional  status  reports  as  it 
deems necessary or as requested by the RSC, the MOPC or the BOD.   



 

The RSCTF on Order 1000   will make final recommendations to the RSC and the SPP BOD on what SPP 
should  submit  in  SPP’s  compliance  filing  in  on  FERC  Order  1000’s  Interregional  Cost  Allocation 
requirements.  

The Task Force shall prepare and issue the report by December 31, 2012. 
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No. RTO Regional Requirements
Current Status of 
SPP Compliance

Leads on Compliance 

1(a)

Participate in a regional transmission planning process that
produces a regional transmission plan and complies with 
the Order No. 890 transmission planning principles. [¶ 6, 

146]

 
SPP Complies with 

requirement.
N/A

1(b)

Amend OATT to explicitly provide for the consideration of 
transmission needs driven by Public Policy Requirements 
in both local and regional transmission planning processes.

[¶ 203, 222]
 

Section III.6.k &n of 
Attachment O to the 
SPP OATT considers 

Public Policy 
Requirements.

SPP Legal/Regulatory, Strategic Planning 
Committee, & RTWG:

Consider drafting amendments to Attachment O 
that more directly addressing Public Policy 

requirements in Order 1000.

1(c)

Regional Planning must evaluates transmission alternatives
at the regional level that may resolve the transmission 
planning region’s needs more efficiently and cost‐

effectively than alternatives identified by individual public 
utility transmission providers in their local transmission 

planning processes.  [¶ 6, 146]

 

SPP Complies with 
requirement.

N/A

1(d)
Regional Planning must consider proposed non‐

transmission alternatives on a comparable basis. [¶ 148]
SPP Complies with 

requirement
N/A

Right of First Refusal

2.

Remove from FERC‐jurisdictional tariffs and agreements 
any right of first refusal for an incumbent transmission 
provider to construct transmission facilities identified in 
the regional transmission plan for cost allocation. [¶ 313]

SPP’s OATT has ROFR 
language.  

Strategic Planning Committee, Corporate 
Governance:

Review and consider amendments to SPP 
Membership Agreement & OATT that directly 

address “ROFR.”

Cost Allocation

3.

Include in its OATT a method, or set of methods, for 
allocating the costs of new transmission facilities selected 
in the regional transmission plan for cost allocation. [¶ 

482]

SPP Complies with 
requirement.

N/A



No. Interregional Requirements
Current Status of 
SPP Compliance

Leads on Compliance

1.

Engage in interregional coordination with each neighboring 
transmission planning region within the same 
interconnection to identify and jointly evaluate 

interregional transmission facilities that may more 
efficiently or cost‐effectively address the individual needs 
of each respective local and regional transmission planning 

processes. [¶ 345, 393, 415]

Although SPP has 
Seams Agreements 
with neighboring 

regions, Order 1000 
places additional 
requirements on 

Interregional planning

SPP Engineering & SPP Seams Steering 
Committee:

Review Seams Agreements/Joint Operating 
Agreements.  Develop procedures to comply 

with the interregional coordination 
requirements set forth in Order No. 1000 and to 
develop the same language to be included in 

each public utility transmission provider’s OATT 
that describes the procedures that a particular 
pair of transmission planning regions will use to 
engage in interregional coordination.  OATT 
must still provide enough description so that 
stakeholders can follow how interregional 

transmission coordination will be conducted, 
and the OATT must contain links to the actual 

agreements

Interregional Cost Allocation

2.

Develop, working through its transmission planning region, 
a method or set of methods for allocating the costs of new 
interregional transmission facilities that two (or more) 
neighboring transmission planning regions determine 

resolve the individual needs of each region more efficiently 
and cost‐effectively. [¶ 578]

SPP has no methods for 
allocating costs for  

interregional 
transmission facilities 
with neighboring 

regions 

SPP Regulatory, SPP Seams Steering Committee 
& SPP Regional State Committee:

SPP’s RSC has already engaged the Brattle Group 
to look at Seams Cost Allocation.

3



Order 1000: Organizations on Regional Issues

The SPP BOD:
• Designated the SPC to address Regional Policy Issues 
related to Order 1000

The SPC:
• Established a SPCTF on Order 1000

4



Order 1000: Organizations on Interregional Issues

The SPP RSC:
• has authority on Interregional Cost Allocation
• has established a staff Working Group called Seams 

Cost Allocation Task Force

The SPP Membership:
• have developed the Seams Steering Committee

5
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SPCTF on Order 1000
SPCTF Order 1000 Member Organization

Mel Perkins, Chairman Oklahoma Gas & Electric, Co.

Noman Williams, Member Sunflower Electric Power 
Corporation

Brian Thumm, Member ITC Holdings

Dennis Reed, Member Westar Energy, Inc

Ricky Bittle, Member Arkansas Electric Cooperatives

Todd Fridley, Member Kansas City Power & Light 
Company

Paul Malone, Member Nebraska Public Power District

Terri Gallup, Member America Electric Power

Mitch Elmore, Member Xcel Energy

Michael Desselle, Staff Secretary SPP Staff
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8 Recommendations
I. Recommendation as to the Transmission Upgrades for which SPP 

Should Seek to Retain the Federal ROFR.

II. Recommendation as to What Model SPP Should Use to Select 
Transmission Owners for Projects Without a Federal ROFR.

III. Recommendation as to Transmission Owner Qualification Criteria.

IV. Recommendation as to Changes to SPP’s Membership Agreement and 
OATT to Remove the Federal ROFR.

V. Recommendation as to Application of Order 1000 to Future SPP 
Projects.

VI. Recommendation as to Consideration of Transmission Needs Driven 
by Public Policy.

VII. Recommendation as to Information and Data from Merchant 
Transmission Developers.

VIII. Timeline for Compliance Filing. 3



I. Recommendation as to the Transmission Upgrades for which SPP 

Should Seek to Retain the Federal ROFR.
Voltage/Type of 
Facility/Exclusion

Should SPP Seek to
Retain ROFR?

 
Justification of Maintaining Federal ROFR?

Zonal Upgrades:
100 kV & below

Yes

Funded by the Zone:
Under SPP’s Highway/Byway Cost Allocation Methodology ITP projects that 
are 100 kV and below are funded exclusively by the zone in which they are 
located.   In this manner, they are akin to “local transmission facilities” as 
defined in Order 1000 and therefore are not subject to the requirement to 

eliminate Federal ROFR.

Byway Upgrades:
100 kV – 300 kV

Yes

Multiple Reasons:
(1) 2/3 of these upgrades are funded by zone; (2) SPP is the only RTO in 

which all load serving entities are vertically integrated, thus there is a close 
nexus between load and a duty to serve; and (3) the reliability nature of 

upgrades.

Highway Upgrades:
300 kV & above

No Federal ROFR to be Eliminated

4



I. Recommendation as to the Transmission Upgrades for which 

SPP Should Seek to Retain the Federal ROFR.
Voltage/Type of 
Facility/Exclusion

Should SPP Seek to
Retain ROFR?

 
Justification of Maintaining Federal ROFR?

Generation Interconnection
Upgrades

 
Yes

Order 1000 expressly excludes Generation interconnection upgrades:
Order 1000 indicates that “issues related to the generator interconnection process and 
to interconnection cost recovery are outside the scope of this rulemaking. . . .  This Final 

Rule does not set forth any new requirements with respect to such procedures for 
interconnecting large, small, or wind or other generation facilities.”  See Order 1000 at 

P. 760.

Sponsored Upgrades

Yes, with 
modifications as 

discussed below in §
1.2

Order 1000 appears to exclude SPP’s Sponsored Upgrades:
Sponsored Upgrades do not fall within the definition of “transmission facilities selected 

in a regional transmission plan for purposes of cost allocation” and therefore, the 
requirement to eliminate the Federal ROFR does not apply.  First, Sponsored Upgrades 
are not in the STEP for cost allocation, because the costs associated with Sponsored 

Upgrades are paid by the Project Sponsor.  Thus, at the time that a Sponsored Project is 
included in the STEP, it is not included for purposes of cost allocation.  Additionally, 
Sponsored Upgrades are built at the request of a Project Sponsor; they are not 

“selected pursuant to a transmission planning region’s Commission‐approved regional 
transmission process for inclusion in a regional transmission plan for purposes of cost 

allocation because they are more efficient or cost‐effective solutions to regional 
transmission needs.”  The Order 1000 Federal ROFR mandate, therefore, should not 

apply.  See Order 1000 at P. 63.

Transmission Service 
Upgrades Yes

Order 1000 appears to exclude Transmission Service Upgrades:
Service Upgrades identified through the SPP Aggregate Transmission Service Study 

process do not appear to be subject to the requirement to eliminate the Federal ROFR.  
While Service Upgrades are included in the STEP, and all or a portion of the costs of 
some Service Upgrades may be eligible for allocation under SPP’s Base Plan funding 

(i.e., Service Upgrades associated with a Designated Resource that meet the conditions 
in Section III.B of Attachment J or have obtained a waiver of the requirements), such 

upgrades do not appear to fall within the description of “transmission facilities selected 
in a regional transmission plan for purposes of cost allocation.” See SPP OATT at 

Attachment O § III.7.a. and Attachment J §§ III.B – III.C.
5



I. Recommendation as to the Transmission Upgrades for which SPP 

Should Seek to Retain the Federal ROFR.

Voltage/Type of 
Facility/Exclusion

Should SPP Seek to
Retain ROFR?

 
Justification of Maintaining Federal ROFR?

Upgrades to Existing 
Transmission Facilities 
(Tower Change outs; Re‐

conductoring)

Yes

FERC limitation on Federal ROFR Removal Requirement:
“This Final Rule does not remove or limit any right an incumbent may have 
to build, own and recover costs for upgrades to the facilities owned by an 

incumbent . . . .”  See Order 1000 at P. 319.

Upgrades when state or
local laws or regulations
limit who can site or be 

permitted to build 
transmission facilities

 
 

Yes

FERC limitation on Federal ROFR Removal Requirement:
“Nothing in this Final Rule is intended to limit, preempt, or otherwise 
affect state or local laws or regulations with respect to construction of 

transmission facilities, including but not limited to authority over siting or 
permitting of transmission facilities.” See Order 1000 at P. 227 & Footnote 

231.

Upgrades along existing
incumbent Transmission
Owner Rights‐of‐Way

 
  Yes

FERC limitation on Federal ROFR Removal Requirement:
“Nor does this Final Rule grant or deny transmission developers the ability 
to use rights‐of‐way held by other entities, even if transmission facilities 

associated with such upgrades or uses of existing rights‐of‐way are 
selected in the regional transmission plan for purposes of cost allocation.”

6



II. Recommendation as to What Model SPP Should Use to Select 
Transmission Owners for Projects Without a Federal ROFR.

2.3 Recommended Competitive Solicitation Process to Select Transmission
Owners

The SPCTF recommends that SPP propose to FERC a Competitive Solicitation Model
to select Transmission Owners to construct, own and operate projects that do not
have a Federal ROFR. The SPCTF recommends that SPP use a process similar to the
process outlined in the Draft Transmission Owner Selection Process which is
attached hereto as “Attachment A”. Additionally, a flow chart of the Competitive
Solicitation Process recommended by the SPCTF is attached hereto as “Attachment
B”.

2.4 Recommendation on Development of Detailed Transmission Owner Selection
Criteria

The SPCTF recommends the SPCTF develop in detail the evaluation criteria and
associated scoring needed to evaluate/compare Qualified Transmission Owners
(“QTOs”) that are competing to build transmission projects within SPP’s footprint.
The general process, criteria and scoring is found in Attachment A and B which the
SPCTF recommends be further vetted and developed by the SPCTF by June 2012.

7



II. Recommendation as to What Model SPP Should Use to Select 
Transmission Owners for Projects Without a Federal ROFR.

2.5 Majority/Minority Position

Proponents of the Competitive Solicitation Process, while acknowledging some
weaknesses, believe the proposal: preserves the current ITP process recently
approved by FERC maintaining the open, transparent and collaborative planning
process; keeps the “need” component separated from the “construction”
component thereby facilitating that the most cost‐effective solutions are built;
establishes only one competitive process for SPP staff to manage; and, has the
least amount of Tariff work of all the options considered by the Task Force.

Opponents believe that the Competitive Solicitation approach is complex and
potentially creates unintended drivers; relies on SPP planning staff and incumbent
transmission owner for ideas and solutions to problems consequently not incenting
stakeholders solutions and providing an unfair advantage for incumbents; imposes
construction bidding expertise on SPP staff and processes contributing to increased
SPP staffing and to delays in construction; and is incompatible with current NTC‐C
process.

For the comprehensive comparisons, see the following link:
http://www.spp.org/publications/SPCTFOrder1000‐030812.pdf. 8

http://www.spp.org/publications/SPCTFOrder1000-030812.pdf


III. Recommendation as to Transmission Owner Qualification 
Criteria.

3.1 Recommended Transmission Owner Qualification Criteria

The SPCTF recommends that SPP’s compliance filing for Order 1000 contain Transmission 
Owner qualification criteria that must be met before a potential transmission owner can 
participate in SPP’s Competitive Solicitation Process described in Sections 2.2 and 2.3 above.  
The Transmission Owner qualification criteria would apply only to those entities seeking to 
construct, own, and operate transmission projects that are subject to the SPP Competitive 
Solicitation Process.  The general basis upon which the SPCTF make its recommendation for 
Transmission Owner qualification criteria is the existing process outlined in Attachment O 
§ VI.6 of the SPP OATT.  These are:  

(1) Threshold eligibility criteria:  The recommended threshold eligibility criteria would 
include, at a minimum, some level of proof by an Applicant Transmission Owner (“ATO”) that 
the ATO has the legal authority under state law to construct facilities within a state in which a 
project will be built and some level of assurance that the ATO is or will be a member of SPP.  

(2) Financial criteria:  The recommended financial eligibility criteria would include certain 
creditworthiness requirements.

(3) Managerial criteria:  The recommended managerial eligibility criteria would require an 
ATO to demonstrate certain managerial expertise.

9



IV.  Recommendation as to Changes to SPP’s Membership 
Agreement and OATT to Remove the Federal ROFR.

4.2 Recommended Change to SPP’s OATT 

The SPCTF recommends that the following sections of SPP’s OATT
be amended to remove the Federal ROFR as stated below.

A. SPP OATT, Attachment O – Section VI(1) & (4)

* * * ** 

As a result, the SPCTF recommends that SPP modify these
sections to comply with Order 1000 in a manner that is
consistent with this Report.

The SPCTF recommends that the RTWG draft the specific
language for approval by the SPP Board of Directors during
SPP’s current meeting cycle by June 30, 2012.

10



V. Recommendation as to Application of Order 1000 to Future 
SPP Projects.

5.1  Recommendation as to Which Facilities Will Be Subject 
to Order 1000 Requirements

The SPCTF recommends that SPP propose that the effective
date of its Order 1000 compliance filing be the date FERC
issues an order accepting the compliance filing, with the first
developer qualification process beginning in the summer
(June) thereafter. The SPCTF therefore recommends that the
requirements of Order 1000 apply to all transmission
facilities subject to Federal ROFR elimination that are
approved for construction in the first STEP Report that is
issued following the first developer qualification process, and
for all facilities approved thereafter for which Federal ROFR
has been eliminated.

11



VI. Recommendation as to Consideration of Transmission 
Needs Driven by Public Policy.

• 6.3 Recommendation as to How SPP Should Handle Public Policy under Order
1000.

• The SPCTF recommends that SPP rely primarily on its existing OATT language
regarding transmission needs driven by public policy requirements as discussed
above. Rather than revising the OATT to provide explicitly for the consideration
of transmission needs driven by public policy goals, the SPCTF recommends that
SPP remain open to considering public policy goals through the language in
Attachment O that allows for “Other input requirements identified during the
stakeholder process” (see Attachment O § III.6.o).

• The SPCTF recommends that the RTWG, in consultation with the TWG and the
Economic Studies Working Group (“ESWG”), examine the existing OATT language
to determine if any minor revisions are required to ensure that SPP complies
with the requirements in paragraphs 205‐211 of Order 1000 to establish
procedures to: (1) identify transmission needs driven by public policy; (2) identify
potential solutions to meet those needs; and (3) post information on the SPP
website relating to public policy transmission planning.

12



VII. Recommendation as to Information and Data from 
Merchant Transmission Developers.

7.1 Recommended Information and Data that Merchant Transmission Developers that Do
Not Participate in SPP Planning and Cost Allocation Should Be Required to Provide to SPP.

The SPCTF recommends that SPP seek FERC’s approval to require that merchant developers
provide certain information and data to SPP. While Order 1000 does not expressly define
"merchant developers", the Order states that merchant facilities are facilities that are not
subject to the evaluation and selection processes that apply to transmission facilities for
which regional cost allocation is sought and that merchant transmission developers assume all
financial risk for developing and constructing the transmission project. [PP. 163‐165] The
SPCTF recommends that SPP consider any transmission facility within and/or interconnecting
to the SPP Region that the builder does not intend to place under SPP's control under the SPP
OATT to be "merchant facilities" for the purposes of the information and data requirements.
While the language of Order 1000 could be read to include Sponsored Upgrades as defined in
the SPP OATT (i.e., sponsor assumes financial risk and is not part of the evaluation process),
because “Sponsored Upgrades” will be placed under SPP’s control under the SPP OATT, the
SPCTF recommends that entities proposing to construct "Sponsored Upgrades" as defined in
the SPP OATT will be subject to all of the requirements applicable to other Transmission
Owners participating in the SPP transmission planning process. The SPCTF recommends that
SPP’s TWG review existing SPP practices and policies in order to recommend the specific
information and data SPP should require merchant transmission developers to provide to SPP.

13



VIII. Timeline for Compliance Filing.
SPCTF Report Implementation Requirement

Responsible 

Stakeholder 

Group(s)

Deadline

1 Endorsement of SPCTF on Order 1000 Report SPC & BOD April 2012

2

Development of Transmission Owner Selection Criteria for a Competitive 

Solicitation Process

(See §§ 2.3 & 2.4)

SPCTF  June 30, 2012

3

Development of Transmission Owner Qualification Criteria & TO Managerial 

Experience Criteria

(See §§ 3.1 & 3.2)

SPCTF June 30, 2012

4
Development of Transmission Owner Creditworthiness Criteria

(See § 3.1)
Finance Committee June 30, 2012

5
Drafting & Approval of Language to Remove ROFR in Membership Agreement

(See § 4.1)

SPCTF, CGC, MOPC, & 

BOD

SPCTF – April 30, 2012

CGC – May 2012

MOPC & BOD - July 2012

6
Drafting & Approval of Language to Remove ROFR in OATT

(See § 4.2)

RTWG, MOPC, & SPP 

BOD

RTWG – June 30, 2012

MOPC & BOD - July 2012

7

Review and Drafting of Recommended Language on Public Policy 

Requirements of Order 1000

(See § 6.3)

RTWG, MOPC, & SPP 

BOD

RTWG – June 30, 2012

MOPC & BOD - July 2012

8

Review and Draft Information and Data SPP Will Propose to Require Merchant 

Transmission Developers to Provide to SPP

(See § 7.1)

TWG June 30, 2012

9
Drafting and Endorsement/Approval of Tariff Language for SPP’s Order 1000 

Regional Compliance Filing
RTWG RTWG – August 31, 2012

10
Review and Approval of RTWG’s Language for SPP’s Order 1000 Regional 

Compliance Filing 
MOPC & BOD September 31, 2012

11
Parallel Work of Drafting SPP’s Order 1000 Compliance Filing Letter for 

Regional Requirements
SPP Staff October 11, 2012
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Southwest Power Pool 
Report of the SPC Task Force on Order 1000 

INTRODUCTION: 
 

On July 21, 2011, the Federal Energy Regulatory Commission (“FERC”) issued Order 
1000.  Per the Order, public utility transmission providers1 must either amend their open 
access transmission tariffs (“OATT”) to comply with the requirements of Order 1000 or 
demonstrate how their existing OATT provisions already comply.2   

In response to Order 1000, the Southwest Power Pool, Inc. (“SPP”) Board of Directors 
tasked SPP’s Strategic Planning Committee (“SPC”) with leading SPP’s response to the 
regional policy requirements contained in Order 1000.  After initial meetings of the SPC 
to discuss the requirements of Order 1000, the SPC formed the SPC Task Force on 
Order 1000 (“SPCTF”) to examine SPP’s existing OATT to determine whether SPP’s 
current transmission planning and cost allocation provisions comply with the Order 1000 
requirements and whether additional revisions will be necessary.  Further, the SPCTF 
was tasked with proposing how SPP should respond in its compliance filing with FERC. 

The following are the members of the SPCTF: 

SPCTF Member Organization 

Mel Perkins, Chairman Oklahoma Gas & Electric, Co. 

Noman Williams, Member Sunflower Electric Power Corporation 

Brian Thumm, Member ITC Holdings 

Dennis Reed, Member Westar Energy, Inc 

Ricky Bittle, Member Arkansas Electric Cooperatives 

Todd Fridley, Member Kansas City Power & Light Company 

Paul Malone, Member Nebraska Public Power District 

Terri Gallup, Member America Electric Power 

Mitch Elmore, Member Xcel Energy 

Michael Desselle, Staff Secretary SPP Staff 

  

 

 

                                                 
1  SPP is a public utility transmission provider.   
2   Order No. 1000 at P 795.  

2 



Southwest Power Pool 
Report of the SPC Task Force on Order 1000 

AREAS IN WHICH SPP DOES NOT COMPLY 

A review of SPP’s existing practices and the regional requirements contained in Order 
1000 shows that SPP largely complies with Order 1000’s regional requirements.  This 
Report of the SPCTF contains the SPCTF’s recommendation on how to comply with the 
requirements of Order 1000 with which SPP currently does not comply or partially 
complies.    

COMPLIANCE DEADLINES OF ORDER 1000 

FERC Order 1000 has different filing deadlines for Order 1000’s regional and 
interregional requirements:  

Regional Compliance Filing:  Compliance filings addressing the Order 1000 regional 
transmission planning and cost allocation requirements must be submitted to FERC by 
October 11, 2012.  

Interregional Compliance Filing:  Compliance filings addressing the interregional 
coordination and cost allocation requirements of Order 1000 are due by April 11, 2013. 

Therefore, if SPP is to maintain its regular planning cycle of quarterly meetings to meet 
FERC’s Order 1000 filing deadlines, SPP must approve the regional compliance filing at 
the SPP Board of Directors’ July 2012 meeting and interregional compliance filing at the 
SPP Board of Directors’ January 2012 meeting.3 

                                                 
3  The SPCTF recommends that SPP seek a 60-day extension for FERC Order 1000’s regional 
filing compliance deadline.  See § 8.1   
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EXECUTIVE SUMMARY 

SPP evaluated Order 1000 to determine SPP’s level of compliance with the new 
requirements.  Through collaborative stakeholder meetings, SPP and the SPCTF 
worked to develop the SPCTF policy recommendations on how SPP should comply with 
the Order 1000 requirements with which SPP currently does not comply or partially 
complies. The SPCTF identified seven specific areas where decisions were needed.  
These recommendations are intended to be the product of a broader SPC 
recommendation to the SPP Board of Directors for its consent and approval.   

The first topic for decision by the SPCTF relates to Order 1000’s General Requirement 
to Eliminate Rights of First Refusal from FERC-jurisdictional Tariffs and Agreements.  
The focus of this requirement is transmission facilities that are evaluated at the regional 
level and selected in the regional plan for purposes of cost allocation, as opposed to 
facilities that are planned exclusively in the public utility transmission provider’s local 
planning process and simply “rolled-up” and listed in the regional transmission plan for 
informational purposes and analysis. SPP reviewed the requirements of Order 1000 
relating to a Federal Right of First Refusal (“ROFR”) and evaluated SPP’s existing 
methods of assigning construction and ownership responsibilities for transmission 
upgrades under SPP’s Membership Agreement and SPP’s OATT.  The SPCTF 
unanimously recommends that SPP seek to retain the Federal ROFR for every category 
of transmission facility upgrades except “Highway Upgrades” (300 kV and above, 
regionally-funded transmission facilities).   

The second topic for decision by the SPCTF relates to Order 1000’s:  General 
Requirement to Eliminate Rights of First Refusal from FERC-jurisdictional Tariffs and 
Agreements.  Order 1000 requires that the selection of a Transmission Owner to 
construct, own, and maintain an upgrade must provide comparable and 
nondiscriminatory treatment to incumbent transmission owners and non-incumbent 
transmission developers.  The SPCTF has identified essentially three potential options 
for transmission owner selection: 1) a project sponsorship model; 2) a competitive 
solicitation model; and 3) a model that was not defined in Order 1000.  The SPCTF 
invited stakeholders to submit potential builder selection models to the SPCTF for 
consideration. After reviewing each proposal and conducting extensive discussions on 
the proposed models over the course of several meetings, the SPCTF recommends that 
SPP use a Competitive Solicitation Process to select builders for projects that do not 
have a Federal ROFR.  The SPCTF’s decision was not unanimous, with two entities not 
supporting the majority decision and instead supporting a “planning-only” sponsorship 
model.   

The third topic for decision by the SPCTF relates to Order 1000’s requirement for   
Transmission Owner Qualification Criteria.  Order 1000 requires each public utility 
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transmission provider to revise its OATT to demonstrate that the regional transmission 
planning process in which it participates has established appropriate qualification 
criteria for determining an entity’s eligibility to propose a transmission project for 
selection in the regional transmission plan for purposes of cost allocation, whether that 
entity is an incumbent transmission provider or a non-incumbent transmission 
developer. The SPCTF unanimously recommends that SPP’s compliance filing contain 
Transmission Owner qualification requirements that must be met before a potential 
Transmission Owner can participate in SPP’s Competitive Solicitation Process.  
Recommended Transmission Owner qualification criteria include:  

1. Threshold eligibility criteria that will be developed by the SPCTF; 

2. Financial criteria that will be developed by SPP’s Finance Committee; and 

3. Managerial criteria that will be developed by the SPCTF demonstrating ability to 
site, construct, own and operate transmission projects.  

The fourth topic for decision by the SPCTF relates to Order 1000’s Changes to SPP’s 
Membership Agreement and OATT.  The SPCTF unanimously recommends that 
Section 3.3(b) and (c) of SPP’s Membership Agreement be amended to remove the 
Federal ROFR.  Additionally the SPCTF unanimously recommends that Attachment O 
to SPP’s OATT, referencing SPP’s Transmission Expansion Plan (“STEP”) and 
Integrated Transmission Plan (“ITP”) processes, be amended to remove the Federal 
ROFR. 

The fifth topic for decision by the SPCTF relates to Order 1000’s Requirement to 
Determine the Application of Order 1000 to Future SPP Projects.  The requirements of 
Order 1000 are intended to apply to new transmission facilities.  Each public utility 
transmission provider must explain in its regional compliance filing how it will determine 
which facilities in its local and regional planning processes will be subject to Order 1000.  
The SPCTF unanimously recommends that Order 1000 requirements would become 
effective on the date that FERC issues an order accepting SPP’s compliance filing, with 
the first Transmission Owner qualification process beginning in the summer (June) 
thereafter.  Further, the SPCTF unanimously recommends that the applicability of Order 
1000 is to all transmission facilities for which Federal ROFR has been eliminated that 
are approved for construction in the first STEP Report issued following the first 
Transmission Owner qualification process, and for all facilities approved thereafter for 
which Federal ROFR has been eliminated.   

The sixth topic for decision by the SPCTF relates to Order 1000’s Requirement to 
Consider Transmission Needs Driven by Public Policy. Transmission providers are 
required to amend their OATTs to describe procedures that provide for the 
consideration of transmission needs driven by public policy requirements in their local 
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and regional transmission planning processes or to demonstrate how existing OATT 
provisions comply.  The SPCTF unanimously recommends that SPP’s currently 
effective OATT generally complies with the requirement through the language in 
Attachment O that requires consideration of “Renewable energy standards,” (see 
Attachment O § III.6.k), “Other relevant environmental or government mandates,” (see 
Attachment O § III.6.n), and “Other input requirements identified during the stakeholder 
process” (see Attachment O § III.6.o).  Further, the SPCTF recommends that the 
Regional Tariff Working Group (“RTWG”) examine the existing SPP OATT language to 
determine if any minor revisions might be required to comply with Order 1000. 

The seventh and final topic for decision by the SPCTF relates to Order 1000’s 
Requirement for Information and Data from non-participating Merchant Transmission 
Developers.  Order 1000 requires that public utility transmission providers include in 
their compliance filings the type of information and data that merchant transmission 
developers must provide to the regional planning process when the merchant developer 
does not intend to participate in the planning process or seek to recover costs through 
the regional cost allocation mechanism(s).  The SPCTF unanimously recommends that 
SPP seek FERC’s approval to require merchant developers provide certain information 
and data to SPP.  Therefore, the SPCTF recommends that the SPP Transmission 
Working Group (“TWG”) should develop a recommendation of information that merchant 
transmission developers should be required to provide SPP. 
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RECOMMENDATION OF THE SPCTF  

I. Recommendation as to the Transmission Upgrades for which SPP Should 
Seek to Retain the Federal ROFR.  

II. Recommendation as to What Model SPP Should Use to Select 
Transmission Owners for Projects Without a Federal ROFR. 

III. Recommendation as to Transmission Owner Qualification Criteria. 

IV. Recommendation as to Changes to SPP’s Membership Agreement and 
OATT to Remove the Federal ROFR. 

V. Recommendation as to Application of Order 1000 to Future SPP Projects. 

VI. Recommendation as to Consideration of Transmission Needs Driven by 
Public Policy. 

VII. Recommendation as to Information and Data from Merchant Transmission 
Developers. 

VIII. Timeline for Compliance Filing. 
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SECTION I:  

Recommendation as to the Transmission Upgrades for which SPP Should Seek to 
Retain the Federal ROFR. 

ORDER 1000 REQUIREMENT:  General Requirement to Eliminate 
Federal ROFR from FERC-jurisdictional Tariffs and Agreements: Public 
utility transmission providers must remove from their OATTs or other 
FERC-jurisdictional tariffs and agreements any provisions that grant a 
federal ROFR for Incumbent transmission providers with respect to 
transmission facilities that are selected in a regional transmission plan for 
purposes of cost allocation.4  [P. 313]  The focus of this requirement is 
transmission facilities that are evaluated at the regional level and selected 
in the regional plan for purposes of cost allocation, as opposed to facilities 
that are planned exclusively in the public utility transmission provider’s 
local planning process and simply “rolled-up” and listed in the regional 
transmission plan for informational purposes and analysis.  [P. 318 and 
n.299] This requirement does not apply to the right of an incumbent utility 
to build, own, and recover costs for upgrades to its existing transmission 
facilities, and does not alter an incumbent transmission provider’s use and 
control of existing rights of way, even if such upgrades or facilities on 
existing rights-of-way are selected in the regional transmission plan for 
purposes of cost allocation.  [P. 319] 

SPCTF Recommendation on Federal ROFR 

1.1  Recommendation on the Upgrades for which SPP Should Seek to Retain 
the Federal ROFR. 

After reviewing the requirements of Order 1000 relating to a Federal ROFR and 
evaluating SPP’s existing methods of assigning construction and ownership 
responsibilities for allocating costs for transmission upgrades under SPP’s Membership 
Agreement and OATT, the SPCTF recommends that SPP provide justification for the 
Federal ROFR as described below: 

 

 

                                                 
4  Order 1000 continues to permit an incumbent transmission provider to meet its reliability needs or 
service obligations by choosing to build new transmission facilities that are located solely within its retail 
distribution service territory or footprint and that are not included in the regional transmission plan for cost 
allocation.  [P. 262]  
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Voltage/Type of 
Facility/Exclusion 

Should SPP 
Seek to 

Retain ROFR? 
Justification of Maintaining Federal ROFR? 

Zonal Upgrades: 
100 kV & below 

Yes 

Funded by the Zone: 
Under SPP’s Highway/Byway Cost Allocation Methodology ITP 
projects that are 100 kV and below are funded exclusively by 
the zone in which they are located.   In this manner, they are 
akin to “local transmission facilities” as defined in Order 1000 
and therefore are not subject to the requirement to eliminate 

Federal ROFR. 

Byway Upgrades: 
100 kV – 300 kV 

Yes 

Multiple Reasons: 
(1) 2/3 of these upgrades are funded by zone; (2) SPP is the 
only RTO in which all load serving entities are vertically 

integrated, thus there is a close nexus between load and a duty 
to serve; and (3) the reliability nature of upgrades. 

Highway Upgrades: 
300 kV & above 

No  Federal ROFR to be Eliminated 

Generation 
Interconnection 

Upgrades 
Yes 

Order 1000 expressly excludes Generation interconnection 
upgrades: 

Order 1000 indicates that “issues related to the generator 
interconnection process and to interconnection cost recovery 
are outside the scope of this rulemaking. . . .  This Final Rule 
does not set forth any new requirements with respect to such 
procedures for interconnecting large, small, or wind or other 

generation facilities.”  See Order 1000 at P. 760. 

Sponsored 
Upgrades 

Yes, with 
modifications 
as discussed 
below in § 1.2 

Order 1000 appears to exclude SPP’s Sponsored Upgrades: 
Sponsored Upgrades do not fall within the definition of 

“transmission facilities selected in a regional transmission plan 
for purposes of cost allocation” and therefore, the requirement 
to eliminate the Federal ROFR does not apply.  First, Sponsored 
Upgrades are not in the STEP for cost allocation, because the 
costs associated with Sponsored Upgrades are paid by the 

Project Sponsor.  Thus, at the time that a Sponsored Project is 
included in the STEP, it is not included for purposes of cost 
allocation.  Additionally, Sponsored Upgrades are built at the 

request of a Project Sponsor; they are not “selected pursuant to 
a transmission planning region’s Commission‐approved regional 
transmission process for inclusion in a regional transmission 
plan for purposes of cost allocation because they are more 
efficient or cost‐effective solutions to regional transmission 
needs.”  The Order 1000 Federal ROFR mandate, therefore, 

should not apply.  See Order 1000 at P. 63. 

Transmission 
Service Upgrades 

 
Yes 

Order 1000 appears to exclude Transmission Service 
Upgrades: 

Service Upgrades identified through the SPP Aggregate 
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Transmission Service Study process do not appear to be subject 
to the requirement to eliminate the Federal ROFR.  While 

Service Upgrades are included in the STEP, and all or a portion 
of the costs of some Service Upgrades may be eligible for 

allocation under SPP’s Base Plan funding (i.e., Service Upgrades 
associated with a Designated Resource that meet the 

conditions in Section III.B of Attachment J or have obtained a 
waiver of the requirements), such upgrades do not appear to 
fall within the description of “transmission facilities selected in 
a regional transmission plan for purposes of cost allocation.” 
See SPP OATT at Attachment O § III.7.a. and Attachment J 

§§ III.B – III.C. 
 

Upgrades to 
Existing 

Transmission 
Facilities (Tower 
Change outs; Re‐
conductoring) 

Yes 

FERC limitation on Federal ROFR Removal Requirement: 
“This Final Rule does not remove or limit any right an 

incumbent may have to build, own and recover costs for 
upgrades to the facilities owned by an incumbent . . . .”  See 

Order 1000 at P. 319. 

Upgrades when 
state or local laws 
or regulations limit 
who can site or be 
permitted to build 

transmission 
facilities 

Yes 

FERC limitation on Federal ROFR Removal Requirement: 
“Nothing in this Final Rule is intended to limit, preempt, or 

otherwise affect state or local laws or regulations with respect 
to construction of transmission facilities, including but not 
limited to authority over siting or permitting of transmission 

facilities.” See Order 1000 at P. 227 & Footnote 231. 

Upgrades along 
existing incumbent 

Transmission 
Owner Rights‐of‐

Way 

Yes 

FERC limitation on Federal ROFR Removal Requirement: 
“Nor does this Final Rule grant or deny transmission developers 
the ability to use rights‐of‐way held by other entities, even if 
transmission facilities associated with such upgrades or uses of 
existing rights‐of‐way are selected in the regional transmission 

plan for purposes of cost allocation.” 
 

1.2  RECOMMENDED ADDITIONS TO SPONSORED UPGRADES5 

With respect to Sponsored Upgrades as defined in the SPP OATT, the SPCTF 
recommends that SPP establish in its OATT three categories of “Sponsored Upgrades”  
that are funded directly by a SPP stakeholder.  These categories are: (1) a 
Transmission Owner proposes to fund (sponsor) an upgrade on its own system that the 
Transmission Owner/sponsor will construct, own, and operate; (2) a Transmission 

                                                 
5  For purpose of clarification, the term “Sponsored Upgrade” in the context herein, is describing 
SPP’s existing OATT provision that allows a stakeholder to build a transmission upgrade that the 
stakeholder will fund. This type of upgrade is not to be confused with the “sponsorship model” suggested 
in Order 1000.  
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Owner or other stakeholder proposes to fund (sponsor) an upgrade on another 
Transmission Owner’s system that the sponsor will construct, own, fund, and operate; 
and (3) a Transmission Owner or other stakeholder proposes to fund (sponsor) an 
upgrade on facilities not owned by the sponsor, and not construct, own and operate the 
upgrade.6  The SPCTF recommends that these categories of upgrades be addressed in 
SPP’s compliance filing as follows:   

Category Summary Who Builds 

(1) a Transmission Owner 
proposes to fund (sponsor) 
an upgrade on its own 
system that the proposing 
sponsor will fund, construct, 
own, and operate. 

This is the same process 
that is currently in SPP’s 
OATT.  This process has 
been used by SPP 
members. 

Sponsor Builds. 

(2) a Transmission Owner or 
other stakeholder proposes 
to fund (sponsor) an upgrade 
on another Transmission 
Owner’s system that the 
proposing sponsor will fund, 
construct, own, and operate. 

This would be a process in 
which a stakeholder 
proposes to fund (sponsor) 
and construct, own, fund, 
and operate a new 
transmission facility on 
another Transmission 
Owner’s system. 

Sponsor Builds. 

(3) a Transmission Owner or 
other stakeholder proposes 
to fund (sponsor) an upgrade 
on facilities not owned by the 
sponsor, and not construct, 
own and operate the 
upgrade.   

This would be a process in 
which a stakeholder 
proposes to fund but NOT 
construct, own, and operate 
an upgrade on another 
Transmission Owner’s 
facilities. 

Use existing SPP 
processes.   

 

 

                                                 
6  The SPCTF notes that these recommended changes do not change the obligations Transmission 
Owners have to meet other SPP requirements. 
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SECTION II:  

Recommendation as to What Model SPP Should Use to Select Transmission 
Owners for Projects Without a Federal ROFR. 

ORDER 1000 REQUIREMENT:  General Requirement to Eliminate 
Federal Rights of First Refusal from FERC-jurisdictional Tariffs and 
Agreements: Upon the elimination of a federal ROFR, Order 1000 requires 
that public utility transmission providers provide comparable and 
nondiscriminatory treatment to incumbent transmission owners and non-
incumbent transmission developers in the selection of transmission 
facilities and identification of developers to build those facilities.  Order 
1000 suggests at least two options under which this requirement can be 
met – a sponsorship model and a competitive solicitation model.   

Sponsorship Model - In the Notice of Proposed Rulemaking that resulted 
in Order 1000, FERC expressly proposed that an entity that proposes or 
“sponsors” a project in the regional planning process would be granted the 
right to build the project if it is selected in the regional transmission plan. In 
Order 1000, FERC decided not to adopt its proposal that would give a 
project sponsor the federal right to construct and own a transmission 
facility it sponsored in the regional planning process.  However, while 
Order 1000 did not mandate a sponsorship model, neither did it prohibit 
such an approach to determining which entity will construct a project in the 
regional transmission plan for purposes of cost allocation.  Order 1000 
arguably contemplates that an appropriately designed, nondiscriminatory 
sponsorship model may satisfy the mandate to eliminate federal ROFR 
and facilitate non-incumbent transmission developer participation in the 
regional transmission planning process. 

Competitive Solicitation Model - Throughout Order 1000, FERC indicated 
that transmission planning regions may adopt a competitive solicitation 
process to identify transmission projects and developers to build those 
projects.  While Order 1000 provided very little guidance on the design of 
a competitive solicitation process for selecting transmission projects and 
developers, such a process can be developed to comply with Order 1000.  

2.1  Background Information on Transmission Owner Selection Model Options 

The SPCTF has identified three potential options for Transmission Owner selection, as 
discussed in more detail below: 

12 



Southwest Power Pool 
Report of the SPC Task Force on Order 1000 

(1) Project Sponsorship Model: Projects for which Federal ROFR has been 
eliminated will be assigned to the entity that proposed or “sponsored” the project 
in the SPP planning process; 

(2) Competitive Solicitation Model: Each project selected in the SPP planning 
process for which Federal ROFR has been eliminated will be subject to 
competitive bidding by qualified entities, with the winner to be selected by SPP 
on the basis of criteria set forth in the SPP OATT and Business Practices; or 

(3) Other: SPP and its stakeholders develop a different process for selecting which 
entity will construct each project selected in the SPP planning process. 

(1) Project Sponsorship Model 
 
Throughout Order 1000, FERC repeatedly refers to project “sponsors”7,  suggesting that 
a nondiscriminatory sponsorship model may satisfy the requirements of Order 1000.  

Under a sponsorship model, an entity seeking to construct transmission projects in the 
SPP planning process would first need to demonstrate its eligibility to participate in the 
SPP planning process by satisfying a series of qualification criteria set forth in the SPP 
OATT.  [See Section III below.] Order 1000 requires each regional planning process to 
develop qualification criteria “for determining an entity’s eligibility to propose a 
transmission project for selection in the regional transmission plan for purposes of cost 
allocation, whether that entity is an incumbent transmission provider or a non-incumbent 
transmission developer.”8  SPP can tailor the qualification criteria to ensure that only 
qualified entities are permitted to propose projects and be designated as the designated 
Transmission Owner if the project is selected in the SPP planning process. 

If SPP opts for a sponsorship approach, its process would need to accommodate 
changes such as if a selected project is modified from its original proposal; two 
sponsored projects are combined into a single project; or SPP selects a project that 
does not have a sponsor in the planning process. 

                                                 
7  See, e.g., Order 1000 at P. 267 (“The Commission recognizes that there may be circumstances 
when an incumbent transmission provider may be called upon to complete a transmission project that it 
did not sponsor. . . . There also may be situations in which an incumbent transmission provider has an 
obligation to build a project that is selected in the regional transmission plan for purposes of cost 
allocation but has not been sponsored by another transmission developer.”); Id. at P. 332 (“The 
Commission also requires that a nonincumbent transmission developer must have the same eligibility as 
an incumbent transmission developer to use a regional cost allocation method or methods for any 
sponsored transmission facility selected in the regional transmission plan for purposes of cost allocation.”)  
8  Id. at P. 323. 
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(2)  Competitive Solicitation Model 
 
Order 1000 provided very little guidance on the design of a competitive solicitation 
process for selecting transmission owners to construct projects.  However, SPP could 
use as a basis for a competitive solicitation model its current process for selecting an 
alternate entity to build a transmission facility if the designated Transmission Owner is 
unable or unwilling to construct an assigned transmission facility set forth in Section VI.6 
of Attachment O to SPP OATT and SPP Business Practice 7150.  Any entity seeking to 
bid on a project in the SPP planning process would be required to satisfy the 
qualification criteria required by Order 1000. 

(3) Other 
 
The two options identified above are not the only potential options to address the issue 
of transmission construction and ownership assignment in the SPP planning process.  It 
is possible that SPP and its stakeholders could establish a process that combines 
elements of the sponsorship and competitive solicitation models or some different 
process altogether.  In any event, whichever option SPP selects will need to provide 
comparable and nondiscriminatory treatment to incumbent transmission owners and 
non-incumbent transmission developers. 

SPCTF on Order 1000 Recommendation on a Transmission Owner Selection 
Model 

2.2  Recommendation on Transmission Owner Selection Model 

The SPTC invited stakeholders to submit potential Transmission Owner selection 
models to the SPCTF for consideration. After reviewing each proposal and after 
conducting extensive discussion over the course of several meetings, the SPCTF 
recommends that SPP use a Competitive Solicitation Process to select Transmission 
Owners to construct, own, and operate projects that do not have a Federal ROFR. 

2.3 Recommended Competitive Solicitation Process to Select Transmission 
Owners 

The SPCTF recommends that SPP propose to FERC a Competitive Solicitation Model 
to select Transmission Owners to construct, own and operate projects that do not have 
a Federal ROFR.  The SPCTF recommends that SPP use a process similar to the 
process outlined in the Draft Transmission Owner Selection Process which is attached 
hereto as “Attachment A”.  Additionally, a flow chart of the Competitive Solicitation 
Process recommended by the SPCTF is attached hereto as “Attachment B”. 
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2.4  Recommendation on Development of Detailed Transmission Owner 
Selection Criteria 

The SPCTF recommends the SPCTF develop in detail the evaluation criteria and 
associated scoring needed to evaluate/compare Qualified Transmission Owners 
(“QTOs”) that are competing to build transmission projects within SPP’s footprint.  The 
general process, criteria and scoring is found in Attachment A and B which the SPCTF 
recommends be further vetted and developed by the SPCTF by June 2012. 

2.5  Majority/Minority Position 

Proponents of the Competitive Solicitation Process, while acknowledging some 
weaknesses, believe the proposal:  preserves the current ITP process recently 
approved by FERC maintaining the open, transparent and collaborative planning 
process; keeps the “need” component separated from the “construction” component 
thereby facilitating that the most cost-effective solutions are built; establishes only one 
competitive process for SPP staff to manage; and, has the least amount of Tariff work of 
all the options considered by the Task Force.   

Opponents believe that the Competitive Solicitation approach is complex and potentially 
creates unintended drivers; relies on SPP planning staff and incumbent transmission 
owner for ideas and solutions to problems consequently not incenting stakeholders 
solutions and providing an unfair advantage for incumbents; imposes construction 
bidding expertise on SPP staff and processes contributing to increased SPP staffing 
and to delays in construction; and is incompatible with current NTC-C process. 

For the comprehensive comparisons, see the following link: 
http://www.spp.org/publications/SPCTFOrder1000-030812.pdf.   
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SECTION III:  

Recommendation as to Transmission Owner Qualification Criteria 

ORDER 1000 REQUIREMENT:  Transmission Owner Qualification 
Criteria: Order 1000 requires each public utility transmission provider to 
revise its OATT to demonstrate that the regional transmission planning 
process in which it participates has established appropriate qualification 
criteria for determining an entity’s eligibility to propose a transmission 
project for selection in the regional transmission plan for purposes of cost 
allocation, whether that entity is an incumbent transmission provider9 or a 
non-incumbent transmission developer.  These criteria must not be unduly 
discriminatory or preferential.10  [P. 323] The qualification criteria must 
provide each potential transmission developer the opportunity to 
demonstrate that it has the necessary financial resources and technical 
expertise to develop, construct, own, operate and maintain transmission 
facilities.11  [P. 323]  Within these general parameters, FERC leaves it to 
each region to develop qualification criteria that are workable for the 
region, including procedures for timely notifying transmission developers 
of whether they satisfy the region’s qualification criteria and opportunities 
to mitigate any deficiencies. [P. 324]   

SPCTF on Order 1000 Recommendation on Transmission Owner Qualifications 

3.1 Recommended Transmission Owner Qualification Criteria 

The SPCTF recommends that SPP’s compliance filing for Order 1000 contain 
Transmission Owner qualification criteria that must be met before a potential 
transmission owner can participate in SPP’s Competitive Solicitation Process described 
in Sections 2.2 and 2.3 above.  The Transmission Owner qualification criteria would 
apply only to those entities seeking to construct, own, and operate transmission projects 
that are subject to the SPP Competitive Solicitation Process.  The general basis upon 
which the SPCTF make its recommendation for Transmission Owner qualification 

                                                 
9  The qualification criteria should allow for the possibility that an existing public utility transmission 
provider already satisfies the criteria and should allow any transmission developer the opportunity to 
remedy any deficiency.  [P. 324] 
10  The criteria are intended to apply only to entities that propose transmission projects and intend to 
develop the proposed transmission project if selected.  Stakeholders that do not intend to develop 
transmission projects may continue to propose transmission projects for consideration in the regional 
transmission plan without being required to demonstrate compliance with the criteria.  [n.304] 
11  Nothing in the qualifications criteria requirement of Order 1000 is intended to change any existing 
RTO procedure or practice regarding the operation of existing transmission facilities.  [n.303] 
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criteria is the existing process outlined in Attachment O § VI.6 of the SPP OATT.  These 
are:   

(1) Threshold eligibility criteria:  The recommended threshold eligibility criteria would 
include, at a minimum, some level of proof by an Applicant Transmission Owner (“ATO”) 
that the ATO has the legal authority under state law to construct facilities within a state 
in which a project will be built and some level of assurance that the ATO is or will be a 
member of SPP.   

The SPCTF recommends that the SPCTF develop the threshold criteria by June 30, 
2012. 

(2) Financial criteria:  The recommended financial eligibility criteria would include 
certain creditworthiness requirements. 

The SPCTF recommends that the SPP Finance Committee develop the financial 
eligibility criteria by June 30, 2012. 

 (3) Managerial criteria:  The recommended managerial eligibility criteria would require 
an ATO to demonstrate certain managerial expertise. 

The SPCTF recommends that the SPCTF develop the managerial expertise criteria by 
June 30, 2012. 

3.2 Recommended Process for Incumbent/Non-incumbent Transmission 
Developers to Submit the Information Necessary for SPP to Evaluate 
Whether They Satisfy the Transmission Owner Qualification Criteria. 

The SPCTF recommends the following process under which incumbent/non-incumbent 
transmission developers must submit the information necessary for SPP to evaluate 
whether they satisfy the qualification criteria discussed in Section 3.1 above.   

 1) Application to become a Qualified Transmission Owner:  Prior to being eligible to 
participate in SPP’s Competitive Solicitation Process stated in Sections 2.2 and 2.3 
above, an ATO must submit an Application to SPP demonstrating satisfaction of the 
Transmission Owner qualification criteria to be designated as a QTO.  

 The Application can be submitted at any time, but must be submitted by at least June 
30th of the year prior to the year in which the developer plans to participate in SPP’s 
Competitive Solicitation process for one or more projects.   

 2) Application Review by SPP:  Upon receiving an Application to become a QTO, SPP 
will review the Application to determine whether it satisfies the Transmission Owner 
qualification criteria and inform the ATO of its determination.  SPP must notify each 
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ATO of its determination no later than September 30th of the year prior to the year in 
which the ATO desires to participate in SPP’s Competitive Solicitation Process.    

 3) Notification of Qualification Deficiency(ies):  If SPP determines that the ATO fails 
to meet one or more of the qualification criteria, SPP will inform the ATO of such 
deficiency(ies) and the ATO will have 30 days to cure the deficiency(ies).  Once SPP 
receives information from the ATO that the ATO believes cures each deficiency, SPP 
will inform the ATO within 45 days whether the deficiency(ies) have been cured.  SPP 
will post the list of all QTOs by December 31 of each year for the Competitive 
Solicitation Process that will occur the following spring after approval of the STEP. 

 4) Notification of Qualification: Once SPP determines that an ATO satisfies the 
qualification criteria, the ATO will be deemed a QTO to participate in SPP’s Competitive 
Solicitation Process as described in Sections 2.2 and 2.3 above.  Additionally, once 
qualified, the QTO will not be required to demonstrate its qualifications in any 
subsequent SPP planning process cycles or with respect to any subsequent SPP 
Competitive Solicitation Processes unless the QTO experiences a change in 
circumstances as discussed below.  

5) Changes in Transmission Developer Application:  All QTOs will be required to 
inform SPP if, at any time, there is any change to the information provided in their 
application, so that SPP may determine whether the QTO continues to satisfy the 
Transmission Owner qualification criteria.  Upon notification of any such change, SPP 
will have the option to: 

 (a) Determine that the change does not affect the QTO’s qualification to 
participate in SPP’s Competitive Solicitation Process; 

 (b) Determine that the QTO no longer qualifies as a QTO; 

 (c) Suspend the QTO’s eligibility to participate in SPP’s Competitive 
Solicitation Process until the QTO has cured any deficiency in its qualifications to 
SPP’s satisfaction; or 

 (d) Allow the QTO to continue to participate in SPP’s Competitive Solicitation 
Process for a limited time period while the QTO cures the deficiency to SPP’s 
satisfaction. 
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SECTION IV:  Changes to SPP’s Membership Agreement and OATT. 

Recommended Changes to SPP’s Membership Agreement and OATT to 
Remove the Federal ROFR 

ORDER 1000 REQUIREMENT:  General Requirement to Eliminate Rights 
of First Refusal from FERC-jurisdictional Tariffs and Agreements: Public 
utility transmission providers must remove from their OATTs or other 
FERC-jurisdictional tariffs and agreements any provisions that grant a 
federal ROFR to incumbent transmission providers for transmission 
facilities that are selected in a regional transmission plan for purposes of 
cost allocation.12  [P. 313]   

SPCTF Recommendation on Changes to SPP’s Membership Agreement and 
OATT 

4.1 Recommended Change to SPP’s Membership Agreement  

The SPCTF recommends that the following sections of SPP’s Membership Agreement 
be amended to remove the Federal ROFR, as stated below. 

Section 3.3 of the SPP Membership Agreement, which governs construction of 
transmission facilities in SPP, contains Federal ROFR language that will need to be 
modified to comply with Order 1000. Specifically, Section 3.3(b) of the SPP Membership 
Agreement indicates: 

After a new transmission project has received the required 
approvals and been approved by SPP, SPP will direct the 
appropriate Transmission Owner(s) to begin implementation 
of the project. If the project forms a connection between the 
facilities of a single Transmission Owner, that Transmission 
Owner will be designated to provide the new facilities. If the 
project forms a connection between facilities owned by 
multiple parties, all parties will be designated to provide the 
respective new facilities. The parties will agree among 
themselves as to how much of the project will be provided by 
each entity. If agreement cannot be reached, SPP will 
facilitate the ownership determination process. 

                                                 
12  Order 1000 continues to permit an incumbent transmission provider to meet its reliability needs or 
service obligations by choosing to build new transmission facilities that are located solely within its retail 
distribution service territory or footprint and that are not included in the regional transmission plan or 
submitted for regional cost allocation.  [P. 262]  
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Thus, under the language of Section 3.3(b), SPP is obligated to designate an incumbent 
Transmission Owner to construct new transmission facilities (i.e., the owner of existing 
facilities to which the new facility will connect). 

Furthermore, Section 3.3(c) of the SPP Membership Agreement states:  

A designated provider for a project can elect to arrange for a 
new entity or another Transmission Owner to build and/or 
own the project in its place. If the designated provider(s) 
does not or cannot agree to implement the project in a timely 
manner, SPP will solicit and evaluate proposals for the 
project from other entities and select a replacement. 

This language provides an option for the designated Transmission Owner to assign the 
project to another entity or to decline to “implement the project” (i.e., “refuse” to build the 
project).  

When read together, Sections 3.3(b) and 3.3(c) provide incumbent Transmission 
Owners a Federal ROFR over transmission projects approved for construction by SPP. 
SPP is required to assign the construction obligations for new transmission facilities to 
incumbent Transmission Owners that own the existing facilities to which a new 
transmission facility will interconnect. Once a new transmission facility is assigned, the 
designated Transmission Owner(s) have the option either to construct the project, 
assign the project to another entity, or decline to construct the project.  As a result, the 
SPCTF recommends that SPP modify these sections to comply with Order 1000 in a 
manner that is consistent with this Report.   

The SPCTF will provide language to the Corporate Governance Committee (“CGC”) by 
April 30, 2012. 

4.2 Recommended Change to SPP’s OATT  

The SPCTF recommends that the following sections of SPP’s OATT be amended to 
remove the Federal ROFR as stated below. 

 A.  SPP OATT, Attachment O  

SPP’s STEP and ITP processes set forth in Attachment O of the SPP OATT contain 
similar provisions to the Membership Agreement related to assignment of construction 
obligations and Federal ROFR. Specifically, Section VI of Attachment O, which governs 
the construction of transmission facilities, contains several provisions that address the 
manner in which SPP assigns the responsibility to construct transmission facilities in the 
STEP:  
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Section VI(1): The Transmission Provider, with input from 
the Transmission Owners and other stakeholders, shall 
designate in a timely manner within the SPP Transmission 
Expansion Plan (“STEP”) one or more Transmission Owners 
to construct, own, and/or finance each project in the plan. 

Section VI(4): After a new transmission project is (i) 
approved under the SPP Transmission Expansion Plan or (ii) 
required pursuant to a Service Agreement or (iii) required by 
a generation interconnection agreement to be constructed by 
a Transmission Owner(s) other than the Transmission 
Owner that is a party to the generation interconnection 
agreement, the Transmission Provider shall direct the 
appropriate Transmission Owner(s) to begin implementation 
of the project for which financial commitment is required prior 
to the approval of the next update of the SPP Transmission 
Expansion Plan. . . . If the project forms a connection with 
facilities of a single Transmission Owner, that Transmission 
Owner shall be designated to construct the project. If the 
project forms a connection with facilities owned by multiple 
Transmission Owners, the applicable Transmission Owners 
will be designated to provide their respective new facilities. If 
there is more than one Transmission Owner designated to 
construct a project, the Designated Transmission Owners 
will agree among themselves which part of the project will be 
provided by each entity. If the Designated Transmission 
Owners cannot come to a mutual agreement regarding the 
assignment and ownership of the project the Transmission 
Provider will facilitate their discussion. . . 

Like Section 3.3(b) of the SPP Membership Agreement, Section VI of Attachment O 
requires SPP to assign construction and ownership responsibilities for transmission 
facilities to the incumbent Transmission Owner(s) to whose existing facilities a new 
transmission facility will interconnect.  

Section VI of Attachment O also contains language permitting the designated 
Transmission Owner to assign its construction responsibilities to another entity or to 
decline to construct a transmission facility. Specifically, Section VI(6) indicates: 

In order to maintain its right to construct the project, the 
Designated Transmission Owner shall respond within ninety 
(90) days after the receipt of the Notification to Construct 
with a written commitment to construct the project as 
specified in the Notification to Construct or a proposal for a 
different project schedule and/or alternative specifications in 
its written commitment to construct (“Designated 
Transmission Owner’s proposal”). . . . If a Designated 
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Transmission Owner does not provide an acceptable written 
commitment to construct within the ninety (90) day period, 
the Transmission Provider shall solicit and evaluate 
proposals for the project from other entities and select a 
replacement designated provider.  (emphasis added) 

Therefore, by not providing “an acceptable written commitment to construct,” a 
designated Transmission Owner (i.e., the incumbent Transmission Owner(s) that own(s) 
facilities to which the new transmission facility will connect) has the option of declining 
to construct a facility. Read together, these provisions of Section VI of Attachment O to 
the SPP OATT create a Federal ROFR for incumbent Transmission Owners.  As a 
result, the SPCTF recommends that SPP modify these sections to comply with Order 
1000 in a manner that is consistent with this Report.   

The SPCTF recommends that the RTWG draft the specific language for approval by the 
SPP Board of Directors during SPP’s current meeting cycle by June 30, 2012. 
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SECTION V:   Application of Order 1000 to Future SPP Projects  

ORDER 1000 REQUIREMENT:  Determination as to Which Facilities Will 
Be Subject to Order 1000 Requirements: The requirements of Order 1000 
are intended to apply to new transmission facilities, which are facilities that 
are no longer subject to evaluation or reevaluation in the transmission 
planning process after the effective date of the public utility transmission 
provider’s regional compliance filing.  [PP. 65, 162]  Each public utility 
transmission provider must explain in its regional compliance filing how it 
will determine which facilities in its local and regional planning processes 
will be subject to the Order 1000 requirements.  [PP. 65, 162] 

SPCTF on Order 1000 Recommendation as to the applicability of Order 1000. 
 

5.1 Recommendation as to Which Facilities Will Be Subject to Order 1000 
Requirements 

The SPCTF recommends that SPP propose that the effective date of its Order 1000 
compliance filing be the date FERC issues an order accepting the compliance filing, 
with the first developer qualification process beginning in the summer (June) thereafter.  
The SPCTF therefore recommends that the requirements of Order 1000 apply to all 
transmission facilities subject to Federal ROFR elimination that are approved for 
construction in the first STEP Report that is issued following the first developer 
qualification process, and for all facilities approved thereafter for which Federal ROFR 
has been eliminated.   
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SECTION VI:   Consideration of Transmission Needs Driven by Public Policy  

ORDER 1000 REQUIREMENT:  Consideration of Transmission Needs 
Driven by Public Policy: Under Order 1000, public utility transmission 
providers are required to amend their OATTs to describe procedures that 
provide for the consideration of transmission needs driven by public policy 
requirements in their local13 and regional transmission planning processes 
or to demonstrate how existing OATT provisions already comply.  [P 203, 
222]  Public policy requirements include, at a minimum, needs driven by 
state or federal laws or regulations;14 however, the public utility 
transmission providers in a region can agree to consider needs driven by 
additional public policy objectives not specifically required by state or 
federal laws or regulations.15  [P. 214-216]   

SPCTF on Order 1000 Recommendation on Consideration of Public Policy 

6.1 Background Information on Order 1000 “Public Policy” Requirements 

FERC’s requirement that public utility transmission providers consider transmission 
needs driven by public policy requirements means: 

(1) The identification of transmission needs driven by public policy 
requirements:  Public utility transmission providers must establish, in 
consultation with stakeholders, procedures under which public utility 
transmission providers and stakeholders16 will identify those transmission 
needs driven by public policy requirements for which potential 
transmission solutions will be evaluated.  [PP. 205-206]; and 

(2) The evaluation of potential solutions to meet those needs: Public utility 
transmission providers are required to amend their OATTs to describe the 
procedures by which transmission needs driven by public policy 
requirements will be identified in the local and regional transmission 

                                                 
13  To the extent public utility transmission providers within a region do not engage in local 
transmission planning, such as in some RTO regions, the public policy requirements of Order 1000 apply 
only to the regional transmission planning process.  [n.185] 
14  “State or federal laws or regulations” mean enacted statutes (i.e., passed by the legislature and 
signed by the executive) and regulations promulgated by a relevant jurisdiction, whether within a state or 
at the federal level.  [P. 2] 
15  For example, a public utility transmission provider and its stakeholders are not precluded from 
choosing to plan for state public policy goals that have not yet been codified into state law, which they 
nonetheless consider to be important long-term planning considerations.  [n.193]  
16  All stakeholders must have an opportunity to provide input and offer proposals regarding the 
transmission needs they believe should be identified.  [P. 209] 
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planning processes and how potential solutions to the identified 
transmission needs will be evaluated in the local and regional 
transmission planning processes.17  [PP. 205, 211] 

Public utility transmission providers are required to post on their websites an 
explanation of which transmission needs driven by public policy requirements will be 
evaluated for potential solutions in the local or regional transmission planning process, 
as well as an explanation of why other suggested transmission needs will not be 
evaluated.  [P. 209] 

Order 1000 also clarifies that the allocation of costs associated with transmission 
facilities associated with public policy requirements must be at least roughly 
commensurate with estimated benefits, meaning that those that receive no benefit, 
either at present or in a likely future scenario, must not be involuntarily allocated costs 
of the facility.  [P. 219]  Additionally, Order 1000 permits, but does not require, the 
creation of a separate class of public policy transmission facilities and separate cost 
allocation for such facilities.  [P. 220] 

6.2 Current SPP OATT Relating to Public Policies 

Currently, the SPP OATT contains requirements relating to the consideration of public 
policy in SPP’s planning process. These requirements are contained in Attachment O to 
the SPP OATT as cited below: 

Sections III.6.k, n & o of Attachment O to the SPP OATT states: 

 III. The Integrated Transmission Planning Process 

The ITP process is an iterative three-year process that 
includes 20-Year, 10-Year and Near Term Assessments.  
The 20-Year Assessment identifies the transmission 
projects, generally above 300 kV, and provides a grid flexible 
enough to provide benefits to the region across multiple 
scenarios.  The 10-Year Assessment focuses on facilities 
100 kV and above to meet the system needs over a ten-year 
horizon.  The Near Term Assessment is performed annually 
and assesses the system upgrades, at all applicable voltage 
levels, required in the near term planning horizon. 

* * * * * 

                                                 
17  Order 1000 leaves it to public utility transmission providers and their stakeholders to determine 
the procedures for evaluating potential transmission solutions to address identified public policy needs.  
The evaluation must include, at a minimum, proposals by stakeholders for transmission facilities proposed 
to satisfy an identified transmission need driven by public policy requirements.  [P. 211] 
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6) Policy, Reliability, and Economic Input Requirements 
to Planning Studies  

 The Transmission Provider shall incorporate, as 
appropriate for the assessment being performed, the 
following into its planning studies: 

* * * * * 

 k) Renewable energy standards; 

* * * * * 

 n) Other relevant environmental or government 
mandates; and 

 o) Other input requirements identified during the 
stakeholder process. 

6.3 Recommendation as to How SPP Should Handle Public Policy under Order 
1000. 

The SPCTF recommends that SPP rely primarily on its existing OATT language 
regarding transmission needs driven by public policy requirements as discussed above.  
Rather than revising the OATT to provide explicitly for the consideration of transmission 
needs driven by public policy goals, the SPCTF recommends that SPP remain open to 
considering public policy goals through the language in Attachment O that allows for 
“Other input requirements identified during the stakeholder process” (see Attachment O 
§ III.6.o). 

The SPCTF recommends that the RTWG, in consultation with the TWG and the 
Economic Studies Working Group (“ESWG”), examine the existing OATT language to 
determine if any minor revisions are required to ensure that SPP complies with the 
requirements in paragraphs 205-211 of Order 1000 to establish procedures to: (1) 
identify transmission needs driven by public policy; (2) identify potential solutions to 
meet those needs; and (3) post information on the SPP website relating to public policy 
transmission planning.  

The SPCTF recommends that the RTWG draft any specific OATT language needed to 
comply with the public policy provisions of Order 1000 by June 30, 2012. 
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SECTION VII:   Information and Data from Merchant Transmission Developers  

ORDER 1000 REQUIREMENT:  Information and Data from Merchant 
Transmission Developers: Order 1000 requires that public utility 
transmission providers include in their compliance filings the type of 
information and data that merchant transmission developers must provide 
to the regional planning process when the merchant developer does not 
intend to participate in the planning process or seek to recover costs 
through the regional cost allocation mechanism(s).  [P. 164]  The purpose 
of this requirement is to provide transmission providers in the regional 
planning process with adequate information and data to assess the 
potential reliability and operational impacts of the merchant transmission 
developer’s proposed transmission facilities on other systems in the 
region. 

SPCTF Recommendation on Merchant Developer Information and Data 

7.1 Recommended Information and Data that Merchant Transmission 
Developers that Do Not Participate in SPP Planning and Cost Allocation 
Should Be Required to Provide to SPP. 

The SPCTF recommends that SPP seek FERC’s approval to require that merchant 
developers provide certain information and data to SPP.  While Order 1000 does not 
expressly define "merchant developers", the Order states that merchant facilities are 
facilities that are not subject to the evaluation and selection processes that apply to 
transmission facilities for which regional cost allocation is sought and that merchant 
transmission developers assume all financial risk for developing and constructing the 
transmission project. [PP. 163-165] The SPCTF recommends that SPP consider any 
transmission facility within and/or interconnecting to the SPP Region that the builder 
does not intend to place under SPP's control under the SPP OATT to be "merchant 
facilities" for the purposes of the information and data requirements.  While the 
language of Order 1000 could be read to include Sponsored Upgrades as defined in the 
SPP OATT (i.e., sponsor assumes financial risk and is not part of the evaluation 
process), because “Sponsored Upgrades” will be placed under SPP’s control under the 
SPP OATT, the SPCTF recommends that entities proposing to construct "Sponsored 
Upgrades" as defined in the SPP OATT will be subject to all of the requirements 
applicable to other Transmission Owners participating in the SPP transmission planning 
process.  The SPCTF recommends that SPP’s TWG review existing SPP practices and 
policies in order to recommend the specific information and data SPP should require 
merchant transmission developers to provide to SPP.   

Further, the SPCTF recommends that the TWG provide their recommendation to the 
Markets and Operations Policy Committee by June 30, 2012. 
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SECTION VIII:   Timeline for Compliance Filing 

ORDER 1000 REQUIREMENT:  Deadline to File Regional Compliance 
Filing: Compliance filings addressing the Order 1000 regional transmission 
planning and cost allocation requirements must be submitted to FERC by 
October 11, 2012.  

SPCTF Recommendation on Compliance Filing Timeline 

8.1 Recommended Compliance Filing Timeline for SPP. 

The SPCTF recommends that the SPP Board of Directors direct SPP to seek a sixty 
(60) day extension from FERC for SPP to make its regional compliance filing under 
Order 1000.  This will enable SPP to use its October 30, 2012 quarterly BOD meeting to 
finalize SPP’s compliance filing for Order 1000’s regional requirements.   
 
The SPCTF recommends that the following timeline18 be used by SPP stakeholders to 
meet the FERC compliance filing deadline for the regional requirements of Order 1000: 
 

 
SPCTF Report Implementation 

Requirement 

Responsible 
Stakeholder 

Group(s) 
Deadline 

1 
Endorsement of SPCTF on Order 1000 

Report 
SPC & BOD April 2012 

2 

Development of Transmission Owner 

Selection Criteria for a Competitive 

Solicitation Process 

(See §§ 2.3 & 2.4) 

SPCTF   June 30, 2012 

3 

Development of Transmission Owner 

Qualification Criteria & TO Managerial 

Experience Criteria 

(See §§ 3.1 & 3.2) 

SPCTF  June 30, 2012 

4 

Development of Transmission Owner 

Creditworthiness Criteria 

(See § 3.1) 

Finance 

Committee 
June 30, 2012 

5 Drafting & Approval of Language to Remove SPCTF, CGC, SPCTF – April 30, 2012 

                                                 
18  The SPCTF makes this recommended timeline without considering SPP’s request for an 
extension of time to make SPP’s regional compliance filing on Order 1000 at FERC.  This 
recommendation will change if such an extension is granted.   
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ROFR in Membership Agreement 

(See § 4.1) 

MOPC, & 

BOD 

CGC – May 2012 

MOPC & BOD - July 2012 

6 

Drafting & Approval of Language to Remove 

ROFR in OATT 

(See § 4.2) 

RTWG, 

MOPC, & 

SPP BOD 

RTWG – June 30, 2012 

MOPC & BOD - July 2012 

7 

Review and Drafting of Recommended 

Language on Public Policy Requirements of 

Order 1000 

(See § 6.3) 

RTWG, 

MOPC, & 

SPP BOD 

RTWG – June 30, 2012 

MOPC & BOD - July 2012 

8 

Review and Draft Information and Data SPP 

Will Propose to Require Merchant 

Transmission Developers to Provide to SPP 

(See § 7.1) 

TWG June 30, 2012 

9 

Drafting and Endorsement/Approval of Tariff 

Language for SPP’s Order 1000 Regional 

Compliance Filing 

RTWG  RTWG – August 31, 2012 

10 

Review and Approval of RTWG’s Language 

for SPP’s Order 1000 Regional Compliance 

Filing  

MOPC & 

BOD 
September 31, 2012 

11 

Parallel Work of Drafting SPP’s Order 1000 

Compliance Filing Letter for Regional 

Requirements 

SPP Staff October 11, 2012 
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ATTACHMENT A 
 

DRAFT TRANSMISSION OWNER SELECTION PROCESS 
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Policy, Reliability and
Economic Inputs

(Section III.6)

Reviewed by
Stakeholder

Working Groups

ITP Upgrades
Approved or
Endorsed by
SPP BOD

Competitive Solicitation Process

ITP Studies (20/10 and
Near Term) and other
Studies Endorsed by
Stakeholder Working

Groups

TO 
Selection 
Process4/3/2012 1

Study Scope 
Including Policy,

Reliability & Econ.
Inputs, and TSR 
and GI upgrades
(Attach O III.7)

Analyze Alternatives
(incl. zonal upgrades

Broader Regional
Upgrades and non-wire

Upgrades
(Attach. O III.8)

Fall Planning
Forum

Present potential
Solutions to 
stakeholders

Spring Planning
Forums

Obtain input  and 
Projects from all

Stakeholders
(Attach. O.2)

Annual
SPP Transmission

Expansion Plan
(Section V)

Does 
ROFR 
Apply*?

Incumbent TO
builds

Integrated Transmission Planning 
Process

(does not include upgrades related to TSRs, GI, or 
Sponsored Upgrades) Yes

No
Note: * ROFR applies to 
any project that is either 
(1) < 300 kV, 
(2) is an upgrade to an 
existing facility
(3) Or an addition or 
expansion of an existing 
facility which is on 
existing right-of-way
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SPP issues RFI
[Develop  list of 
Interested TOs]

(30 days)

SPP Reviews
Responses
(15 days)

SPP develops
RFP

(45 days)
TO 

Selection 
Process

Transmission Owner Selection Process

Did SPP 
Receive any 
Responses?

Incumbent TO
Builds (builder of last 

resort)

SPP issues
RFP to TOs that 
responded  to RFI

and qualified.   If only
one TO responds then
a shorter procedure

may be used.

TOs Develop Proposal
and cost Estimate 

(+/‐ 20%)
(60 days)

SPP reviews 
responses to RFP

(30 days)

Recommendation
Goes to SPP BOD

SPP BOD 
selects TO?

NTC issued to TO

Project is re‐evaluated
Revise Project 
Specifications?

Project is Cancelled

4/3/2012 1

Yes

Yes

Yes

No

No

No
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ATTACHMENT B 
 

COMPETITIVE SOLICITATION PROCESS FLOWCHART 
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Attachment B –  Competitive Solicitation Process 
Flowchart 

 
 
 
 
 
 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 
 
 
 
 
 

 
 

SPP staff develops and issues an 
RFP.  (30 days) 

The Oversight Committee shall 
designate an IEP (15 Days) 

BOD approves applicable transmission 
projects for construction as a result of 
the regional planning process 

BOD selects Transmission 
Developers (15 Days) 

QEs respond to RFP (60-75 days) 

SPP staff reviews RFP responses 
and provides the responses to the 
IEP for evaluation 
IEP Evaluates RFPs and makes 
recommendation to the OC (30-
60 days) 

OC reviews IEP recommendation 
and makes recommendation to 
the BOD (15 Days)

Selected QE does not 
sign agreements 

SPP Contacts STO  
Selected QE 
executes 
agreements to 
become the 
DTO (10 
Days)

No QE‐
Obligation to 
Construct 
remains with 
DTO 



1

SPP RSC

Order 1000 
Interregional 
Transmission 
Planning

April 23, 2012

• SSC tasked with ensuring compliance on the interregional 
transmission planning requirements of Order 1000

SSC Order 1000 Activities

• SSC chartered the Seams FERC Order 1000 Task Force(SFOTF)

– Develop Order 1000 interregional planning concepts and work 
with staff on JOA language

– Includes a member from the ESWG and TWG

• Developed concepts to be incorporated into SPP’s JOAsDeveloped concepts to be incorporated into SPP s JOAs

2
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• Developed and reviewed by SPP stakeholders

• Received comments from MISO staff

SSC Order 1000 Interregional Planning Concepts

• Joint Meeting April 12 with SPP stakeholders and 
neighboring entities

– Presented concepts to stakeholders from multiple regions

– MISO presented their concepts

• Concepts document available on SFOTF section of SPP 
website

3

Work on JOA language started after April 12 

Next Steps

meeting

Additional joint coordination meetings

Plan to present the MOPC with draft JOA 
language in October

– Request MOPC comment and suggestionsRequest MOPC comment and suggestions

Final language is planned to be presented in 
January 2013
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EXECUTIVE SUMMARY 

The Brattle Group was engaged by the Southwest Power Pool (“SPP”) Regional State 
Committee (“RSC”) to develop a general approach to seams cost allocation so that SPP could 
utilize a consistent set of principles and guidelines to assess the needs, benefits, and cost 
allocation of transmission projects at each of its seams with its diverse set of neighbors.   

Seams cost allocation is especially challenging given the number of barriers related to the 
planning and analysis of interregional transmission projects.  Planning-related challenges often 
start with limited staff resources to evaluate and consider seams projects, which can be 
exacerbated by a lack of sufficiently-detailed and current multi-region planning data and models 
to conduct joint system analyses.  Uncertainty as to how or when neighboring systems will 
evaluate and consider seams projects as part of their regular planning processes can cause 
significant delays in the development of seams project.  Also a “gap” between top-down and 
bottom-up planning studies can lead to an inability to identify beneficial seams projects.  
Qualification criteria for a seams project often differ between neighbors, and transmission 
benefits and metrics are not articulated with enough detail to allow for cost allocation based on 
identified benefits to each entity.  Moreover, individual seams projects may offer a very different 
mix of benefits (e.g., reliability, market efficiency, and public policy) to each of the neighboring 
regions and its transmission owners, which complicates cost allocation efforts.  Finally, the lack 
of sufficiently detailed, actionable but flexible cost allocation principles and guidelines creates 
yet another major barrier to the planning and cost allocation of seams projects.  This barrier is 
magnified if cost allocation is not aligned with ownership interests and transmission rights. 

Regional planning entities have been pursuing various efforts to address these barriers.  SPP, for 
example, in collaboration with the SPP RSC, developed a draft whitepaper on seams cost 
allocation principles and has addressed interregional planning in joint operating agreements 
(“JOAs”) with several seams neighbors.  The Federal Energy Regulatory Commission (“FERC”) 
recently released Order 1000, requiring regional transmission planning entities under its 
jurisdiction to develop interregional cost allocation methodologies based on FERC-approved 
principles.   

As part of our engagement to develop a general approach to seams cost allocation, we 
collaborated with SPP and SPP RSC staff to pursue five major tasks: 1) review SPP’s draft 
whitepaper; 2) evaluate cost allocation frameworks used elsewhere; 3) develop a general 
framework for the cost allocation of seams projects; 4) test the framework with case studies of 
seams projects; and 5) draft and present a final report with our recommendations and proposed 
framework to the SPP RSC.  A “Joint Project Team” was formed with key RSC- and SPP-
assigned staff to facilitate project flow and coordination. 
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We provide in this report comments on SPP’s draft whitepaper and a review of seams cost 
allocation efforts in other markets to identify successful practices that may be considered by SPP 
and its seams neighbors.  This survey of cost allocation approaches spanned both RTO and non-
RTO regions in the U.S. and Europe and focused on cost allocation principles, seams planning, 
and benefit metrics as applied to a variety of seams project types to address reliability, market 
efficiency, and public policy objectives.   

The framework we developed is based on clearly-identified cost allocation principles and a 
comprehensive set of benefit metrics, while also allowing for the flexibility needed to consider a 
wide range of different projects types and seams entities.  Our review of relevant experience 
from other markets also strongly suggests that seams cost allocation needs to be designed as an 
integral part of the interregional planning process.  In this context, SPP’s existing JOAs with 
neighboring transmission entities serve as the logical starting point for developing a more 
comprehensive and actionable interregional planning and cost allocation framework.   

We identified seven “building blocks” needed to support interregional planning and cost 
allocation as shown in Figure 1 below.  The first two building blocks already exist in SPP’s 
JOAs but would need to be expanded to incorporate best practices.  For example, with regard to 
building block No. 1, the JOAs already require a commitment to regular interregional planning 

meetings of the seams entities as well as coordination with state, federal, and multi-state entities.  
We recommend, however, more direct participation of regulatory commission staff from states 
affected by the particular seam in the planning and cost allocation discussions under the JOAs.  
Such involvement by state regulatory staff in the evaluation of proposed seams projects would 
likely facilitate the development of seams projects and cost allocations that will be acceptable to 
each of the involved state commissions in the permitting and (where applicable) retail rate 
recovery of the selected projects.  In addition, while the JOAs may specify bilateral meetings 
between entities, they should be flexible enough to allow for participation by multiple seams 

entities if doing so can more effectively address challenges along seams between multiple 
transmission planning entities.  

Building block No. 2 requires the timely exchange of planning data (as is already provided for 
in the JOAs).  In addition, to facilitate planning of seams projects, we recommend that seams 
neighbors develop jointly-validated and endorsed load-flow cases and planning models for the 
combined footprint and planning horizon.  This would allow each seams entity to accurately 
analyze the system of its neighbor to prepare credible initial cost-benefit evaluations of potential 
seams projects.   

The third through sixth building blocks are most directly related to seams cost allocation.  They 
are also largely missing from or underspecified in the existing JOAs.  Building block No. 3 
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serves to define the parameters of a seams project and requires the specification of a process to 

propose and analyze seams projects.  The JOAs currently largely rely on the Joint Coordinated 
System Plan (“JCSP”) process to identify seams projects.  We propose to establish additional 
options under which seams entities could unilaterally or jointly propose seams projects outside 
the JCSP process.  SPP will also need to specify how their transmission owners and other market 
participants can propose seams projects to SPP. 

Figure 1 
Building Blocks of Proposed Interregional Planning and Cost Allocation Framework 

 

Building block No. 4 requires each seams entity to specify the evaluation criteria and benefit 

metrics that they will use for seams project evaluation.  These criteria and metrics would not 
need to be identical across seams entities but would, at a minimum, need to include all the 
benefits and metrics each entity uses in its internal transmission planning process.  In addition, 
we recommend the consideration of additional benefits and metrics, including some that are 

1.  Regular interregional 
planning meetings

2.  Regular exchange of 
planning data 

7.  Integration with internal 
planning and cost allocation 

3.  Process to propose and 
analyze seams projects 

4.  Evaluation criteria and 
benefit metrics 

5.  Seams cost allocation 
principles and guidelines 

6.  Payment mechanisms      
and transmission rights 

OPTIONAL: Pre-specified 
formulaic evaluation and cost 
allocation methodology 

Leverage existing JOAs and expand 

Leverage existing JOAs and expand 

Building blocks most closely related to 
seams cost allocation—largely missing 
from or underspecified in current JOAs 

Optional building block — may be added 
as experience is gained over time 
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unique to seams projects, such as increases in wheeling through and out revenues that can offset 
a portion of project costs.   

Building block No. 5 consists of pre-specified seams cost allocation principles and guidelines.  
Rather than resolve seams cost allocation on a case-by-case approach (as is provided for under 
the current JOAs), we recommend the inclusion of agreed-upon principles and guidelines to 
serve as the overarching framework for developing transmission cost allocation for seams 
projects.  We specify a number of recommended principles and guidelines and provide case 
studies of how cost allocation shares might be derived for specific types of projects, consistent 
with the evaluation criteria and benefit metrics outlined in building block No. 4.   

Building block No. 6 specifies payment mechanisms that allow for the actual sharing of project 
costs across the seam.  Given the different characteristics of seams projects and limitations that 
certain entities may have in paying for transmission upgrades they do not own, we propose that 
seams agreements specify several options for payment mechanisms—such as shared ownership 
and financial transfers—that can be used to implement the agreed-upon cost allocations.  We 
additionally recommend that physical or financial transmission rights are provided to each 
seams entity in exchange for their seams-related payments or investments.  

Building block No. 7 addresses the integration of the interregional planning and seams cost 

allocation with each entity’s internal planning and cost allocation processes.  This includes 
adding to the JOAs specific provisions that address who can propose a seams project, who can 
build and operate it, how planning analyses for seams projects are initiated, and how seams 
projects are integrated with internal planning processes and cost recovery, including planning in 
response to generation interconnection and transmission service requests, which can impact the 
overall benefits of seams projects.   

Finally, we recommend that an optional building block allow for the inclusion of pre-specified 
formulaic evaluation and cost allocation methodologies for specific project types.  Several 
seams cost allocation methodologies in other markets include such pre-specified formulaic 
approaches, such as those for interregional reliability and economic projects between the MISO 
and PJM.  However, while such formulaic approaches can greatly streamline the evaluation and 
cost allocation of seams projects, many seams projects will not “fit” the pre-specified 
qualifications criteria.  We thus recommend that seams projects that do not fit such pre-specified 
options still be evaluated under the general cost allocation framework as summarized above.  

Stakeholders suggested five candidate seams projects that could be used as “test cases” for our 
proposed approach.  We have developed case studies for three of these projects to illustrate the 
application of our proposed framework.  We also developed “straw man” tariff language 
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(provided in Appendix C) to illustrate how the proposed framework might be implemented in the 
context of the existing JOAs. 

SPP staff is actively working towards the Order 1000 compliance deadline, which is April 11, 
2013 for interregional planning and cost allocation.  We believe it is imperative that there be 
significant coordination between SPP and the RSC and hope that SPP and the RSC will be able 
to build on our proposed framework, including the straw man JOA language provided in 
Appendix C, to fully develop a robust interregional planning and cost allocation methodology 
that can be implemented through SPP’s ongoing coordination efforts with its neighbors.  We 
hope that this report can be used as the basis for this coordinated work to meet the Order 1000 
mandate. 
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I. BACKGROUND  

Southwest Power Pool (“SPP”) established the Seams Steering Committee (“SSC”) in early 2010 
to identify and address seams-related issues, provide guidance on operational and planning 
coordination, and suggest improvements.1  In the SSC’s review of existing agreements, it noted 
that a variety of agreements exist between SPP and its neighbors ranging from basic NERC 
reliability coordination agreements which are focused on operations, to more sophisticated joint 
operating agreements which discuss long-term planning.2  However, most existing documents 
did not adequately address or provide enough guidance on cost allocation for seams projects 
leaving the decision to be addressed on a case-by-case basis.   

In an attempt to establish a more systematic approach to cost allocation, the SSC began 
developing a whitepaper, Draft Cost Allocation Principles for Seams Transmission Expansion 

Projects (“Draft Seams Cost Allocation Whitepaper” as provided in Appendix A and discussed 
in Section III below), in collaboration with the SPP Regional State Committee (“SPP RSC”).3  
The whitepaper seeks to articulate a consistent set of overarching seams cost allocation 
principles and methodologies that could be applied to SPP and each of its neighbors.  It could 
then be used by SPP as a starting point to discuss seams cost allocation, an especially 
challenging task as SPP’s neighbors include market-based (MISO), non-market private (Entergy, 
AECI, CLECO), and non-market public power (Western, SWPA) transmission entities.   

On June 17, 2010, the Federal Energy Regulatory Commission (“FERC”) released its Notice of 
Proposed Rulemaking (“NOPR”) on “Transmission Planning and Cost Allocation by 
Transmission Owning and Operating Public Utilities” (“FERC NOPR”).4  With regard to 
interregional planning and cost allocation, the FERC NOPR proposed six principles cost 
allocation, which are discussed in greater detail in Section V.5 

                                                 
1  Southwest Power Pool, Inc., “Seams Steering Committee Charter,” April 22, 2010. 
2  Southwest Power Pool, Inc., “Seams Steering Committee Meeting,” June 15, 2010. 
3  The SPP RSC is comprised of the retail regulatory commissioners in the SPP member states of Arkansas, 

Kansas, Missouri, Nebraska, New Mexico, Oklahoma, and Texas.  The SPP RSC provides state regulatory 
agency input on matters of regional importance related to the development and operation of the bulk 
electric transmission within SPP.  In addition, the SPP RSC is charged with developing cost allocation 
methodologies for transmission upgrades within SPP. 

4  Federal Energy Regulatory Commission, “Transmission Planning and Cost Allocation by Transmission 
Owning and Operating Public Utilities,” Docket No. RM10-23, June 17, 2010. 

5  Federal Energy Regulatory Commission, “Transmission Planning and Cost Allocation by Transmission 
Owning and Operating Public Utilities,” Docket No. RM10-23, Notice of Proposed Rulemaking, June 17, 
2010, pp. 97-99. 
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Though the FERC NOPR had not been finalized into a rulemaking and several of SPP’s 
neighbors are non-FERC-jurisdictional, the Draft Seams Cost Allocation Whitepaper proactively 
included several aspects of the FERC NOPR.  To assist SPP and the SPP RSC with further 
development of a seams cost allocation methodology, the SPP RSC issued a request for proposal 
(“RFP”) in February 2011, seeking a qualified consulting firm to assist SPP, the SPP RSC, and 
SPP stakeholders in the area of cost allocation for seams transmission projects.  The Brattle 

Group was engaged in June 2011 to provide our expertise and analysis on the matter.  On 
July 21, 2011, the FERC issued its Order 1000, which retained the cost allocation principles that 
had been proposed in the NOPR.6   

A. PROJECT ASSIGNMENT AND PURPOSE 

The Brattle Group was engaged to undertake two phases of analyses as described in the RFP.  
The focus of the first phase was to develop a general approach to seams cost allocation so that 
SPP can use it to assess the needs and benefits at each of its seams with its neighbors.  In doing 
so, we reviewed, documented, and reported to the SPP RSC and SPP SSC the benefit 
measurements that have been proposed and those that have been accepted for use by other 
jurisdictions to be applied to various types of transmission upgrades.  We also reviewed the Draft 
Seams Cost Allocation Whitepaper to assess whether its proposed cost allocation principles were 
complete and consistent, whether the proposed cost allocations met those principles, and to 
recommend alternatives.   

The second phase of this assignment, as originally specified in the RFP, was focused on 
leveraging the results and findings from the first phase to create a detailed recommendation 
report addressing SPP’s seams. 

B. APPROACH 

After discussions with RSC and SPP staff, the two phases of this assignment as originally 
specified in the RFP were combined into five major tasks as summarized in Table 1 below. 

                                                 
6  Federal Energy Regulatory Commission, “Transmission Planning and Cost Allocation by Transmission 

Owning and Operating Public Utilities,” Docket No. RM10-23, Order No. 1000, July 21, 2011. 
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Table 1 
Combined Phase One and Two Task List 

Task Description Report 
Reference 

1. Review of Draft Seams 
Cost Allocation 
Whitepaper 

In-depth review of Draft Seams Cost 
Allocation Whitepaper 

 
Section III 

2. Evaluate Cost Allocation 
Frameworks Used 
Elsewhere 

Identify and review proposed and/or accepted 
seams cost allocation and benefit 
measurements used elsewhere to see whether 
they are compatible with the principles outlines 
in the Draft Seams Cost Allocation Whitepaper  

 
Section IV 

3. Develop General 
Approach 

Develop general approach and seams cost 
allocation framework with principles and 
methodologies and benefit measurements 

Sections VI 
through XI 

4. Test Approach Developed 
in Task 3 

Test and demonstrate the robustness of the 
principles, framework, and methodologies 
developed in Task 3, and fine-tune or revise as 
necessary.  Ideally the analysis would be based 
on specific transmission projects, involving the 
individual seams entities that are evaluated 
within the SPP transmission planning process 
to “troubleshoot” or “stress test” the considered 
approaches 

Section XII 

5. Draft and Present Report 
Report and outline to be reviewed by RSC, 
SPP staff, other “Joint Project Team” 
members, and stakeholders.  Deliver draft of 
detailed recommendations report to CAWG by 
March 2012, and a final report and presentation 
to the RSC by April 2012  

Section I.C 

 

As required by the RFP, Task 1 was an in-depth review of the Draft Seams Cost Allocation 
Whitepaper to check for completeness and consistency.  This assessment is presented in 
Section III with the whitepaper included as Appendix A.  We then researched and analyzed cost 
allocation frameworks used elsewhere (Task 2) as discussed in Section IV with key supporting 
documents provided in Appendix B.  Based on the information gathered in Task 1 and Task 2 
and discussions with SPP and RSC staff and stakeholders, we developed a general seams cost 
allocation methodology (Task 3), which included the cost allocation principles and 
methodologies as well as benefit metrics.   
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Throughout this process we worked closely with the RSC staff, SPP staff, and SPP stakeholder 
groups to leverage existing resources and work already completed on seams cost allocation.  
Tasks 1 through 3 largely address the requirements of the first phase described in the RFP.  
When developing a general framework, however, it is important to test and demonstrate its 
robustness or otherwise run the risk of developing methodology that cannot accommodate “real 
world” seams projects and complications.  Therefore, Task 4 was designed specifically to “stress 
test” the proposed framework by applying it to existing or proposed seams projects.  This 
allowed us to refine our proposed framework and present more concrete recommendations.  As 
we discuss in Section XII, we received recommendations for specific candidate seams projects 
from SPP staff, RSC staff, and stakeholders, to which we could apply our proposed cost 
allocation framework.  Lastly, Task 5 provides the presentations and reports required in both 
phases of the RFP and includes feedback from the RSC, SPP staff, stakeholders.  

C. JOINT PROJECT TEAM AND STAKEHOLDER PROCESS 

A Joint Project Team was formed to facilitate project flow and coordination.  The Joint Project 
Team included key RSC- and SPP-assigned staff (e.g., from the Seams Cost Allocation Task 
Force or “SCATF” and the Cost Allocation Working Group or “CAWG”) and the Brattle project 
team.  Team members participated in bi-weekly conference calls to discuss project status, data 
availability and needs, and coordination of logistical matters.  For example, the Joint Project 
Team was responsible for reorganizing the project into the previously-discussed five tasks, 
developing a work plan, and agreeing on deadlines and deliverables.  The SPP and RSC SCATF 
members of the Joint Project Team also provided introductions to access existing RSC- and SPP-
internal experience, research, and data.  The Joint Project Team further reviewed and provided 
feedback on draft research results, work products, and report drafts.  Finally, the Joint Project 
Team provided guidance about the need and agenda for conference calls and meetings with other 
groups, such as the SPP SSC, the full RSC CAWG, the quarterly RSC meetings, and meetings 
adjacent seams entities.  Table 2 summarizes the major meetings and conference calls with 
various groups and stakeholders to discuss the progress and present findings of the project.   
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Table 2 
Key Meetings and Conference Calls 

Date Event Description 

July 19, 2011 Kick-off 
meeting (TX) 

Kick-off meeting with RSC SCATF and SPP staff to revise 
schedule, scope, identify concerns, and discuss SPP Draft Seams 
Cost Allocation Whitepaper.  Continued Joint Project Team 
discussions in bi-weekly status calls and ad-hoc calls. 

August 11, 2011 SSC Monthly 
Meeting (KS) 

Attended meeting to discuss the ongoing effort, interregional cost 
allocation examples, candidate seams projects on which to test 
framework, and examples from other markets. 

September 30, 
2011 

SSC conference 
call 

Conference call to discuss Brattle’s first draft of a generic inter-
regional planning and cost allocation framework and candidate 
seams projects. 

October 21, 
2011 

SSC conference 
call 

Follow-up conference call after receiving feedback on draft 
generic framework via email. 

October 24, 
2011 

RSC Quarterly 
Meeting (NM) 

Attended meeting to provide a progress update and presentation of 
draft framework and cost allocation principles 

January 9, 2012 SSC Monthly 
Meeting  

Participated in meeting via conference call to discuss cost 
allocation principles and methodologies, cost allocation guidelines 
based on illustrative examples, benefits, and metrics, and redlined 
joint operating agreements 

January 26, 2012 Midwest ISO 
RECBTF 
Meeting 

Participated via conference call to present draft framework to the 
Midwest ISO's Regional Expansion Criteria and Benefits Task 
Force (“RECBTF”)  

January 30, 2012 RSC Quarterly 
Meeting (TX) 

Attended meeting  to provide a progress update and presentation of 
cost allocation principles and methodologies, cost allocation 
guidelines based on illustrative examples, benefits, and metrics, 
and redlined joint operating agreement 

February 3-28, 
2012 

Stakeholder 
Feedback 

Individual conference calls with AEPW, Midwest ISO, Entergy, 
and AECI to discuss and receive feedback on draft framework and 
illustrative JOA inserts to implement framework 

February 7, 2012 FERC 
Presentation 

Presentation of draft framework to FERC staff members, including 
FERC’s office of the general counsel  

April 4, 2012 CAWG Monthly 
Meeting 

Participated in meeting via conference call to present and discuss 
draft of the final report provided on 3/28  

April 12, 2012 Order 1000 
Interregional 
Coordination 
Meeting 

Participated via conference call in SPP-MISO meeting to review 
the RTO’s current thoughts on complying with the interregional 
aspects of Order 1000, incorporate stakeholder comments and 
develop consensus on concepts.  Presented the proposed cost 
allocation framework.  

April 23, 2012 RSC Quarterly 
Meeting (OK) 

Attend meeting to present final report 
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D. REPORT STRUCTURE 

The remainder of this report is structured as follows.  Section II describes the barriers to 
interregional planning and cost allocation, which our proposed framework seeks to address.  
Section III includes our comments and feedback on the SPP RSC’s whitepaper, “Draft Cost 
Allocation Principles for Seams Transmission Expansion.”   Section IV summarizes our survey 
of seams cost allocation efforts and issues outside of SPP, and Section V provides an overview 
of the FERC Order 1000 requirements for interregional cost allocation.  

Sections VI through XI present our proposed interregional planning and cost allocation 
framework.  In Section VI, we first present a case study of a seams project currently under 
construction, which we use to present our proposed framework for interregional planning and 
cost allocation and explain why cost allocation is an integral part of the overall planning process.  
We also introduce in this section our “building blocks,” which serve as the foundation of our 
proposed framework.  While some portions or versions of the building blocks already exist in 
SPP’s processes and agreements with seams neighbors, others are insufficiently developed or 
missing entirely.  We dedicate a section to each of these insufficiently-developed or missing 
building blocks.   

The first of these insufficiently-developed or missing building blocks, presented in Section VII, 
defines a process to propose and analyze seams projects, including a process for unilaterally or 
jointly proposed projects and the responsibilities of each seams entity.  Section VIII then 
discusses principles and examples for evaluation criteria and benefit metrics.  Section IX 
presents our recommended seams cost allocation principles and guidelines that should be 
included in each interregional planning and cost allocation agreement.  Section X discusses 
payment mechanisms that may be utilized by the neighboring entities to implement seams cost 
allocation.  Lastly, Section XI presents an optional building block that allows for the 
development of pre-specified formulaic evaluation and cost allocation methodologies.   

Section XII presents three case studies in which we apply and “stress test” the proposed 
approach.  And, finally, a summary of our conclusions and next steps are presented in 
Section XIII. 
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II. BARRIERS TO INTERREGIONAL PLANNING AND COST ALLOCATION 

To facilitate development of an effective seams cost allocation framework, we reviewed existing 
planning processes and obtained stakeholder input in an attempt to identify barriers to the 
development and cost allocation of seams projects.  Interregional transmission planning is 
particularly challenging given a number of barriers in three broad categories: (1) interregional 
planning processes; (2) seams project evaluation and benefits; and (3) cost allocation.   

Planning-related challenges often start with limited staff resources to evaluate and consider 
seams projects given the high work load of internal planning processes and operational seams 
efforts.  Even if additional resources could be dedicated to seams planning, we found that there 
often is limited exchange of sufficiently current data and inadequate joint planning models.  
The emphasis here is not the sheer volume of data exchanged but the extent to which the 
available data and planning models would allow one seams entity to accurately model the impact 
of a proposed seams project on its neighbor’s system.  For example, jointly-developed and 
validated interregional power flow cases are not generally available for the combined footprint 
such that one seams entity would be in a position to credibly model the neighboring system.  We 
also found that there is considerable uncertainty as to how or when neighboring systems will 
evaluate and consider seams projects as part of their regular planning processes.  This creates 
mismatched timelines and missed opportunities to evaluate seams projects in a timely fashion.  
Finally, we identified a “gap” between top-down and bottom-up transmission studies, which can 
lead to an inability to identify beneficial seams projects.  For example, SPP’s “top-down” 
regional planning study, the Integrated Transmission Plan 10 (“ITP10”), identifies proposed 
transmission buildouts based on benefits provided by each configuration without fully 
considering projects that could be built and partially paid for in response to long-term 
transmission service requests (“TSRs”).  At the same time, bottom-up planning efforts, like the 
evaluation of TSRs, only consider firmly-planned projects that already have a notice to construct 
but not other transmission projects that have been approved within the context of the ITP 
process.  The disconnect is created because individual TSRs may benefit from the larger 
upgrades proposed in the ITP process but would not be able to fund such upgrades on an 
individual basis.  Similarly, to the extent that an ITP project could address TSRs, payments 
received from TSRs would not be captured as a benefit in the ITP10 analysis.    

When considering seams projects, we found that the qualification criteria for a seams project 
often differ between neighbors.  These differences can create a gap that eliminates beneficial 
solutions even before a detailed analysis can be undertaken.  This may be due to a requirement 
that a seams project that offers market efficiency benefits to one seams entity also needs to 
qualify as a market efficiency project in the neighboring seams entity.  Other potentially 
beneficial seams projects may be eliminated by minimum voltage or project cost requirements or 
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the requirement that seams projects need to be physically located in both entities’ footprint.  The 
latter eliminates from consideration as a seams project any upgrades to flow gates that are 
entirely within one entity’s footprint but constrain transactions within the neighboring seams 
entity.   

Overall we also found that many transmission-related benefits are not considered or lack 
specified metrics that could quantify or describe those benefits for seams projects.  There is 
also uncertainty about which types of transmission benefits are considered in the planning 
process of the neighboring seams entity.  This can be a significant barrier to project selection and 
cost allocation, since costs can realistically be allocated to individual seams entities only based 
on benefits that are recognized by those entities.  For example, would a seams neighbor consider 
a reduction in transmission loading relief (“TLR”) events to be a reliability benefit?  How would 
this benefit be monetized or what portion of a seams project’s costs could be allocated to a 
neighbor who benefits from a reduction of TLR events?  Moreover, individual seams projects 
may offer very different types of benefits to each of the neighboring regions and 
transmission owners.  For example, a seams project that addresses a reliability concern within 
one seams entity may offer mostly market efficiency or economic benefits to the neighboring 
seams entity.  As a result, a requirement that individual seams projects provide the same type of 
benefit (i.e., reliability, economic, or public policy) to both seams neighbors will eliminate many 
potentially beneficial seams projects. 

While robust planning and benefit considerations are essential to seams cost allocation, the lack 
of sufficiently detailed, actionable, but flexible cost allocation principles and guidelines 
makes it difficult to resolve seams cost allocation challenges.  For example, FERC’s requirement 
that costs be allocated so they are “roughly commensurate” with benefits is a good starting point, 
but does not provide quite enough guidance to be actionable by itself.  On the other hand, while 
entities have attempted to develop detailed interregional evaluation frameworks for certain types 
of seams projects (e.g., reliability or market efficiency projects), we found that such frameworks 
often are based on the “lowest common denominator” of the neighboring entities’ planning 
processes and are insufficiently flexible to address many potentially attractive seams projects.   

Finally, barriers to seams projects are created if cost allocation is not aligned with ownership 
interests and transmission rights.  Transmission owners in non-market regions and non-
jurisdictional transmission owners will be unable or hesitant to pay for seams projects without 
obtaining transmission rights (e.g., a share of the upgrade’s incremental flowgate capacity) in 
return for their payments. 

To mitigate the identified barriers, a successful approach to cost allocation will need to be 
flexible enough to accommodate different types of seams projects (e.g., reliability, economic, 
and public policy projects) for different types of neighboring regions and entities (e.g., market 
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and non-market areas, FERC jurisdictional, and non-jurisdictional entities).  Furthermore, the 
approach should recognize that a project may provide different types of benefits to each of the 
neighboring seams entities.  To balance this flexibility, an effective framework also needs to be 
specific enough to be actionable without being overly restrictive and formulaic.  In this regard, 
our proposed framework requires the joint development and validation of planning assumptions 
and models, comprehensive identification and explanations of all quantitative and qualitative 
benefits considered in each entity’s transmission planning process, the identification of any 
additional benefits specific to seams projects (such as increased wheeling revenues), and 
specification of metrics by which to measure the identified benefits.  Lastly, to address 
implementation-related barriers, assignment of transmission rights and specification of 
acceptable payment mechanisms to implement cost allocations will be necessary.  The proposed 
framework for interregional planning and seams cost allocation presented in Sections VI through 
XI specifically builds on these considerations.  

 

III. REVIEW OF SPP’S DRAFT SEAMS COST ALLOCATION WHITEPAPER 

As noted earlier, in an attempt to establish a more systematic approach to cost allocation, the 
SPP’s Seams Steering Committee developed a draft whitepaper—the Draft Cost Allocation 

Principles for Seams Transmission Expansion Projects (“Draft Seams Cost Allocation 
Whitepaper,” provided in Appendix A)—in collaboration with the SPP Regional State 
Committee (“SPP RSC”).7  This Draft Seams Cost Allocation Whitepaper seeks to articulate a 
consistent set of overarching seams cost allocation principles and methodologies that could be 
applied to SPP and each of its neighbors.  It begins with the recognition that SPP’s seams 
agreements with its various neighbors “lack systemic requirements describing how costs for 
upgrades identified in these coordinated plans should be allocated between SPP and its 
neighbors.”8  The draft whitepaper also acknowledges that effective cost allocation will 
“promote improved transmission planning coordination at SPP’s seams and facilitate more cost 
effective and efficient interregional solutions.”9  In order to develop a consistent approach to cost 
allocation, the Draft Seams Cost Allocation Whitepaper proposes principles to be considered in 

                                                 
7  The SPP RSC is comprised of the retail regulatory commissioners in the SPP member states of Arkansas, 

Kansas, Missouri, Nebraska, New Mexico, Oklahoma, and Texas.  The SPP RSC provides state regulatory 
agency input on matters of regional importance related to the development and operation of the bulk 
electric transmission within SPP.  In addition, the SPP RSC is charged with developing cost allocation 
methodologies for transmission upgrades within SPP. 

8  SPP, Draft Cost Allocation Principles for Seams Transmission Expansion Projects, January 7, 2011, p.1. 
9  Ibid., p. 1. 
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five interrelated areas: (1) seams projects classification and applicability; (2) seams project 
designation criteria and OATT compatibility; (3) models and modeling assumptions; (4) metrics 
and criteria; and (5) cost allocation.10  This section of the report discusses these areas and 
provides our thoughts on the completeness and consistency of the specified principles.   

A. SEAMS PROJECTS CLASSIFICATION AND APPLICABILITY AND SEAMS 
PROJECT DESIGNATION CRITERIA AND OATT COMPATIBILITY 

The first two topic areas are closely interrelated and will therefore be discussed together.  The 
Draft Seams Cost Allocation Whitepaper notes that seams projects, or so called interregional 
transmission projects (“IRTPs”),11 are generally identified as part of a coordinated system 
planning and modeling effort between SPP and the neighboring seams entity.  It also 
acknowledges that IRTPs may be unilaterally identified but are still considered for seams cost 
allocation.   

Observations: We agree that this approach allows for some flexibility in how seams 
projects are identified and necessarily sets cost allocation within the context of 
interregional planning. 

The draft whitepaper also specifies that an IRTP may physically cross a seams boundary or be 
wholly located within one seams entity.12  To qualify as an IRTP, a project should be a minimum 
of 100 kV and have a total engineering and construction cost of at least $20 million.13  While it is 
possible to consider lower voltages or costs, these minimum thresholds have been established so 
that time and resources are dedicated to projects that would be more likely to produce sufficient 
benefits to both seams entities.14   

Observations:  We agree that IRTPs that provide benefits to both seams neighbors may 
or may not physically cross the seams boundary.  We also agree that the availability of 
time and resources are significant constraints, but it does not necessarily follow that 
smaller or lower-voltage projects would not produce sufficient benefits to both parties in 
relation to allocated costs.  In fact, smaller projects with significant benefits to both 
parties may be easier to validate and approve. 

                                                 
10  Ibid., p. 1. 
11  “Seams” and “interregional” are used interchangeably in the Draft Seams Cost Allocation Whitepaper. 
12  Draft Seams Cost Allocation Whitepaper, p. 1. 
13  Ibid., pp. 1-2. 
14  Ibid., p. 2. 
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The draft whitepaper classifies IRTPs based on three major drivers: 1) reliability needs (“IRTP-
R”); 2) economic improvements (“IRTP-E”); and 3) public policy requirements (“IRTP-P”).15  
To be considered an IRTP-R, the general principle notes that both seams entities should 
contribute to the need for a project by a “significant” amount so that there are sufficient benefits 
accruing to each party based on allocated costs.  The seams entity not constructing the IRTP-R 
facility should contribute at least 5% of the loading on the constrained facility.16  This approach 
is similar to the one used between PJM and the MISO for reliability-driven seams projects (see 
discussion in Section IV.A).  For IRTP-Es, the main principle is that each seams entity should 
receive benefits from reduced congestion equal to or exceeding its allocated costs.17  In addition, 
at least one generator in a seams entity’s dispatch footprint should have a generation to load 
distribution factor of 5% or greater on one or more of the constraints being addressed.18  This 
approach is also similar to the one used between PJM and the MISO for economically-driven 
seams projects (see Section IV.A).  Public policy requirements are not specifically defined in the 
draft whitepaper but may include state or federal renewable energy standards or carbon caps.19  
To qualify as an IRTP-P, the project should be identified through the seams entities’ coordinated 
system planning process, and determined necessary to meet the policy needs of at least one of the 
seams entities.20  IRTP-Ps are not upgrades required to meet transmission service or a request for 
generation interconnection.     

Observations: We noted a potential inconsistency or at least a need for clarification in 
the consideration of project drivers.  While it is helpful to classify projects based on 
reliability, economic, and public-policy drivers, few of SPP’s neighbors consider each of 
these drivers in the same way as defined in the draft whitepaper.  For example, economic 
benefits may be considered by a neighbor but are not necessarily quantified in terms of 
adjusted production costs or other metrics used by SPP.  Importantly, other seams entities 
may not distinguish between reliability, economic, and public policy projects as is 
suggested in the whitepaper.  In fact, SPP's own internal planning process does not 
categorize transmission projects based on these three drivers.  Furthermore, it is not clear 
that seams entities will benefit from the project in the same way.  This is recognized in 
the final section of the draft whitepaper, which notes that a project may provide benefits 
to a seams entity based on one driver but also provide benefits to its seams neighbor via a 

                                                 
15  Draft Seams Cost Allocation Whitepaper, p. 1. 
16  Ibid., pp. 2-3. 
17  Ibid., p. 3. 
18  Ibid., p. 3. 
19  Ibid., p. 2. 
20  Ibid., p. 3. 
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different driver.21  For example, a reliability project in one entity’s footprint may provide 
economic benefits to the other seams entity.  While this section notes that cost allocation 
of IRTPs should consider whether there are multiple benefits or drivers, it does not 
provide any guidance on how to do so.  Furthermore, it is not clear if a project can qualify 
as an IRTP-R, IRTP-E, or IRTP-P (and thus be eligible for cost allocation) if the 
neighboring seams entity does not receive the same types of benefits.  One approach may 
be to define an IRTP by a major driver but recognize that it can produce different or 
multiple benefits to each seams entity.  

The Draft Seams Cost Allocation Whitepaper makes special mention of OATT compatibility for 
cost sharing and recovery.  It notes that IRTP’s should be identified via coordinated system 
planning and that each seams entity should have the appropriate cost recovery provisions to 
allocate the cost of IRTP’s.22  The draft whitepaper also notes that costs allocated for approved 
IRTP’s will be recovered using SPP’s then current regional cost allocation methodology, 
regardless of the IRTP’s voltage.23 

Observations: We agree with this provision and generally note that the allocated costs of 
IRTPs should be recovered by each seams entity in the same way as costs of other 
internal (regional or local) projects are recovered.  It will, however, be important to 
specify the mechanisms defining how cost allocations are implemented (i.e., payment 
methodologies) and to make sure that these mechanisms are acceptable to each entity.  

B. MODELS AND MODELING ASSUMPTIONS 

In terms of models and modeling assumptions, the Draft Seams Cost Allocation Whitepaper 
requires the use of the same tools and assumptions as those used in the coordinated planning 
efforts between seams entities.24  The draft whitepaper notes that formulating similar 
assumptions within mutually accepted planning horizons will be essential to IRTP-R and IRTP-E 
screening, selection, and cost allocation solutions.25 

Observations: Relying on consistent data inputs and models will foster a better 
understanding of the seams and seams-related needs between neighboring entities.  
However, the exchange of data in itself, even if consistent with existing coordinated 

                                                 
21  Draft Seams Cost Allocation Whitepaper, p. 5. 
22  Ibid., p. 2. 
23  Ibid., p. 2, footnote 2. 
24  Ibid., p. 3.  
25  Ibid., p. 3. 
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planning efforts, may still not produce agreeable results.  We recommend that planning 
models are developed jointly for the combined footprint and validated by both seams 
entities.  We also recommend that each pair of seams entities agree upon an explicit 
schedule for exchanging data, developing joint planning models, and validating the 
models.  While the draft whitepaper does not go into much detail, a formal agreement 
between the seams entities should explicitly list the types of data, scenarios, and models 
used or developed for the analysis of seams projects. 

C. METRICS AND CRITERIA 

Metrics and criteria are not discussed in detail for IRTP-Rs or IRTP-Ps.  Instead, the Draft Seams 
Cost Allocation Whitepaper offers seams entities the option to use metrics established by the 
SPP Economic Studies Working Group that represent reliability-, public policy-, and regulatory-
driven needs.26  For IRTP-Es, the Draft Seams Whitepaper lists three metrics that, at the 
minimum, should be used for benefits calculations: (1) adjusted production cost (“APC”) 
savings; (2) project deferrals and/or displacements; and (3) reduced system losses.  Additional 
metrics may be considered with the agreement of the seams entities.  The Draft Seams 
Whitepaper also notes that IRTPs developed as a result of specific transmission service requests 
should allocate the costs to the transmission customers who submitted the request. 

Observations: SPP has included in the draft whitepaper three metrics for IRTP-Es that it 
already considers in its own regional planning process.  This is helpful because it 
recognizes that IRTPs will be considered in a manner consistent with SPP-internal 
projects.  Though the three metrics for IRTP-Es are a useful starting point, non-market 
regions and non-jurisdictional transmission owners may not recognize or actively 
consider APC savings in their planning processes.  In that case, it would be difficult to 
adopt the metric for seams planning as it would create an inconsistency with the entities’ 
internal planning processes.  Furthermore, the APC metric will understate the benefits of 
seams projects as it does not consider the potential that a portion of a seams project’s 
costs could be offset by increased wheeling through and out revenues. The second 
IRTP-E metric, project deferrals and/or displacements, can be applied more broadly to all 
types of seams projects.  In other words, any type of seams project can efficiently defer 
and/or displace any type of internal projects, including reliability and public policy-
driven projects.  As for system losses, it is not entirely clear if all of SPP’s neighbors 
currently consider this benefit in their planning efforts, which would cause 
inconsistencies with their internal planning framework.  Lastly, the draft whitepaper 

                                                 
26  Draft Seams Cost Allocation Whitepaper, p. 4. 
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makes special mention of transmission service requests for energy transferred across a 
seams boundary.  We propose to consider this a benefit that is specifically related to 
seams projects because increasing transmission capacity to accommodate service requests 
will generate revenues, which will offset a portion of the IRTP’s costs. 

The proposal to use specific metrics and criteria for IRTP-Es suggests that both seams 
entities would need to agree to use the same metrics and criteria.  This may be difficult 
for some entities, as discussed above, and may result in much time spent on efforts to 
develop a common set of metrics, which may only reflect a “least-common-denominator” 
outcome.  Such an outcome would not be able to recognize many potentially beneficial 
seams projects.   

D. COST ALLOCATION 

The draft whitepaper’s final section on cost allocation establishes principles for each type of 
IRTPs.  For IRTP-Rs, the proposed cost allocation principle is to reflect cost causation as 
measured by each entity’s loading contribution to the constrained facility.27  For IRTP-Es, the 
costs allocated to each entity are recommended to be based on the net present value of total 
quantifiable benefits for each entity.  The Draft Seams Cost Allocation Whitepaper also notes 
that seams entities should be allowed to consider other arrangements, such as allocating costs 
based on allocation of physical transmission capacity rights if mutually agreeable to both 
entities.28  For IRTP-Ps, the cost allocation principle simply notes that the project should cost-
effectively meet each entity’s public policy goals as compared to other options.29  Therefore, cost 
allocation should follow the level to which public policy objectives are met with the new IRTP-
P.  The final paragraph of the Draft Seams Cost Allocation Whitepaper then notes that other 
drivers should be considered under each classification of IRTPs for the purposes of cost 
allocation.  

Observations:  We generally agree with assigning costs to “cost causers” but point out 
that the cost of IRTP-Rs (or any other type of IRTP) could be allocated either to the cost 
causers or beneficiaries.  In fact, the entities may “cause” transmission investment needs 
differently than they receive benefits from an upgrade.  Thus, we recommend that 
benefits also be considered to determine cost allocation for IRTP-Rs.  For IRTP-Es, we 
assume the cost allocation principle (read consistently with the first two areas discussed 

                                                 
27  Draft Seams Cost Allocation Whitepaper, p. 4. 
28  Ibid., p. 5. 
29  Ibid., p. 5. 
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above) means that the costs allocated to each entity should be in proportion (but equal to 
or less than) the present value of quantifiable benefits calculated for each entity.  An 
exclusive focus on the present value of benefits does not recognize non-monetized 
benefits that an IRTP-E may provide, such as additional reliability or public policy 
benefits.  While the quantifiable and monetized benefits that a project may provide can 
serve as the foundation for cost allocation, other benefits should not be overlooked 
entirely even if they have not been monetized.  Since transmission service across both 
RTO and non-RTO seams is still based on physical transmission rights, allocating costs 
in proportion to physical transmission capacity (and associated rights) may be a 
pragmatic and attractive option for many seams projects.  Lastly, suggesting that IRTP-P 
costs should be allocated to each entity based on the “level” to which each entity is able 
to meet public policy goals is inconsistent with the proposed IRTP-P qualification criteria 
that requires only that an IRTP-P meet at a minimum one entity’s public policy goals.  
This would not allow seams entities to consider needs different from its neighbors and 
poses particular problems for IRTP-Ps if state mandates vary or projects provide public 
policy benefit to only one of the seams entities, even though other benefits may accrue to 
the other neighbor.  

 

IV. EFFORTS AT INTERREGIONAL PLANNING AND SEAMS COST 
ALLOCATION ELSEWHERE 

This section of the report summarizes efforts to address interregional cost allocation and 
planning efforts in other markets.  We identify successful or promising practices that may be 
considered by SPP and its seams neighbors.  Our survey covered nine examples from RTO and 
non-RTO regions in the U.S. and Europe, which include cost allocation principles, seams 
planning processes, and benefit measurements as applied to a variety of project types such as 
reliability, economic, and public policy upgrades.   

A. PJM-MISO SEAMS COST ALLOCATION FOR RELIABILITY AND MARKET 
EFFICIENCY PROJECTS 

The PJM Interconnection, L.L.C. (“PJM”) and Midwest ISO (“MISO”) are the only two RTOs 
with pre-specified, FERC-approved interregional cost allocation methodologies.  PJM and MISO 
offer such cost allocation methodologies for two types of projects: reliability driven and market 
efficiency (i.e., economic) driven transmission upgrades (see Appendix B.1 for original tariff 
language).  Both cost allocation methodologies rely on pre-specified qualification criteria (such 
as a minimum cost threshold) and pre-specified cost allocation formulas that are applied for 
projects that pass the qualification criteria.   
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For a transmission upgrade to qualify as a “cross-border baseline reliability project,” the 
following criteria are applied: (1) the joint RTO planning committee must agree that the project 
meets applicable reliability criteria; (2) the project needs to meet the definition of a reliability 
project under at least one of the RTO’s tariffs; (3) at least $10 million of the total project cost 
must be allocated to the RTO in which the project is not constructed; and (4) the neighboring 
RTO must contribute at least 5% to the total loading on the constrained facility.  Costs are then 
allocated based on each RTO’s relative contribution to the combined flow on the constrained 
facilities or defined interface.  The costs allocated to each RTO will then be recovered according 
to the internal cost-allocation framework under each of the RTOs’ respective tariffs. 

“Cross border market efficiency projects” must meet a slightly different set of criteria: (1) the 
project must be evaluated as part of the RTOs’ coordinated system planning process; (2) the 
project must quality as a market efficiency upgrade under both RTOs’ tariffs; (3) total project 
costs must exceed $20 million; (4) the project must meet minimum benefit-cost ratios with 
benefits calculated based on 70% adjusted production cost savings and 30% load LMP savings to 
both RTOs; (5) the project must also meet each of the RTOs’ individual cost-benefit criteria; and 
(6) the project must address at least one constraint that carries at least 5% of power flows from 
one generator in the adjacent market serving load in the adjacent market.  Costs are then 
allocated based on the net present value of the total benefits calculated for each RTO.  Allocated 
costs are then recovered through each of the RTOs’ existing tariffs. 

These cost allocation methodologies reflect an RTO-centric approach.  For example, the 
evaluation criteria and benefit metrics used for seams cost allocation are based on the 
overlapping set of the two RTOs’ existing benefits metrics.  Furthermore, the approach assumes 
recovery of allocated costs via the RTO’s existing internal cost allocation methodologies.  And, 
consistent with the joint and common market principles shared between PJM and MISO, the 
methodologies do not include any physical rights to new or expanded transmission paths.   

Observations:  This is a valuable example because of the similarities between SPP’s 
relationship to MISO.  As is the case for PJM and MISO, SPP and MISO use similar metrics to 
estimate benefits.  While this approach based on a fairly narrowly-defined, formulaic approach 
could similarly be applied to reliability and market efficiency projects between SPP and MISO, it 
would not be able to address many types of seams projects.  The approach would also not be 
helpful as a seams cost allocation framework with SPP’s non-RTO neighbors because many of 
these neighbors do not currently use similar benefit metrics.  Though this approach provides 
significant clarity up front, it would be difficult to implement between market and non-market 
regions.  Furthermore, neither of these two formulaic approaches would “fit” the types of 
candidate seams projects that have been identified by SPP staff and market participants.  Even 
within MISO and PJM, no major cross border reliability or market efficiency projects have been 
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approved by the RTOs through this methodology—despite the fact that these options have now 
been available for several years.30 

B. NORTHERN TIER COST ALLOCATION PROCESS AND PRINCIPLES 

The Northern Tier Transmission Group (“NTTG”) is a voluntary organization that coordinates 
transmission systems operations, products, business practices, and planning for its member 
utilities in the Pacific Northwest and Mountain states, serving customers in Oregon, Washington, 
California, Idaho, Montana, Wyoming, and Utah.31  The utility members include Deseret Power 
Electric Cooperative, Idaho Power, NorthWestern Energy, PacifiCorp, Portland General Electric, 
and Utah Associated Municipal Power Systems.  They collectively serve 2.7 million customers 
and maintain over 27,000 miles of high-voltage transmission.32   

Since NTTG is not an RTO, the boundary between each vertically-integrated utility member 
represents a seam similar to those of SPP and its neighbors.  NTTG’s Steering Committee 
oversees and directs initiatives undertaken by members and is comprised of representatives from 
regulatory utility commissions of the states where NTTG members operate, utility members, and 
state consumer advocacy groups.33  NTTG has a set of cost allocation principles which it applies 
to proposed projects in its members’ service territories (see NTTG cost allocation principles 
attached as Appendix B.2).   

As part of FERC Order 890 compliance, the NTTG formed a Cost Allocation Committee 
(“CAC”), which includes staff from regulatory utility commissions, its utility members, and state 
consumer advocacy groups.  The CAC developed four broad cost allocation principles based on 
the “beneficiaries pay” concept with an emphasis on consensus building and equity.34  For 
example, costs cannot be allocated involuntarily and benefits received may include physical or 
financial transmission service rights.35  These cost allocation principles are applied to a wide 
variety of transmission projects (not defined by a de minimis threshold), which include any 

                                                 
30  FERC approved the PJM-MISO tariff for cross-border reliability projects in an order released in FERC 

Docket No. ER05-6-044, et al., on January 31, 2008 and the tariff for cross-border market efficiency 
projects in an order released in FERC Docket No. ER05-6-108, et al., on November 3, 2009. 

31  Northern Tier Transmission Group, “Fact Sheet,” available at: 
http://nttg.biz/site/index.php?option=com_content&task=view&id=122&Itemid=1.  Accessed February 1, 
2012. 

32  Ibid. 
33  Ibid. 
34  Northern Tier Transmission Group, “NTTG Cost Allocation Principles,” May 29, 2007, p. 6.  Available at: 

http://nttg.biz/site/index.php?option=com_docman&task=doc_download&gid=193&Itemid=31.  
35  Ibid., p. 7. 
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project that impacts one or more load serving entities in terms of supporting load growth, 
providing economic benefits, or meeting public policy goals.36    

During the transmission planning process, market participants within NTTG will submit an 
application with details about their projects, including a proposed cost allocation methodology.  
The CAC will review these submitted materials and analyses of costs and benefits, check for 
consistency against NTTG’s cost allocation principles, and provide a non-binding 
recommendation for cost allocation.37  The CAC will first provide a preliminary cost allocation 
recommendation during the transmission study plan development and then a final written 
recommendation to be included in the annual or biennial transmission planning reports submitted 
to the Steering Committee for approval.38  However, each project still needs approval from its 
applicable state commission.   

Within the 2008-2009 planning cycle, for example, the CAC reviewed over $9 billion in 
proposed transmission projects and recommended (i.e., reaffirmed) the cost allocation 
methodologies as proposed by project sponsors for over $7 billion of the projects.39  One of these 
recommended projects, the “Energy Gateway” project, accounts for $6 billion and consists of 
nine segments.40  Each of the nine segments is allocated differently to one or two transmission 
owners, with ownership or joint ownership of individual segments used as the tool to implement 
cost allocation.  For example, five segments are wholly owned by each of the individual utilities, 
with costs recovered through their respective transmission tariffs from native load and wheeling 
customers.  The remaining four segments are jointly-owned and cost allocation is aligned with 
ownership shares.   

Observations:  This is a helpful example because cost allocation is explicitly linked to the 
transmission planning process and is based on concrete cost allocation principles without being 
overly prescriptive.  Project sponsors are encouraged to develop a cost allocation methodology 
for review by the CAC (which includes utility, state commission, and consumer advocate staff) 
to ensure adherence to the pre-specified NTTG cost allocation principles.  The principles also 
                                                 
36  Ibid., pp. 4-5. 
37  Northern Tier Transmission Group, “Cost Allocation Committee Charter,” October 21, 2009, pp. 4-5. 
38  Northern Tier Transmission Group, “NTTG Cost Allocation Principles,” May 29, 2007, p. 12. 
39  NTTG Cost Allocation Committee, “2008-2009 Cost Allocation Committee Final Report,” December 1, 

2009, pp. 2-4.  Available at: 
http://nttg.biz/site/index.php?option=com_docman&task=cat_view&gid=220&Itemid=31.   The sponsors 
for the remaining $2 billion in proposed projects did not submit sufficient information for the CAC to 
provide a recommendation.   

40  The Energy Gateway project is comprised of 11 segments in total for a cost of over $7 billion.  The 
sponsors for two of the segments did not provide enough information for the CAC to recommend a cost 
allocation. 
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provide for enough flexibility to allow for seams projects that benefit sponsors differently (e.g., 
provide reliability benefits to one utility, provide market efficiency benefits to a second utility, 
and provide a combination of benefits to a third utility).   

C. COLUMBIAGRID EXPANSION PLANNING PROCESS AND COST ALLOCATION 
GUIDELINES  

ColumbiaGrid is a voluntary organization, which coordinates transmission systems operations 
and transmission planning, administers an OASIS portal, and provides corporate services for its 
member utilities in the Pacific Northwest and Mountain states serving customers in Oregon, 
Washington, Idaho, Montana, California, Wyoming, Nevada, and Utah.  ColumbiaGrid has 
developed cost allocation methodologies for different types of projects that are analyzed during 
its transmission planning and expansion process (see Appendix B.3).  Since ColumbiaGrid is not 
an RTO, the boundaries between each of its vertically-integrated utility members are similar to 
the boundaries between SPP and its neighbors.  The utility members include Avista Corporation, 
Bonneville Power Administration, Chelan County Public Utility District (“PUD”), Grant County 
PUD, Puget Sound Energy, Seattle City Light, Snohomish County PUD, and Tacoma Power.41  
They collectively own over 22,000 miles of high-voltage transmission.42 

ColumbiaGrid’s biennial transmission planning process starts with a regional needs assessment 
conducted over a 10-year planning horizon.  “Study Teams” comprised of project sponsors, 
impacted system representatives, interested participants, and ColumbiaGrid staff then develop 
projects to address needs and impacts.  While Study Teams are responsible for developing a cost 
allocation methodology for each project, ColumbiaGrid has already outlined guidelines and 
principles for the cost allocation of reliability, economic, and transmission-service-request driven 
projects, as well as so called “expanded scope” projects that are a combination of the previous 
types.43  Table 3 below shows the drivers, project categories, and cost allocation guidelines 
ColumbiaGrid has developed. 

                                                 
41  ColumbiaGrid, “Participation Overview,” available at: http://www.columbiagrid.org/participation-

overview.cfm.  Accessed February 10, 2012. 
42  ColumbiaGrid, “About the Power Grid,” available at: http://www.columbiagrid.org/about-the-power-

grid.cfm.  Accessed February 10, 2012. 
43  ColumbiaGrid, “Planning and Expansion Functional Agreement,” Appendix A: Planning Process, July 27, 

2011. 
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Table 3 
Summary of ColumbiaGrid Cost Allocation Guidelines 

 

Driver of 
transmission 
need 

Project 
category name 

If no cost allocation 
agreement is reached, 
Staff may recommend: 

Board action 

Local reliability Single System 
Project 

N/A – costs allocated to the 
individual affected system 

N/A 

Regional 
reliability  

Existing 
Obligation 
Project 
(“EOP”) 

Costs allocated to cost 
causer and/or those that 
may benefit from the EOP 
by delaying or eliminating 
the need for their own 
upgrade 

Review and approve 
Study Team or 
ColumbiaGrid Staff 
recommendation with 
option to modify 

Economics Capacity 
Increase 

New cost allocation or 
default allocation based on 
proportion of additional 
capacity received 

Informational only, 
may not disapprove or 
modify 

Transmission 
service and 
interconnection 
requests 

Requested 
Service Project 

Cost allocated to requesting 
customer and potentially to 
transmission owner if 
project can delay or 
eliminate needed upgrades 

Review and approve 
Study Team or 
ColumbiaGrid Staff 
recommendation with 
option to modify 

Combination of 
above 

Expanded 
Scope Project 

Cost allocation based on the 
category of the expansion(s) 

Informational only, 
may not disapprove or 
modify  

Sources and Notes: ColumbiaGrid, “Planning and Expansion Functional Agreement,” Appendix A: 
Planning Process, July 27, 2011. 

 
In the event that the Study Team cannot agree on a cost allocation methodology, the 
ColumbiaGrid Staff and Board may be called upon to provide a cost allocation recommendation.  
Ultimately, the final biennial transmission plan will need the approval of the ColumbiaGrid 
Board, comprised of three independent directors.  The most recent 2012 update to the 2011 
Biennial Transmission Expansion Plan included $2.4 billion of projects.44  

                                                 
44  ColumbiaGrid, “2012 Update to the 2011 Biennial Transmission Expansion Plan,” February 15, 2012, 

p. 6.  Available at: http://www.columbiagrid.org/planning-expansion-overview.cfm. 
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Observations:  Similar to NTTG, cost allocation in ColumbiaGrid is considered in conjunction 
with the transmission planning process.  ColumbiaGrid, however, is more formally structured 
and provides specific guidance on cost allocation methodologies to be applied to projects 
meeting individual or a combination of needs but still allows seams projects to benefit sponsors 
differently.  Unlike NTTG, there is more emphasis on general stakeholder rather than state 
representative involvement since a large portion of the ColumbiaGrid footprint consists of public 
power companies, such as the Bonneville Power Administration.   

D. ISO-NE, NYISO, AND PJM’S NORTHEASTERN ISO/RTO PLANNING 
COORDINATION PROTOCOL 

ISO New England (“ISO-NE”), the New York Independent System Operator (“NYISO”), and 
PJM are parties to the Northeastern ISO/RTO Planning Coordination Protocol (“Protocol”), 
approved by the FERC in 2004, which supports and enhances each ISO/RTO’s separate planning 
processes by providing an overarching forum and process for coordinating system planning in 
the Northeast region (see Appendix B.4).45  The Protocol develops a coordinated effort to ensure 
“on-going reliability and the enhanced operational and economic performance of the systems of 
the parties.”46   

The Protocol outlines two main responsibilities of the parties.  The first responsibility is to 
coordinate the generator interconnection and long-term transmission service requests that may 
have cross border impacts.  The second is to produce a Northeastern Coordinated System Plan 
(“NCSP”) that integrates: “(1) the system plans of the parties, (2) on-going load growth and 
retirements or deactivations of infrastructure, (3) market-based additions to system infrastructure, 
such as generation or merchant transmission projects, (4) distributed resources, such as demand 
side and load response programs, and (5) transmission upgrades identified, jointly, by the parties 
to resolve seams issues or to enhance the coordinated performance of the systems.”47  The 
NCSPs are developed on a periodic basis for a 10-year outlook and are supported by two main 
groups: (1) the Joint ISO/RTO Planning Committee (“JIPC”), comprised of staff from the 
ISO/RTOs to conduct the analyses; and (2) the Inter-Area Planning Stakeholder Advisory 
Committee (“IPSAC”), which provides input from stakeholder groups such as market 

                                                 
45  ISO New England, New York ISO and PJM, “2009 Northeast Coordinated System Plan,” p. 4. 
46  ISO New England, New York ISO and PJM, Northeastern ISO/RTO Planning Coordination Protocol, 

Section 1: Introduction.  Available at: http://www.interiso.com/public/document/Northeastern%20ISO-
RTO%20Planning%20Protocol.pdf.    

47  Ibid. 
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participants from each party, governmental agencies, regional state committees, and regional 
reliability councils.48   

To develop the NCSP, the Protocol outlines the data requirements and format, timing of data 
exchange and verification, and processes for jointly developing the plan and incorporating 
stakeholder reviews.  Although neighboring Canadian entities (Hydro-Québec TransÉnergie, the 
Independent Electric System Operator of Ontario, and the New Brunswick System Operator) are 
not signatories to the Protocol, they have agreed to participate on a limited basis to exchange 
data and other relevant information on a periodic basis.49  Cost allocation is addressed through 
each party’s own tariff.50 

The most recently completed NCSP from 2009 reviewed a wide variety of topics of regional 
concern and impact such as proposed environmental regulations that may trigger significant 
retirements, transmission interconnection and operational integration of wind resources to meet 
state enacted RPS requirements, and demand side resource development.51  It has also identified 
specific areas of improvement such as increasing the economic transfer capability between 
ISO-NE and NYISO, for further analysis in a separate economic study.52     

Observations: The Northeastern ISO/RTO Planning Coordination Protocol is a helpful example 
of seams planning because the processes and committees have already produced several 
coordinated system plans, which have in turn identified seams-related upgrades.  However, it is 
not clear how many of the identified seams projects are the direct result of the coordinated 
planning effort.  The participating system operators believe that the protocol meets many of the 
interregional planning requirements of FERC Order 1000, but would need further modifications 
to develop a cost allocation methodology.53  

E. UMTDI COST ALLOCATION PRINCIPLES 

The Upper Midwest Transmission Development Initiative (“UMTDI”) was created by the 
governors of Iowa, Minnesota, North Dakota, South Dakota, and Wisconsin to “identify and 

                                                 
48  Ibid., Section 2.1: Inter-area Planning Stakeholder Advisory Committee and Section 2.2: Joint ISO/RTO 

Planning Committee. 
49  Ibid., Section 1: Introduction. 
50  Ibid., Section 4.4: Cost Allocation. 
51  ISO New England, New York ISO and PJM, “2009 Northeast Coordinated System Plan.”  
52  ISO New England, New York/New England Economic Study Process Report and Illustrative Results, June 

29, 2011.  Available at: http://www.iso-
ne.com/committees/comm_wkgrps/othr/ipsac/reports/2011/ny_ne_eco_study.pdf.  

53  Buechler, John P., “FERC Order 1000: Transmission Planning & Cost Allocation,” presented at IPSAC 
Webinar, November 29, 2011, p. 8 and p. 11. 
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resolve regional transmission planning and cost allocation issues associated with the delivery of 
renewable energy from wind rich areas within the five-state footprint to the region’s 
customers.”54  UMTDI has an Executive Committee—comprised of a utility commissioner and a 
governor’s representative from each state—that worked with MISO staff to discuss legal issues, 
cost allocation, and regional planning.55  Through this effort, UMTDI developed eight cost 
allocation principles for transmission investments needed to interconnect renewable generation 
(see Appendix B.5).   

The UMTDI cost allocation principles are based on the concept that cost causers and 
beneficiaries should bear the cost of transmission investments.56  The principles note that the 
methodologies used should be flexible and consider more than a single benefit metric and that, 
over time, the distinction between reliability and economic driven projects will tend to blur.57  
The principles also recognize the importance of regional planning to leverage resources 
throughout the region for effective transmission builds, which tend to be more efficient at higher 
voltages.58  Some of these concepts have been included in the MISO’s Multi Value Project 
(“MVP”) evaluation criteria during the planning phases of the Regional Generation Outlet Study.  

Observations:  Somewhat similar to the RSC role in SPP cost allocation, UMTDI provided 
input to MISO’s transmission planning and cost allocation process.  MISO’s adoption of the 
MVP evaluation criteria recognizes that regional transmission projects, especially those at higher 
voltages, can address a number of different drivers and provide benefits, which may vary by 
market participant over time.  The example provides some insight into how a public policy-
oriented scope was expanded to consider benefits more broadly within the transmission planning 
process. 

F. NESCOE DRAFT FRAMEWORK FOR PUBLIC POLICY PROJECTS AND 
ASSOCIATED COST ALLOCATION  

In response to FERC Order 1000, the New England States Committee on Electricity 
(“NESCOE”) developed a draft framework for considering transmission projects to meet public 
policy requirements and the associated cost allocation within the ISO-NE market (see Appendix 

                                                 
54  Upper Midwest Transmission Development Initiative, “Executive Committee Final Report,” September 

29, 2010, p. 1.  Available at: http://www.misostates.org/files/UMTDISummaryReportFinal.pdf.  
55  Ibid., p. 3. 
56  Upper Midwest Transmission Development Initiative, “Regional Electric Transmission Planning in the 

Upper Midwest to Support Wind Energy,” June 30, 2009. 
57  Ibid. 
58  Ibid. 
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B.6).59  NESCOE is a not-for-profit organization comprised of representatives from all six New 
England Governors to provide input and advance policies to promote reliable and economic 
electricity while maintaining environmental quality.60   

ISO-NE’s tariff currently addresses only reliability and economic (i.e., market efficiency) 
transmission projects.  According to the draft framework, NESCOE envisions a separate public 
policy-focused assessment.  To start, NESCOE will review the laws and regulations of the six 
New England states and consider feedback from stakeholders (such as public officials) and other 
market participants.  NESCOE will then provide to ISO-NE documentation of these public 
policy requirements and make them available to the public.  Based on the identified public policy 
requirements, ISO-NE will conduct a two-step “Public Policy Study” which will follow the 
parameters of an Economic Study under ISO-NE’s tariff.  This study, which will be publicly 
available, will identify transmission and associated costs needed to meet the requirements.  ISO-
NE will perform more detailed analyses at NESCOE’s request and according to parameters and 
assumptions identified by NESCOE. 

If the ISO’s studies find that public policy requirement needs align with reliability or market 
efficiency needs, ISO-NE will determine to what extent the proposed transmission solution 
addresses reliability needs.  States which are determining if the proposed transmission project 
would meet their public policy objectives will need to agree with the ISO’s identified allocation 
to reliability needs.  The remaining portion will then be considered a public policy project for 
cost allocation.  The framework does not provide a specific cost allocation approach but notes 
that (1) projects will only move forward if benefits outweigh the costs and (2) an evaluation of a 
project’s benefits should include mechanisms for cost control, assurance of delivery of benefits 
(e.g., RECs), whether or not PPAs have been signed, and other contractual arrangements or 
methods to satisfy the public policy requirement.   

To qualify as a public policy project under the ISO-NE tariff, the draft framework requires that 
each state accepting an allocation of costs needs its state regulatory commission to approve both 
allocated costs and the PPAs that require the transmission investment.  In a significant departure 
from ISO-NE’s current tariff, cost allocation for public policy projects would thus be determined 
through agreement by the states on how to share costs for each particular project.  This approach 

                                                 
59  New England States Committee on Electricity, “New England States’ Draft Framework for Public Policy 

Projects & Associated Cost Allocation Under FERC Order 1000,” January 9, 2012.  Available at: 
http://www.nescoe.com/uploads/Order_1000_Framework_Jan_12_2012.pdf. 

60  New England States Committee on Electricity, available at: http://www.nescoe.com/.  Accessed January 
15, 2012. 
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may lead to costs shared broadly across all states, several states, or only a single state, depending 
on the agreed-upon scope of the identified benefits.   

Observations: This is a potentially helpful example because NESCOE envisions greater state 
participation in defining the policy requirements that transmission planners need to meet.  
Furthermore, states are explicitly responsible for developing acceptable cost allocations for 
identified public policy projects.  This approach reiterates the value of state input and 
participation in RTO planning, identification of benefits and metrics, and cost allocation 
processes—particularly for public policy projects.  Nonetheless, the proposed framework is also 
limiting because (1) it will be difficult and contentious to determine which portions of a project 
specifically address public policy, reliability, and market efficiency needs; (2) the framework 
currently provides little guidance on how benefits should be measured and acceptable cost 
allocation shares could be derived; (3) the iterative study process and requirement that states 
individually pre-approve cost allocation will likely be very time consuming; and (4) the 
requirement that states approve PPAs for renewable resources utilizing the planned transmission 
facilities may create significant project development challenges because developers may not be 
able to find counterparties willing to sign PPAs until after transmission access has been secured.   

G. SEAMS COST ALLOCATION FOR MICHIGAN PARS TO ADDRESS LAKE ERIE 
LOOP FLOWS 

Persistent loop flows around Lake Erie have been negatively impacting the systems of MISO, 
NYISO, PJM, and the Ontario Independent Electricity System Operator (“Ontario IESO”) for 
several years, causing excessive congestion.61  One of the proposed solutions to better align 
actual flows with scheduled contract paths was the installation of several phase angle regulators 
(“PARs”) in both the U.S. and Canada.  The U.S.-based facilities are located in the MISO-
portion of Michigan in ITCTransmission’s (“ITC’s”) territory, but will impact the flows on all 
the other RTOs’ systems.  While all parties have highlighted the benefits of the PARs, cost 
allocation remains unsettled.   

In a joint filing at the FERC, MISO and ITC proposed using a distribution factor (“DFAX”) 
analysis to determine the percentage that each entity contributes to Lake Erie loop flows as a 
measure of cost causation (see Appendix B.7).62  PAR costs would then be allocated in 
proportion to these power flows.  The DFAX methodology is identical to that approved by FERC 
for the cost allocation of PJM-MISO cross border reliability projects (see Appendix B.1).  Based 
on MISO’s most recent analysis, the costs are proposed to be allocated 47.0% to MISO; 29.2% 
                                                 
61  Midwest Independent Transmission System Operator, Inc. and International Transmission Company d/b/a 

ITCTransmission, FERC Docket No. ER11-1844, October 20, 2010, p. 2. 
62  Ibid., p. 15. 
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to NYISO; and 23.8% to PJM.63  After the total costs of the PARs are allocated to each market, 
each of the U.S. RTOs would then decide how to recover its share of the costs from its own 
loads.64  (There is no allocation to Canadian entities, as they are non-FERC jurisdictional and are 
already assuming the entire costs of the PARs on the Canadian side of the border.65)   

However, the RTOs have not come to agreement over the proposed cost allocation.  In fact, after 
an unsuccessful year-long settlement process at the FERC, the case has now been set for a 
hearing, starting on July 30, 2012, with initial decisions due by November 13, 2012.66   

Observations:  Though cost allocation for the U.S.-based PARs is still unresolved, this is an 
instructive case as the facilities are wholly located within one market but clearly provide 
significant congestion relief benefits to neighboring markets.  Despite its interregional impacts, 
this project would not fit the definition of an “interregional” project under FERC Order 1000, 
which defines interregional projects as those that physically cross the seams between regions 
(see Section V below).  Moreover, despite the fact that the MISO’s proposed cost allocation 
methodology has already been approved in the seams agreement with PJM for cross border 
reliability projects, PJM argues that it cannot accept the proposed cost allocation methodology 
because the PAR project does not meet the definition of a cross border reliability project under 
the seams agreement.  This highlights the challenges that can be associated with narrow 
definitions of project types. 

H. EUROPEAN “TRANSIT FLOW” COMPENSATION MECHANISM 

The integrated European electricity system offers some parallels to the current U.S. market 
structure within the Eastern interconnection.  For example, the European electricity system is 
highly interconnected but jurisdiction is split between members and non-members of the 
European Union (somewhat similar to FERC jurisdictional and non-jurisdictional entities).  
Furthermore, each European country has a national regulator (similar to separate state public 
utility commissions), which oversees a single or small number of government-owned or 
independent transmission system operators (“TSOs”).  The TSOs ensure reliable operation of the 
high-voltage grid and facilitate non-discriminatory generation interconnection.  In addition to 

                                                 
63  Ibid., p. 15. 
64  Ibid., p. 16. 
65  Midwest Independent Transmission System Operator, Inc. and International Transmission Company d/b/a 

ITCTransmission, Prepared Direct Testimony of Digaunto Chatterjee, filed on behalf of the Midwest 
Independent Transmission System Operator, Inc., FERC Docket No. ER11-1844-002, January 31, 2012, 
p. 6. 

66  Midwest Independent Transmission System Operator, Inc., “Order Establishing Procedural Schedule and 
Rules of Procedure for Hearings,” FERC Docket No. ER11-1844-002, January 17, 2012.  
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system operations, some TSOs in Europe may also own the transmission infrastructure and be 
responsible for its expansion.67  However, as in US RTO markets, the TSOs of the 27 member 
countries of the European Union are required to be independent of other market participants.68  

In an effort to foster more cross border electricity trading, European Union regulation eliminated 
use-of-system charges for individual import/export transactions at national boundaries and for 
wheeling electricity through countries (collectively referred to as “transit flows”), thereby 
essentially de-pancaking the interconnected European system.69  However, as cross border 
electricity flows have increased, so have congestion costs and the need for investment in 
additional national and cross border transmission capacity.70     

Prior to 2002, cross-border capacity expansion and its cost allocation and recovery had been 
negotiated on a bilateral basis.  Beginning in 2002, a voluntary European Inter-Transmission 
System Operators Compensation mechanism (“ITC mechanism”) was introduced to compensate 
TSOs within the agreement for the infrastructure costs of hosting transit flows, which are based 
on actual power flows rather than assumed contract path flows, including loop flows.71  Various 
compensation mechanisms had been debated and tried until a legally binding agreement became 
effective in March 2011, signed by the European Network of Transmission System Operators for 
Electricity (“ENTSO-E”) and 41 TSOs from 34 countries, which includes both European Union 
members and non-members (see Appendix B.8).72  ENTSO-E, an umbrella organization for 

                                                 
67  European Network of Transmission System Operators for Electricity, “What is a Transmission System 

Operator – TSO?,” available from: https://www.entsoe.eu/the-association/what-is-a-tso/.    
68  Ibid.    
69  European Commission, Commission Regulation (EC) No 1228/2003 of the European Parliament and of 

the Council of 26 June 2003 on conditions for access to the network for cross-border exchanges in 
electricity, published in the Official Journal of the European Union, July 15, 2003.  Note, however, that 
market participants also face congestion charges that are determined by auctioning off reservations and 
scheduling rights to scarce cross-border intertie capacity.  See Pfeifenberger, et al., Alberta’s Intertie 
Challenges: A Survey of Market Design Options for Seams Between Power Markets, prepared for the 
Alberta Electric System Operator, 2012 (forthcoming). 

70  For example, congestion costs at national boundaries rose from €1.4 billion in 2006 to €1.7 billion in 2007.  
See Directorate-General for Energy and Transport, European Commission, Consultation Document on the 
Inter-TSO Compensation Mechanism and on Harmonization of Transmission Tarification: Towards Fair 
and Non-Discriminatory Arrangements for Trans European Cross-Border Power Flows, December 9, 
2008, pp. 10-11. 

71  European Network of Transmission System Operators for Electricity, “ENTSO-E puts in place an 
enduring inter-TSO compensation mechanism,” March 24, 2011. 

72  Ibid. 
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European TSOs, is responsible for establishing arrangements for the collection and disbursement 
of all payments from the ITC mechanism.73 

The ITC mechanism establishes a fund which will compensate TSOs both for transmission losses 
and system costs caused by hosting cross-border flows.  The fund was established by regulation74 
based on the forward-looking Long-Run Average Incremental Costs (“LRAIC”) of transmission 
infrastructure needed to accommodate such cross-border flows of electricity.75  The most recent 
fund for 2011 was set at €100 million and may be reassessed or refined based on experience.76  
Contributions into the fund are collected from each TSO based on its share of historical net flows 
onto and from its national transmission system compared to the other nations.77  For “perimeter” 
countries which are not part of the ITC agreement, imports and exports are charged at €0.8/MWh 
and charges are added to the fund.78 

Disbursements from the fund for such “cross border infrastructure compensation” are determined 
annually, starting with a calculation of transmission losses.  The ENTSO-E is responsible for 
modeling each country in the interconnected European system with and without transit flows to 
calculate the net losses attributed to hosting transit flows on an hourly basis.79  The cost of these 
calculated volumes of losses are then compensated based on rates or costs in each TSO’s own 
national tariff.80  The second type of disbursement is based on the incremental infrastructure 
costs each TSO is estimated to incur to accommodate the identified transit flows.  Disbursements 
to each country are based on a formula, which includes consideration of each nation’s transit 
flows compared to the total system-wide flows and a load factor.81 

                                                 
73  European Commission, Commission Regulation (EU) No 838/2010 of 23 September 2010 on laying down 

guidelines relating to the inter-transmission system operator compensation mechanism and a common 
regulatory approach to transmission charging, published in the Official Journal of the European Union, 
September 24, 2010. 

74  Ibid. 
75  Ibid. 
76  Ibid. 
77  Ibid. 
78  European Network of Transmission System Operators for Electricity, “ENTSO-E puts in place an 

enduring inter-TSO compensation mechanism,” March 24, 2011. 
79  Referred to as the With and Without Transit (“WWT”) methodology. 
80  European Network of Transmission System Operators for Electricity, “ENTSO-E puts in place an 

enduring inter-TSO compensation mechanism,” March 24, 2011. 
81  European Commission, Commission Regulation (EU) No 838/2010 of 23 September 2010 on laying down 

guidelines relating to the inter-transmission system operator compensation mechanism and a common 
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Observations:  The ITC mechanism was developed over several years of experimentation, 
largely driven by the depancaking of cross border transmission charges and liberalization of the 
European electric system.  However, while the mechanism seeks to compensate countries for 
hosting cross-border and loop flows based on transmission losses and generic estimates of 
incremental system expansion costs, it does not specifically address transmission expansion nor 
does it seek to optimize flows between and across countries.  

I. EUROPE-WIDE TRANSMISSION SYSTEM PLANNING 

In 2009, the European Commission also enacted regulation to identify gaps in resource adequacy 
and transmission investments within and between the national markets.82  The European 
Commission delegated to ENTSO-E the responsibility of developing a non-binding biennial Ten-
Year Network Development Plan (“TYNDP”) for the entire EU footprint.83  A major driver of 
this effort is the European commitment to reduce carbon emissions (which has greatly increased 
the penetration of renewable generation), the need to coordinate resources for doing so, and the 
objective of fostering competition within the European electricity market.   

The first TYNDP was published by ENTSO-E in 2010 as a pilot program with a full plan 
expected in 2012 (see Appendix B.9 for the Executive Summary of the TYNDP).84  For this pilot 
effort, the final plan was an aggregate of the most recently available national and regional 
planned and projected transmission needs that were the result of regional, multilateral, or 
bilateral negotiations between TSOs (rather than the result of European Commission mandates or 
incentives).85  Projects approved by each TSO and its national regulator typically will need to 
pass certain socio-economic cost-benefit analyses, which vary from country to country.   

The 2010 TYNDP highlighted several criteria used by European TSOs to evaluate transmission 
projects against projected costs, such as the ability of the project to: (1) maintain system 
adequacy and operational security to meet demand growth and reduce outages; (2) integrate 
renewable energy; (3) foster competition and reduce prices; (4) produce environmental benefits 
such as CO2 emission reduction; (5) garner social acceptance especially with regard to siting 
issues; (6) be technically feasible; (7) reduce production, operational, maintenance, or overall 
investment costs; and (8) reduce network losses and congestion.86  This non-exhaustive list 

                                                 
82  European Parliament, Regulation EC No 714/2009, July 13, 2009. Available at: http://eur-lex.europa.eu/

LexUriServ/LexUriServ.do?uri=OJ:L:2009:211:0015:0035:EN:PDF.  
83  European Network of Transmission System Operators for Electricity, Ten-Year Network Development 

Plan 2010-2020, June 28, 2010, p.8.  Available at: https://www.entsoe.eu/index.php?id=232. 
84  Ibid.  
85  Ibid., p. 163. 
86  Ibid., pp. 136-140. 
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considers both quantitative and qualitative criteria and is implemented differently by each TSO 
and nation.   

While the 2010 pilot TYNDP did not rank projects or conduct economic analyses, it evaluated 
and included high-voltage transmission investments (new builds or upgrades) of “European 
significance” that addressed at least one of the three pillars of European Union energy policy: (1) 
security of supply; (2) tackling climate change by integrating renewable energy sources; and (3) 
market integration (lowering aggregate generation costs by increasing cross-border trading of 
power).87  The 2010 TYNDP identified a potential investment need of 42,100 km of new and 
upgraded high-voltage AC and DC transmission lines (both within and between countries) over 
the next 10 years.88  Over the next five years, the estimated cost of investments of “European 
significance” is between €23 billion and €28 billion.89   

Lastly, the pilot program also focused on establishing and refining the processes and procedures 
that will be used in future TYNDPs, development of future scenarios, tracking resource 
adequacy, and identifying challenges to transmission development.   

Observations:  While ad hoc transmission upgrades have already occurred between countries, 
planning for European cross border investments, much like interregional transmission planning 
in the U.S., has only recently become more formalized and encouraged by the regulatory process.  
The 2010 pilot TYNDP provides some insights into the various benefits metrics considered in 
the European planning processes, which include a variety of quantitative and qualitative criteria.  
Given the similar policy goals throughout Europe, such as climate-change-related mandates, 
policy makers and national regulators have become important stakeholders in the TYNDP 
process.  At this stage, however, cost allocation for cross border projects has not been formalized 
as part of the TYNDP process.   

 

                                                 
87  Ibid., p. 9. 
88  Ibid., p. 163.  The members of ENTSO-E collectively operate 300,000 km of high-voltage transmission 

lines. 
89  Ibid., p. 16.   
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V. FERC ORDER 1000 REQUIREMENTS 

As noted earlier, FERC issued its rulemaking on “Transmission Planning and Cost Allocation by 
Transmission Owning and Operating Public Utilities,” as Order No. 1000 on July 21, 2011.  As 
the title of Order 1000 suggests, the rule is as equally focused on transmission planning as it is 
on cost allocation.  FERC Order 1000 requirements for interregional planning and cost allocation 
will need to be considered in the development of the proposed seams cost allocation framework 
for SPP.   

With respect to interregional planning and cost allocation, Order 1000 recognizes that joint 
coordinated planning, as already discussed in FERC Order 890, “may identify solutions to… 
needs that are more efficient than those that would have been identified if needs and potential 
solutions were evaluated only independently by each individual transmission provider.”90  While 
previous FERC orders have been largely focused on regional planning—planning within an RTO 
region or within a pre-defined region as reported to FERC in Order 890 compliance—Order 
1000 recognizes that “the lack of coordinated transmission planning processes across the seams 
of neighboring transmission planning regions could be needlessly increasing costs for customers 
of transmission providers, which may result in rates that are unjust and unreasonable and unduly 
discriminatory or preferential.”91  Furthermore, the FERC noted that challenges associated with 
cost allocation are a major barrier to getting needed transmission built.92   

Order 1000 establishes minimum requirements on interregional planning with the goal of 
identifying interregional projects93 “that could address transmission needs more efficiently or 
cost-effectively than separate regional transmission facilities.”94  To do that, entities can leverage 
their existing regional planning processes by adding processes to accommodate interregional 
transmission planning.  Order 1000 requires that the interregional transmission coordination 
procedures for each pair of seams neighbors be memorialized in each transmission provider’s 
OATT and optionally in a separate coordination agreement filed with the Commission.95  The 
FERC requires that interregional planning processes facilitate: (1) the articulation of 

                                                 
90  Federal Energy Regulatory Commission, “Transmission Planning and Cost Allocation by Transmission 

Owning and Operating Public Utilities,” Docket No. RM10-23, Order No. 1000, July 21, 2011, p. 274 
(“Order 1000”). 

91  Ibid., P 350. 
92  Ibid., P 485. 
93  Order 1000 refers to “interregional projects,” while this report uses the slightly broader term “seams 

projects,” which may be wholly located within one seams entity’s footprint as discussed in Section VII. 
94  Order 1000, P 393. 
95  Ibid., P 475. 
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transmission needs and potential solutions for each region; and (2) identification and joint 
evaluation of cost-effective interregional solutions to those regional needs.96   

An important component of the interregional planning process is the exchange of data, with a 
description of the type of transmission studies to be conducted,97 and transparency (including 

establishing websites or email lists to disseminate information).98  Order 1000 requires that data 
be exchanged at least annually,99 supported by a joint effort to harmonize differences in 
assumptions, models, and criteria used to evaluate proposed interregional projects.100  
Interregional project are defined as projects that are physically located in both regions.101   

The order also requires that interregional projects must first be proposed as an interregional 
project in each region in which the project would be located, thereby triggering a process for the 
seams neighbors to jointly evaluate the proposed project.102  While the FERC did not specify a 
timeline for interregional transmission coordination or a deadline for project proposals, Order 
1000 notes that the time frame for an interregional process should be within the same general 
time frames as each region’s consideration of intra-regional projects and to allow for 
coordination and joint evaluation.103  

In terms of cost allocation, Order 1000 requires that regions develop a common method or 
methods for allocating the entire prudently-incurred costs of a new interregional facility among 
the beneficiaries of the transmission facility in which the facility is located.104  However, rather 
than prescribe uniform methodologies, Order 1000 articulated broad principles to allow for 
flexibility and encourage direct negotiation between entities.105  The six cost allocation principles 
that apply to interregional transmission projects are summarized in Table 4. 

 

 

                                                 
96  Order 1000, P 396. 
97  Ibid., P 398. 
98  Ibid., P 458. 
99  Ibid., P 454. 
100  Ibid., P 437. 
101  Ibid., P 416. 
102  Ibid., P 436, P 442. 
103  Ibid., P 438, P 439, P 440. 
104  Ibid., P 578, P 640. 
105  Ibid., P 561, P 604, P 606. 
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Table 4 
FERC Order 1000 Interregional Cost Allocation Principles 

Principle 1 Costs allocated to each seams entity must be roughly 
commensurate with estimated benefits 

Principle 2 A region that receives no benefit from an interregional facility 
must not be involuntarily allocated any costs of that facility 

Principle 3 Benefit-cost thresholds, if used, cannot exceed 1.25 for purpose of 
interregional cost allocation 

Principle 4 Costs cannot be assigned involuntarily to transmission planning 
regions in which the transmission facility is not located  

Principle 5 The cost allocation method and data requirements for determining 
benefits and identifying beneficiaries must be transparent with 
adequate documentation to allow a stakeholder to determine how 
they were applied 

Principle 6 Different entities may use different cost allocation methods for 
different types (i.e., reliability, congestion relief, public policy) of 
projects as long as the methods are set out and explained in detail   

Sources and notes: 
Federal Energy Regulatory Commission, “Transmission Planning and Cost Allocation 
by Transmission Owning and Operating Public Utilities,” Docket No. RM10-23, Order 
No. 1000, July 21, 2011. 

 

Principle 1 requires that allocated costs are at least approximately linked to the beneficiaries of 
an upgrade.106  Specifically, for interregional projects the benefits to each entity should be 
roughly commensurate with the costs allocated to each.  Though Order 1000 declined to 
specifically define “benefits” or “beneficiaries,” it is clear that benefits may be related broadly to 
reliability, congestion relief, or meeting public policy goals.107  Principle 2 requires that 
sufficient benefits exist, either at present or in a likely future scenario, before project costs are 
allocated to a region.108  Principle 3 does not require the use of benefit-cost ratios but, to the 
extent that one is used, seeks to ensure that the threshold is not so high as to preclude projects 
that would provide “worthwhile” benefits.109  In special scenarios, a benefit-cost threshold higher 
than 1.25 may be used, but seams entities will be required to justify the higher threshold and the 

                                                 
106  Order 1000, P 622. 
107  Ibid., P 624. 
108  Ibid., P 637. 
109  Ibid., P 646, P 647. 
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FERC will need to approve its use.  Principle 4 is consistent with Order 1000’s definition of an 
interregional project, which is limited to projects that are physically located in both regions, but 
does not preclude cost allocations to other regions as long as these regions voluntarily agree to 
such allocations.110  Principle 5 reiterates cost allocation and data transparency requirements for 
determining benefits and identifying beneficiaries for an interregional facility to ensure that 
stakeholders are able to determine how cost allocation methods were applied to a proposed 
transmission facility.  And, finally, Principle 6 recognizes that different cost allocation 
methodologies may be used by each seams entity and these methodologies may be different for 
each type of project.   

Order 1000 also requires that developers of interregional projects first propose them through the 
regional planning processes of each region where the facility is located to trigger the 
interregional coordination process.  The interregional project would only be eligible for cost 
allocation under the interregional cost allocation methodologies developed pursuant to Order 
1000, if each portion of the interregional project ultimately is also approved by the 
corresponding seams entity’s regional planning process.111  This provision is intended to forge a 
closer alignment between transmission planning and cost allocation.112  Lastly, Order 1000 does 
not require, but strongly encourages state agency participation in an open stakeholder process113 
as well as multilateral seams coordination.114 

Compliance filings for the interregional aspects of Order 1000 are due on April 11, 2013—
18 months after the effective date of the final rule.  

  

VI. FRAMEWORK FOR INTERREGIONAL PLANNING AND COST 
ALLOCATION 

This section presents our proposed framework for interregional planning and cost allocation.  To 
make the individual building blocks of the proposed framework more tangible, we begin with a 
case study summarizing recent experience with the multi-party Acadiana Load Pocket project 
that resulted in a successful cost allocation.  As we discuss the recommended interregional 
planning and cost allocation framework and the related principles and guidelines for benefit 

                                                 
110  Order 1000, P 657. 
111  Ibid., P 436. 
112  Ibid., P 582. 
113  Ibid., P 402. 
114  Ibid., P 417. 
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measurement and cost allocation, we will refer to this project and the “lessons learned” from this 
case study to make our recommendations more tangible.  Section VI.B discusses key 
considerations for our framework, including the importance of integrating seams cost allocation 
with the interregional planning process.  Section VI.C then presents an overview of the “building 
blocks” of our proposed framework and how each of them supports seams cost allocation.   

A. CASE STUDY: ACADIANA LOAD POCKET PROJECT 

To help develop a robust cost allocation framework, we closely reviewed experience with a 
recent “seams project”—the Acadiana Load Pocket (“ALP”) Project.  The approximately 
$200 million ALP Project is a series of new transmission lines and substations jointly developed 
by three transmission system operators—Cleco Power (“Cleco”), Lafayette Utilities System 
(“LUS”), and Entergy Gulf States Louisiana (“EGSL”)—to address a variety of reliability and 
economic considerations related to serving a load pocket in south-central Louisiana.   

While the ALP Project does not involve RTO seams, it specifically addresses transmission needs 
along the seam between three individual transmission service providers.  The challenges 
encountered in developing the project and the associated cost allocation proved to be helpful in 
our effort to develop the proposed interregional planning and cost allocation framework.  
Specifically, the ALP Project is a helpful case study because: (1) it is a seams project involving 
multiple transmission providers; (2) it provides both reliability and economic benefits to the 
sponsors; (3) the reliability and economic benefits differ significantly for each of the sponsors; 
(4) cost allocation was implemented by aligning it with physical ownership of newly constructed 
facilities; (5) there was strong public utility commission involvement; and (6) the project has 
already been approved by the Louisiana Public Service Commission.   

The ALP is defined as the electrical loads south of U.S. Highway 190 to the Gulf of Mexico, 
west of the Atchafalaya Basin, and east of the City of Jennings as shown in Figure 2 below.115  
The loads within the ALP area include Cleco, LUS, EGSL, South Louisiana Electric Cooperative 
Association, South Louisiana Electric Membership Corporation, and Louisiana Energy and 
Power Authority.116  In 2008, load was approximately 1,700 MW while total generation capacity 
was only 965 MW.117 

                                                 
115  Cleco Power LLC, Louisiana Public Service Commission Docket No. U-30689, “Direct Testimony of 

Terry John Whitmore,” July 14, 2008, p. 4 (“Whitmore Testimony, 7/14/08”). 
116  Ibid., p. 4. 
117  Ibid., Exhibit TJW-2, p 1 and p. 5.   
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The ALP region had been experiencing several problems, including an increase in transmission 
loading relief (“TLR”) procedures to curtail non-firm service, an over-reliance on inefficient 
generating units needed for voltage support, disconnects between modeling assumptions and 
actual operational limits, a lack of operational flexibility in the load pocket, and limitations to 
accommodate additional transmission service.   

Figure 2 
Acadiana Load Pocket Project 

 

Sources and notes: Southwest Power Pool, Inc., “Cleco, Entergy, and Lafayette Utilities 
System to improve electric service in South Louisiana through joint transmission project,” 
January 19, 2009. 
 

The ALP area had been experiencing reliability problems since the early 2000’s and a new 
substation was completed in 2005 to alleviate some of the TLR procedures that forced the 
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curtailment of non-firm transmission service and relied on more expensive generation within the 
load pocket.118  Despite the new substation, conditions within ALP continued to worsen and a 
joint study effort, including SPP as the Independent Coordinator of Transmission (“ICT”) for 
Entergy, identified the following major issues within the ALP:   

 Increase in TLR procedures and their severity — Between November 2006 and 
November 2007, SPP reliability coordinators initiated 125 TLR procedures, primarily 
on EGSL’s lines for the loss of Cleco’s or LUS’s lines.  The TLR procedures included 
both firm and non-firm curtailments for importing energy from external generators and 
required re-dispatch of Cleco’s Teche and LUS’s Bonin Power plants (discussed 
below).119 

 Over-reliance on inefficient units — Because of import constraints, two plants within 
ALP, Cleco’s Teche Power plant and LUS’s Bonin Power plant, were required to be 
online during moderate to high load conditions.120  The Teche plants are described as 
“old, less efficient steam turbines” with units 1, 2, and 3 placed in service in 1953, 1956, 
and 1971, respectively.121  Cleco’s Teche Unit 3 is the single largest generation 
contingency in ALP122 and provides both load-serving capability and voltage 
support, which may complicate any scheduled maintenance and cause reliability 
concerns if the unit was to be offline for an extended period of time.123  If a solution 
such as the ALP Project was implemented, estimated fuel savings to Cleco would be 
$144.2 million between 2010 and 2016 and $905.6 million between 2010 and 2039.124  
LUS may also realize economic benefits such as fuel cost savings and increased 
generation flexibility.125 

 Disconnects between planning model assumptions and operation—  
 Long-term modeling of flows versus operational realities — In the long-term 

model, only firm network resources were dispatched and confirmed long-term 
firm transmission transactions are modeled to meet each control area’s load.  
However, the increase in (more efficient) merchant generation with short-term 
economic power sales causes a deviation in modeled power flows and actual use 

                                                 
118  Whitmore Testimony, 7/14/08, p. 7 and p. 11. 
119  Ibid., p. 12. 
120  Ibid., p. 10. 
121  Ibid., p. 5. 
122  Ibid., p. 10. 
123  Ibid., p. 13. 
124  Ibid., p. 25. 
125  Ibid., p. 19.  
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of the transmission system.126  The result was that the long-term model did not 
accurately capture how heavily the transmission system was being used to 
import into ALP.   

 Natural gas prices — Unforeseen increases in natural gas prices caused 
economic dispatch to favor imported energy, putting stress on the existing 
transmission system which was not designed for such significant reliance on 
imports.127    

 Power flow model correction — A smaller conductor used to “expeditiously” 
replace lines damaged by Hurricane Lili in 2002 was incorrectly recorded in the 
power flow model and caused a fault, forcing lines out of service.128 

 Lack of operational flexibility — Increased reliance on imports means that it was more 
difficult to obtain scheduled outages on the transmission system to perform routine 
maintenance.129 

In 2008, a joint study facilitated by SPP identified several upgrade options, one of which was the 
ALP Project, comprised of a reliability component to address TLRs and related concerns and an 
additional economic component as shown in Table 5 below.   

While the reliability component addressed historical and current reliability concerns, the 
economic component was deemed valuable to the parties to create “optionality” by allowing the 
removal of must-run status for older units and increased operational flexibility. 

 

                                                 
126  Whitmore Testimony, 7/14/08, p. 7. 
127  Ibid., p. 9. 
128  Ibid., p. 9. 
129  Ibid., p. 10. 
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Table 5 
ALP Project Components, Benefits, and Estimated Costs 

Component Benefits Total Est. Cost  
($ million) 

Reliability Component (Responsible Entity): $71.9

• New 230 kV line from Labbe - Bonin (LUS) 
• 500/230 kV auto transformer at Wells (Cleco) 
• New 230 kV line from Wells - Labbe 

(Cleco/LUS) 
• New 230 kV line from Labbe - Meaux (EGSL) 
• 230/138 kV auto transformer at Meaux (Cleco) 

• Relieves Entergy TLR 
procedures (allows for 
increased economic 
import) 

• Accommodates load 
growth and improves load 
serving capability130 

Allocated 
roughly based 

on load ratio 
share and then 
matched with 

component 
ownership

Economic Component (Responsible Entity): $128.1 

• 500/230 kV auto transformer at Richard 
(Cleco/EGSL) 

• New 230 kV line from Richard - Sellers Road 
(Cleco) 

• New 230 kV substation at Sellers Road to 
connect Labbe-Meaux and Richard - Sellers 
Road (Cleco) 

• New 230 kV substation at Segura near Moril 
(Cleco) 

• New 230 kV line from Sellers Road - Segura 
(Cleco) 

• 230/138 kV auto transformer at Segura (Cleco) 
• New 138 kV line from Segura - Moril (Cleco) 

• Allows removal of must-
run designation for Cleco’s 
Teche and LUS’s Bonin 

• Economic benefits largely 
to Cleco (est. fuel cost 
savings of $906 million 
2010-2039)  

• Additional generation 
dispatch flexibility and 
potential fuel cost savings 
for LUS 
 

Approx. 70% 
allocated to 
Cleco (with 

smaller shares to 
EGSL and LUS) 

and then 
matched with 

component 
ownership 

Total Estimated Cost (as of 2008) $200.0

Sources and notes:  Components from: Cleco Power LLC, Louisiana Public Service Commission Docket No. 
U-30689, “Direct Testimony of Terry John Whitmore,” July 14, 2008.  Benefits from: Cleco Power LLC, 
Louisiana Public Service Commission Docket No. U-30689, “Direct Testimony of Terry John Whitmore,” 
July 14, 2008 and Entergy Gulf States Louisiana, L.L.C. and Entergy Louisiana, LLC, Louisiana Public 
Service Commission Docket No. U-31196, “Direct Testimony of Mark F. McCulla,” November 13, 2009.  
Cost estimates from: Southwest Power Pool, Inc., Cleco Power - Lafayette Utilities System-SPP/SPPICT-
Entergy Joint Transmission Planning Study, “Reliability and Economic Study for the 2008 Transmission 
Expansion Plan of the Acadiana Area Load Pocket,” October 2008. 

 

Cost allocation was developed by first determining which portion of the entire project addressed 
reliability concerns and which portion economic needs.  For the reliability component, cost 
allocation was based on an adjusted load ratio share of Cleco, LUS, and EGSL as a proxy of 
received reliability benefits.  (The adjustment was made to account for additional loads that each 

                                                 
130  Ibid., p. 19. 
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utility served under contract, using projected 2012 load.)  The adjusted load ratio shares as 
applied to the estimated reliability component costs are shown in column [2] in Table 6. 

Table 6 
ALP Project Reliability Component by Adjusted Load Ratio Share 

 

According to filings made on behalf of Cleco, the $28.0 million share of the reliability 
component (as shown in column [3] of Table 6 above) was approximately aligned with the 
$26.6 million direct cost of constructing and owning the new transmission components 
interconnected to the Cleco system (as shown in column [4]).  Therefore, in the first iteration of 
the Memorandum of Understanding (“MOU”), Cleco assumed $26.6 million in reliability-related 
ALP Project costs.  In an updated MOU, Cleco and LUS each slightly expanded their projected 
buildouts with Cleco’s total estimated reliability costs increasing by $3.5 million to $30.1 million 
(as shown in column [5]).  Despite this revision, the underlying allocation does not change.  In 
fact, the MOU is structured so that each utility is individually responsible for components of the 
ALP Project in a way that is roughly commensurate with benefits received.  For the economic 
component, Cleco is the main beneficiary and therefore will own and construct the majority of 
those facilities at a total estimated cost of $87.1 million.131   

                                                 
131  Whitmore Testimony, 7/14/08, p. 23. 

Allocated ALP Project Reliability Component Cost 
($ Million)

Sponsor
Adj. Projected 

2012 Load (MW)
Adj. Load Ratio 

Share (%)
Based on Adj. 

Load Ratio Share
Based on 

Ownership
Based on Revised 

Estimates

[1] [2] [3] [4] [5]

EGSL 877 47% $33.6 n/a n/a
Cleco 732 39% $28.0 $26.6 $30.1
LUS 270 14% $10.3 n/a n/a

Total 1,879 100% $71.9

Sources and notes:
[1]: Cleco Power LLC, Louisiana Public Service Commission Docket No. U-30689, “Direct Testimony of 
Terry John Whitmore,” July 14, 2008, pp. 21-22.
[2]: Percentage of each utility's projected load as a share of total.
[3]: [1] x [2].
[4]: Cleco Power LLC, Louisiana Public Service Commission Docket No. U-30689, “Direct Testimony of 
Terry John Whitmore,” July 14, 2008, p. 22.
[5]: Cleco Power LLC, Louisiana Public Service Commission Docket No. U-30689, Subdocket A, “Direct 
Testimony of Terry John Whitmore,” November 4, 2008, p. 6.
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There are at least five important “lessons learned” from the ALP Project case study, as 
summarized by SPP Staff.132  First, there was general agreement that the various problems 
identified in the ALP had to be addressed and that a seams solution could provide both 
individual and joint benefits.  Second, it was recognized that needs and drivers were 
different for the parties involved.  The ALP Project provided both reliability and economic 
benefits, which accrued to parties differently.  Third, transmission planning and cost 
allocation was jointly considered so that a solution and its associated costs produced equitable 
results.  Fourth, cost allocation via transmission ownership, not financial transfers, was 
easier to accomplish.  Especially for non-market regions and utilities, financial transfers may 
not even be possible or prove difficult to implement.  For the ALP Project, each “seams entity” 
shared costs by building, owning, and maintaining a segment of the buildout.  Similarly, each 
entity is responsible for recovering approved ALP Project-related costs through its own 
transmission tariff.  Parties were also able to agree to the approximate magnitudes of 
contribution rather than a strict matching of costs to benefits.  Cost allocation was 
determined by considering the approximate magnitude of the reliability and economic benefits to 
each party involved while also considering the geographic location of the future facilities and 
operational flexibility.  And finally, strong state-level participation via Commissioner Jimmy 
Field of the Louisiana Public Service Commission and the ICT staff helped facilitate the process.   

B. CONSIDERATIONS FOR THE PROPOSED COST ALLOCATION FRAMEWORK 

We developed our cost allocation framework based on our review of barriers to seams cost 
allocation, the Draft Seams Cost Allocation Whitepaper, experiences elsewhere with 
interregional planning and cost allocation, FERC Order 1000, the ALP Project lessons, and 
discussions with SPP staff, SPP RSC staff, and stakeholders.  Our framework also includes a set 
of cost allocation principles and methodologies to be used by SPP and its seams neighbors.  
Several objectives were identified by the Joint Project Team during the development effort, 
including that this framework: 

1. Be compliant with FERC Order 1000; 

2. Define a clear cost allocation methodology that provides enough guidance to be 
actionable; 

3. Be flexible enough to be applied to all of SPP’s neighbors, which consist of both FERC 
jurisdictional and non-jurisdictional entities; 

4. Accommodate both bilateral and multilateral agreements to address multi-party seams; 

                                                 
132  Kelley, David, SPP Seams Steering Committee, “Acadiana Load Pocket,” memo to Seams Cost Allocation 

Task Force (“SCATF”), September 12, 2011. 
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5. Be able to be applied to individual seams projects or groups of seams projects (identified 
either unilaterally or jointly);  

6. Be robust enough to accommodate different types of seams projects and projects that 
offer different types of benefits to different seams entities; and 

7. Allow for learning based on experience. 

These objectives also ensure consistency among seams agreements with different entities, while 
allowing for variation amongst agreements to account for a range of different types of projects 
and seams entities.  

While the focus of our report is on seams cost allocation, our review of relevant experiences 
strongly suggests that seams cost allocation issues cannot be successfully addressed without 
consideration of several related components of the overall interregional transmission planning 
process.  In fact, cost allocation is an integral part of interregional planning.  For example, if 
costs are to be allocated based on benefits, there are fundamental requirements to calculating 
those benefits for each seams entity.  These include availability of validated system data and 
planning models and a clear understanding of how transmission additions are planned and 
evaluated by each seams entity.  Another consideration is state-level involvement in the planning 
process.  As mentioned in the lessons learned from the ALP Project and interregional planning 
and cost allocation efforts elsewhere, state-level involvement during the planning and analysis 
stage more likely leads to an agreeable alignment of allocated costs and benefits to each of the 
seams entities.   

Ideally, the cost allocation framework would be an integral part of a bilateral or possibly multi-
lateral interregional planning agreement between the individual seams neighbors.  It would 
include a process and timeline for proposing or identifying potential seams projects as well as 
commitments to meet regularly, develop jointly the models needed to accurately evaluate seams 
projects, and assess the benefits of the project to each entity consistent with (at minimum) each 
entity’s internal planning process and cost allocation methodologies.  The framework would also 
be flexible enough to consider additional benefit metrics and cost allocation methodologies that 
are not currently used in the entity’s internal processes.     

Through our discussions with SPP and SPP RSC Staff, we found that SPP’s joint operating 
agreements (“JOAs”) with Associated Electric Cooperative, Inc. (“AECI”) and MISO were the 
most logical starting points in our efforts to develop a more robust interregional planning and 
cost allocation framework.133  Each JOA is structured as a bilateral agreement and describes the 

                                                 
133  In addition to the JOAs, SPP has a seams agreement with less detailed language with Entergy and three 

operating agreements with Southwestern Power Administration (“SWPA”), Tennessee Valley Authority 
(“TVA”), and Western Area Power Administration (“Western”), which are largely focused on the reliable 

(footnote continued on next page) 
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process for the development of a Joint Coordinated System Plan (“JCSP”) to be led by a Joint 
Planning Committee (“JPC”, comprised of planning staff from both entities), with input from an 
Interregional Planning Stakeholder Advisory Committee (“IPSAC”).134   

As set out in the JOAs, the purpose of the JCSP is to identify transmission expansions or 
enhancements to maintain reliability, improve operational performance, provide an economic 
benefit, or enhance the competitiveness of electricity markets in the combined footprint.135  The 
JOAs describe in some detail the types of models, studies, and updates (e.g., planning models, 
load flow, short circuit, and stability studies) that would be required to develop the JCSP and the 
timing of such information exchange and planning meetings.  The JOAs also note that “single 
party planning” (e.g., for each entity’s internal or regional system) and generator interconnection 
and long-term firm transmission service requests in one system which may impact the other 
system should be coordinated with the JCSP process.  With respect to cost allocation for seams 
projects, however, the JOAs only state that it would be decided on a case-by-case basis.   

Our proposal is to leverage the existing JOAs by expanding on the already-specified processes 
and committees, provide guidance on missing but critical components, and adding proposed cost 
allocation principles and benefits measurements.  We discuss each of these points in the 
following sections and present illustrative “straw man” tariff language in Appendix C that could 
serve as the starting point to expand the existing JOA into a comprehensive cost allocation 
framework between SPP and its seams neighbors.  

C. BUILDING BLOCKS OF THE PROPOSED INTERREGIONAL PLANNING AND 
COST ALLOCATION FRAMEWORK 

We have identified seven “building blocks” needed to support the proposed interregional 
planning and cost allocation.  These building blocks are shown in Figure 3 and discussed in this 
and the following sections of our report.  We also provided in Appendix C a redlined version of 
and inserts to SPP’s existing JOA to provide a “straw man” illustration of how these building 

                                                 
(footnote continued from previous page) 

operation of interconnected facilities.  SPP also has an additional operating agreement with ERCOT for 
the DC tie lines.  SPP does not currently have a JOA or operating agreement with CLECO. 

134  SPP and Associated Electric Cooperative, Inc., Joint Operating Agreement, “Article Seven,” July 20, 2011 
and SPP and Midwest ISO, Joint Operating Agreement, “Section IX,” March 25, 2011. 

135  SPP and Associated Electric Cooperative, Inc., Joint Operating Agreement, “Article 7.3: Joint and 
Coordinated System Planning,” July 20, 2011 and SPP and Midwest ISO, Joint Operating Agreement, 
“Section 9.3: Coordinated System Planning,” March 25, 2011.  The SPP-AECI JOA refers to the 
identification of economic benefit whereas the SPP-MISO JOA  refers to enhancing competitiveness. 
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blocks and our recommendations for the proposed cost allocation framework could be integrated 
into SPP’s existing JOAs. 

Figure 3 
Building Blocks of Proposed Interregional Planning and Cost Allocation Framework 

 

 

1. Building Blocks Nos. 1, 2, and 7 

Building blocks Nos. 1, 2, and 7 already exist in some form in the JOAs but would need to be 
expanded.  For example, building block No. 1 requires a commitment to regular interregional 

planning meetings of the seams entities, as well as coordination with state, federal, and multi-
state entities.  While the current JOAs already provide for these commitments, we recommend 
more direct participation of regulatory commission staff from states affected by the particular 
seam in the planning and cost allocation discussions under the JOAs.  Involvement by state 
regulatory staff in the evaluation of proposed seams projects, through a more prominent role of 
the IPSAC, for example, would likely facilitate the development of seams projects and cost 

1.  Regular interregional 
planning meetings

2.  Regular exchange of 
planning data 

7.  Integration with internal 
planning and cost allocation 

3.  Process to propose and 
analyze seams projects 

4.  Evaluation criteria and 
benefit metrics 

5.  Seams cost allocation 
principles and guidelines 

6.  Payment mechanisms      
and transmission rights 

OPTIONAL: Pre-specified 
formulaic evaluation and cost 
allocation methodology 

Leverage existing JOAs and expand 

Leverage existing JOAs and expand 

Building blocks most closely related to 
seams cost allocation—largely missing 
from or underspecified in current JOAs 

(Discussed further in Sections VII-X 
with “straw man” JOA additions 
provided in Appendix C) 

 

Optional building block – may be added as 
experience is gained over time 
(Discussed further in Section XI) 
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allocations that will ultimately be acceptable to each of the involved state commissions in their 
determination of needs, permitting, and, where applicable, retail rate recovery of the selected 
projects.  As mentioned in our review of seams cost allocation elsewhere, Northern Tier 
Transmission Group’s cost allocation framework emphasizes the importance of early 
involvement by state commissions.136   

In addition, while the JOAs may specify bilateral meetings between entities, they should be 
flexible enough to evolve into agreements between multiple entities, if doing so can more 
effectively address challenges along seams, such as on the eastern side of SPP that involve 
multiple entities.137  In the WECC for example, there are several standing seams-related planning 
groups where all the transmission owners involved with certain seams (e.g., the seam between 
Arizona, California, and Southern Nevada) meet periodically to coordinate transmission 
planning.   

For building block No. 2, we recommend that seams entities should commit to the timely 
exchange of planning data as already envisioned in the current JOAs, which provide detailed 
lists of data to be exchanged for the purpose of developing the JCSP.  However, to further 
facilitate identification and analyses of seams projects, we additionally recommend that seams 
neighbors jointly develop and validate load-flow cases and other planning models for the 
combined footprint and their combined planning horizon.  This would allow each seams entity to 
accurately analyze the system of its neighbor to develop potential seams projects and prepare 
credible initial system analyses and cost-benefit evaluations of the projects.   

Building block No. 7 addresses the integration of the interregional planning and seams cost 

allocation with each entity’s internal planning and cost allocation processes.  This includes 
adding to the JOAs specific provisions that address who can propose a seams project, who can 
build and operate it, how planning analyses for seams projects are initiated, and how seams 
projects are integrated with internal planning processes and cost recovery, including planning in 
response to generation interconnection and transmission service requests, which can impact the 
overall benefits of seams projects.   

Illustrative redlines to the existing JOA that provide a “straw man” starting point for addressing 
our recommendations related to building blocks Nos. 1, 2, and 7 are found in Appendix C.1. 

                                                 
136  Northern Tier Transmission Group, “NTTG Cost Allocation Principles,” discussion of Principle 3a, p. 10. 
137  This is mentioned in the JOA with MISO in Section 9.1.1 (j): “The JPC may combine with or participate 

in similarly established joint planning committees amongst multiple entities engaging in coordinated 
planning studies under tariff provisions or established under joint agreements to which the Parties are 
signatories, for the purpose of providing for broader and more effective inter-regional planning 
coordination.” 
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2. Building Blocks Nos. 3, 4, 5, and 6 

Building blocks Nos. 3 through 6 are most directly related to seams cost allocation.  They are 
also underspecified and largely missing from the existing JOAs.  We briefly describe these four 
building blocks below.  Illustrative redlines to the existing JOA that could serve as the starting 
point to implement our recommendations for building block No. 3 are provided in Appendix C.1.  
In addition, Appendix C.2 provides straw man inserts to illustrate how building blocks Nos. 4, 5, 
and 6 could be added to the existing JOA.  

Building block No. 3 serves to define the parameters of a seams project and requires the 
specification of a process to propose and analyze seams projects.  The JOAs largely rely on the 
JCSP process to identify seams projects.  We propose to establish additional options under which 
seams entities (e.g., through their participating transmission owners) could unilaterally or jointly 
propose seams projects outside the JCSP process.  SPP will also need to specify how their 
transmission owners and other market participants can propose seams projects to SPP.  Our 
recommendations as to building block No. 3 are discussed in more detail in Section VII 
immediately below. 

To implement building block No. 4, we recommend that each seams entity comprehensively 
specify the evaluation criteria and benefit metrics they will use for seams project evaluation.  
These criteria and metrics would not need to be identical across seams entities but would, at a 
minimum, need to include a comprehensive list of all benefits and metrics that each entity uses in 
its internal transmission planning process.  In addition, we recommend the addition of benefits 
and metrics that are unique to seams projects, such as the value of wheeling through and out 
revenues.  Our recommendations as to building block No. 4 are discussed in more detail in 
Section VIII of this report. 

Building block No. 5 consists of pre-specified seams cost allocation principles and guidelines.  
Rather than resolve seams cost allocation on a case-by-case approach, as is provided for under 
the current JOAs, we recommend the addition of principles and guidelines that would serve as 
the overarching framework for developing transmission cost allocation for seams projects.  
Section IX of this report specifies a number of recommended principles and guidelines and 
discusses our recommendations for building block No. 5 in more detail.  We also provide case 
studies of how cost allocation shares might be derived for specific types of projects, based on the 
evaluation criteria and benefit metrics derived in building block No. 4.   

Building block No. 6 specifies payment mechanisms that allow for the actual sharing of project 
investment costs or project revenue requirements across the seam.  Given the different 
characteristics of seams projects and limitations that certain entities may have in paying for 
transmission upgrades they do not own, we recommend that the seams agreements specify 
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several options for payment mechanisms, such as shared ownership or financial transfers that 
can be used to implement the agreed-upon cost allocations.  We additionally recommend that 
physical or financial transmission rights are provided to each seams entity in exchange for 
these ownership shares or payments.  Our recommendations for building block No. 6 are 
discussed in more detail in Section X of this report. 

3. Optional Building Block 

Finally, we recommend an optional building block that could allow for the inclusion of pre-

specified formulaic evaluation and cost allocation methodologies for specific project types.  
Several seams cost allocation methodologies in other markets include such pre-specified 
formulaic approaches (i.e., those for interregional reliability and economic projects between the 
MISO and PJM).  While such formulaic approaches have the potential to streamline the 
evaluation and cost allocation of seams projects, many seams projects will not “fit” the pre-
specified qualifications criteria.  We thus recommend that seams projects that do not fit such pre-
specified options be evaluated under the general cost allocation framework as summarized 
above.  Our recommendations for such an optional cost allocation building block are discussed in 
more detail in Section XI of this report. 

VII. PROCESS TO PROPOSE AND ANALYZE SEAMS PROJECTS 
(BUILDING BLOCK NO. 3) 

The current JOAs do not contemplate pre-defined thresholds for a project to qualify as a “seams” 
project.  We recommend that seams agreements remain free of specific thresholds (other than the 
filing requirements discussed below).  Specifically, we recommend that there be:  

1. No pre-defined threshold limits — we advise against thresholds based on criteria such as 
voltage class, total cost, and total benefits, because even “small” seams projects may 
offer substantial benefits. 

2. No strict configuration requirement — we recommend that “seams projects” can either be 
defined as single project (or even components of a larger regional project) or be 
comprised of a portfolio of seams-related projects grouped together. 

3. No physical location requirement — we recommend that the definition of seams projects 
be more broad than the definition of “interregional projects” under FERC Order 1000, to 
include projects that either cross the seam (as interregional projects are defined in Order 
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1000) or be located wholly within one entity’s footprint as long as the projects provide 
clear benefits to both seams entities.138 

4. No limitation to specific project types — we recommend acknowledging that seams 
projects serve one or several purposes.  Projects may be driven by reliability needs, 
operational and economic benefits, policy requirements, or a combination of these 
factors, and these factors may differ for each seams entity.  Seams projects should also be 
able to include transmission upgrades that facilitate, expand, or provide an alternative to 
seams entities’ internal transmission upgrades identified in their internal planning 
processes, including their evaluation of generation interconnection and transmission 
service requests.   

We propose to start with a broad definition of seams projects because our discussions with SPP 
and other stakeholders indicated that seams-related challenges tend to cover a wide range of 
circumstances that makes it impractical to focus on specific thresholds.  Any such thresholds or 
restrictive definitions can lead to sub-optimal solutions by prematurely disqualifying beneficial 
seams-related projects.  For example, while the Acadiana Load Pocket had been identified as an 
area with a number of seams-related problems, the solution was a combination of upgrades to 
existing facilities as well as new substations, transmission lines, and capacitor banks.139  
Therefore, we recommend that the underlying qualification criteria should only be that a 
proposed seams project be able to address both seams entities’ transmission needs and offer 
commensurate benefits to both.   

We also recommend that seams projects must be proposed—jointly or unilaterally—through a 
predefined process that clearly establishes the responsibilities of both seams entities.  In addition 
to specifying a seams proposal process through the JOA, SPP (and neighboring RTOs) will need 
to specify internal processes (e.g., through the regional transmission planning process) under 
which individual transmission owners and other market participants can propose candidate seams 
projects to SPP.  SPP can then further consider these candidate seams projects and then formally 
propose them under the interregional planning and seams cost allocation agreements with 
neighboring seams entities. 

                                                 
138  Note that only the latter is defined as an “interregional” project in FERC’s Order 1000. 
139  SPP, “Cleco, Entergy, and Lafayette Utilities System to improve electric service in South Louisiana 

through joint transmission project,” January 19, 2009.  
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A. PROCESS FOR UNILATERALLY PROPOSED SEAMS PROJECTS   

The current JOAs are focused on coordinating data exchange and planning studies so that entities 
can jointly produce the JCSP, which may in turn identify beneficial seams projects.  We 
recommend that the framework be expanded to include a process under which seams entities can 
propose potential seams projects unilaterally as long as the unilateral proposal meets certain 
criteria.  The submission of such a qualifying unilateral proposal would obligate the other seams 
entity to participate in a joint study of the proposed project within a pre-specified, agreed-upon 
timeframe.   

To facilitate the timely assessment of unilaterally-proposed seams projects, the seams entities 
will need to specify (e.g., in their expanded JOA) how the evaluation of seams projects will be 
integrated into their existing transmission planning schedules and timeframes.  This will allow 
the entities to define deadlines by which seams projects will need to be proposed for 
consideration in the next planning cycle.  SPP’s internal processes may also need to specify by 
when SPP staff, transmission owners, or other market participants will need to propose projects 
for further evaluation as a potential seams project.   

To trigger the joint obligations under the recommended framework, the seams entity proposing a 
project unilaterally would be required to submit a formal proposal to its neighbor that meets all 
agreed-upon pre-specified requirements.  Our proposed requirements are shown in Table 7.  
Clearly defining the requirements that need to be met for unilaterally-proposed seams projects 
helps prioritize resources and focus attention on those projects that are deemed sufficiently 
valuable.   

As the table shows, a formal unilateral proposal would, first, need to include a detailed 
description of the proposed seams project and, second, a qualitative discussion of the project’s 
needs, purpose, and benefits to both seams entities, which could differ on either side of the seam.  
Third, we recommend that such unilateral proposals include a preliminary quantitative analysis 
(e.g., power flow and/or economic studies) of the project’s benefits to both entities.  This 
requires that the proposing seams entity has enough information about the neighboring system to 
undertake a preliminary quantitative analysis of seams-related impacts in the combined footprint 
and estimate benefits to both seams entities that, as discussed further below, are consistent with 
the metrics used by the neighboring seams entities in their transmission planning process.  
Finally, we recommend that seams project proposals also include a proposed preliminary cost 
allocation that is consistent with specified cost allocation principles and benefits identified in the 
preliminary analysis of the project.  
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Table 7 
Recommended Requirements for Unilaterally-Proposed Seams Projects 

Requirements for Unilaterally-Proposed 
Seams Projects Notes and Comments 

1. Detailed description of the project Needs to provide necessary project information 
such as:  
 Geographic area  
 Seams entities impacted 
 Full technical description of the proposed 

project, including project costs  

2. Qualitative discussion of the project’s 
purpose and potential benefits to both 
neighbors based on agreed upon benefits 
and metrics 

 Articulates drivers of the proposed seams 
project 

 Description of project benefits to both 
seams entities 

3. Preliminary quantitative analyses of the 
project’s potential benefits to both entities 
relying on the specified transmission 
benefits and metrics relevant to each seams 
entity or both.  The proposing entity needs 
to include: (1) appropriate documentation, 
such as assumptions and data used in the 
analysis, and (2) analyses and results that 
are consistent (though not necessarily 
comprehensive in scope) with the planning 
methods and metrics of each entity 

 Requires updated and jointly-validated 
planning models for combined footprint 

 Requires solid understanding of 
neighbor’s benefit metrics used in 
transmission planning 

4. Proposal for preliminary cost allocation 
consistent with specified principles and 
guidelines as a starting point for discussions 

 Requires specification of cost allocation 
principles and guidelines 

 Requires seams entities to develop a 
shared understanding of how the specified 
cost allocation principals and guidelines 
would be applied (e.g., through the joint 
development of case studies and “test 
projects”) 

 

The submission of a seams project proposal that meets these specified requirements would 
trigger the obligations under the proposed framework.  For example, the neighboring seams 
entity would be obligated to conduct a joint study with the proposing entity within an agreed-
upon timeframe (e.g., 6-12 months or to include the project in the JCSP study process).  This 
joint study would comprehensively assess the benefits that the proposed project provides to both 
seams entities, thereby confirming, refining, or expanding the preliminary analyses by the seams 
project proponent.  
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As noted, regional planning entities that cover the systems of several transmission owners, may 
need to modify internal processes to specify: (1) how seams projects can be proposed by internal 
planning staff, individual transmission owners, and other market participants; (2) how the 
nominated seams project would be evaluated internally to decide whether to proceed with a 
formal seams project proposal; and (3) the schedule and timeline under which internally-
nominated projects would be evaluated and, if desirable, formally proposed as a seams project 
under the interregional planning and seams cost allocation framework  

B. PROCESS FOR JOINTLY-PROPOSED SEAMS PROJECTS  

Under the proposed framework, seams projects could also be proposed jointly based upon mutual 
agreement of the seams entities.  Such joint seams project proposals could be made either (1) as 
the result of joint planning studies under the JCSP or (2) based on ad hoc agreements between 
the seams entities.   

In this case, the seams entities would jointly prepare the project documentation and preliminary 
analysis and cost allocations specified in Table 7 above.  After obtaining stakeholder input, the 
parties could then prepare the final seams project study either as a standalone analysis or, if 
timely enough, within the JCSP study effort.  

 

VIII. EVALUATION CRITERIA AND BENEFIT METRICS 
(BUILDING BLOCK NO. 4) 

A key building block and the foundation of any successful cost allocation framework is the 
detailed and comprehensive articulation of seams project evaluation criteria and benefit metrics.  
We refer to “benefits” as the obligations, goals, economic benefits, cost reductions, avoided 
costs, and other improvements and savings that the transmission investment may meet or achieve 
in the context of the transmission needs and drivers in each seams entity’s internal (local and 
regional) transmission planning process.  We refer to “metrics” as the means used to quantify, 
monetize, or more qualitatively describe each benefit.  In Section VIII.A we first lay out the 
recommended benefit principles applicable to seams projects, followed by the benefit metrics 
that can be derived from SPP’s and other seams entities’ transmission planning process in 
Section VIII.B.  In Section VIII.C, we describe additional benefits that seams projects may 
provide or can be added over time, which are not currently considered explicitly in internal 
planning processes.   
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A. BENEFIT PRINCIPLES APPLICABLE TO SEAMS PROJECTS 

As the ALP Project experience clearly demonstrated, a single seams project can provide a range 
of different benefits to various seams entities.  Had the ALP Project only been evaluated on 
reliability grounds, there may not have been “enough” individual benefits to justify even the cost 
of the reliability component.  Furthermore, SPP is faced with a particular challenge in that 
certain commonly-used metrics within organized markets—such as adjusted production cost or 
“APC” savings—may not be used in the transmission planning effort of non-market or non-
jurisdictional seams entities.  Therefore, it is important that seams entities who are parties to the 
interregional cost allocation framework agree on a well-specified set of benefit principles and 
metrics.  We therefore provide a recommended set of “benefit principles” that could be adopted 
by the neighboring seams entities within their JOAs as listed in Table 8.  Illustrative JOA 
language is provided in Appendix C.2.   
 
While these principles set the stage for defining benefits and metrics for all seams entities who 
are party to the cost allocation framework, we recommend that seams entities not be required to 
use the same exact benefits and metrics—though we expect there to be a significant degree of 
overlap, especially with regard to reliability-related benefits and metrics.   
 
The JOAs only broadly mention benefits such as maintaining reliability, improving operational 
performance, providing an economic benefit, or enhancing the competitiveness of electricity 
markets.140  However, there are no details within the JOAs that would define “reliability” or 
“economic” benefits or specify metrics that should be used to measure them.  We recommend 
that the specified seams-related benefits and metrics for each seams entity include, at minimum, 
all benefits and metrics that the seams entity uses in its internal transmission planning efforts.  
We also recommend that each seams entity has the option, but not the obligation, to consider 
some or all of the benefits and metrics used by the other seams entity, even if these benefits and 
metrics are not currently used in its internal transmission planning process.   
 

                                                 
140  SPP and Associated Electric Cooperative, Inc., Joint Operating Agreement, “Article 7.3: Joint and 

Coordinated System Planning,” July 20, 2011 and SPP and Midwest ISO, Joint Operating Agreement, 
“Section 9.3: Coordinated System Planning,” March 25, 2011.  The SPP-AECI JOA only refers to 
economic benefit whereas the SPP-MISO JOA only refers to enhancing competitiveness. 
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Table 8 
Recommended Benefit Principles 

1. Seams projects (either as single projects or a group of projects) may offer combinations of 
different types of benefits; 

2. It is possible that entirely different sets of benefits may accrue to each seams entity from a 
particular seams project; 

3. The benefits and metrics used for the evaluation of seams projects by each entity will include all 
benefits and metrics considered in each seams entity’s local and regional transmission planning 
process;   

4. Each seams entity shall have the option, but not the obligation, to consider some or all of the 
benefits and metrics used by the other seams entity even if these benefits and metrics are not 
currently used in the entity’s internal transmission planning process;   

5. The seams entities recognize that seams projects may offer unique benefits beyond those 
currently considered in either entity’s internal transmission planning process.  If deemed 
significant, the entities agree to develop metrics to capture any such additional seams-related 
benefits; 

6. The seams entities recognize that additional benefits may be documented as more experience is 
gained with the planning and evaluation of seams projects.  If deemed significant, the seams 
entities agree to develop metrics to capture any such additional seam-related benefits; and 

7. The seams entities recognize that seams projects may serve to avoid or delay the cost of 
(1) transmission projects in their existing regional and local transmission plans; (2) transmission 
upgrades that may be needed in the future to meet local or regional needs; and (3) transmission 
upgrades needed to satisfy generation interconnection and transmission service requests. 

 
 
Additionally, as shown in the above table, we recommend that seams entities agree that seams 
projects can offer unique benefits beyond those currently considered in either seams entity’s 
internal transmission planning process and that additional benefits may be documented as more 
experience is gained with the planning and evaluation of seams projects.  If deemed significant, 
the seams entities would agree to develop metrics to capture any such additional seams-related 
benefits. 
 
As addressed in our discussion of cost allocation principles and guidelines (Section IX), benefit 
principles Nos. 4-7 also help mitigate “fairness concerns” related to the potentially different 
scope of benefits that the proposed framework defines for different seams entities under benefit 
principle No. 3.  In addition, one of the proposed cost allocation principles presented in 
Section IX.A requires that the allocated benefits of a seams project, when compared to its 
allocated costs, must be sufficient to support the project’s approval based on the criteria that are 
used in each entity’s internal transmission planning process.  This means even if one seams 
entity (such as SPP) utilizes a more comprehensive definition of project benefits, the project will 
still be beneficial to the seams entity when considering both its share of benefits as well as its 
share of costs.  This will ensure that the seams project and its cost allocation: (1) offers 
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acceptable net benefits to each seams entity; (2) is more attractive than pursuing the project 
without cost sharing; and (3) is more attractive than not pursuing the project (and thus not 
realizing any of its benefits).   

B. BENEFITS AND METRICS USED IN ENTITIES’ INTERNAL PLANNING 
PROCESSES THAT WOULD ALSO BE APPLIED TO SEAMS PROJECTS 

As noted earlier, we recommend that the specified seams-related benefits and metrics for each 
seams entity include, at minimum, all benefits and metrics that the seams entity uses in its 
internal transmission planning efforts.  To provide an illustrative example, we have summarized 
the benefits and metrics SPP currently uses to evaluate regional projects.  By specifying the full 
set of these metrics in the JOA, including through references to relevant SPP-internal documents 
such as the Integrated Transmission Planning (“ITP”) manual,141 SPP’s seams neighbors would 
be able to evaluate whether or not a potential seams project would meet SPP’s planning criteria.   
 
Table 9 summarizes the benefits currently considered by SPP in its internal evaluation of local 
and regional transmission projects and how those benefits are measured quantitatively, are 
monetized, or are only qualitatively considered. 
 
To illustrate how the above list of benefits applied in SPP’s internal transmission planning 
processes may differ from those of other seams neighbors, we provide as a purely illustrative 
example the benefits and metrics that a non-jurisdictional entity may be considering it its 
transmission planning efforts.  This list, shown in Table 10, is based on our review of Western 
Area Power Administration (“Western”) 2011 Strategic Plan.  It has not been confirmed by 
Western and we use it solely as an illustration for the broad range of benefits that might be 
considered by non-RTO entities, even though their evaluation criteria and benefit metrics may be 
less formulaic or clearly stated than those in RTO markets. 
 
The fact that seams neighbors may consider different benefits or analyze similar benefits 
differently has also been illustrated by the ALP Project case study discussed earlier in this report.  
Each of the sponsors of the ALP Project received either reliability or economic benefits (or both) 
but even similar benefits were categorized differently by the different sponsors and different 
metrics were used for similar categories of benefits.  For example, Cleco found that the ALP 
Project would help reduce the cost of running one of its oldest and most expensive generators, 
thus providing an economic benefit.  LUS also found that the ALP Project could help it avoid 
running more costly generators during summer peak, but considered that to be largely a 

                                                 
141  The most recent ITP manual can be found at: http://spp.org/section.asp?pageID=128.  
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reliability benefit with only some economic impacts.  On the other hand, Entergy quantified 
reliability benefits as a reduction in TLRs and firm curtailments.  Therefore, while broad 
categories of benefits are a useful starting point for the analysis of seams projects, specific 
benefit descriptions and metrics are needed to produce actionable results.    
 

Table 9 
Summary of SPP Internally-Used Benefits and Metrics  

That Would Also be Applied to Seams Projects 

Benefit 
Category 

Specific Benefits Qualitative and/or Quantitative Metrics 

Reliability 
benefits 

Ability of project to avoid 
reliability violations 

Quantified as number/duration of 
violations; monetized as avoided cost of 
regional/local upgrades 

Reduced costs Ability of project to produce 
adjusted production cost savings 

Monetized through PROMOD or similar 
simulations  

Ability to replace or delay future 
or previously approved projects 

Monetized as the avoided cost of replaced 
or delayed projects 

Energy value of reduced 
transmission losses 

Monetized based on quantification 
through power flow simulations 

Capacity value of reduced 
transmission losses 

Monetized as avoided capacity 

Reduced emissions costs Monetized as allowances not purchased  
Improved / 
increased ATC 

Value of improved Available 
Transfer Capabilities 

Quantified as incremental capacity (MW)  

Export/import improvements Quantified as incremental capacity (MW)  
Ability to serve new load Monetized as an offset to proposed seams 

project cost based on how much new load 
can pay for part of the project 

Access to beneficial services from 
other markets such as ancillary 
services or diversity exchange 

Monetized value can be cost of additional 
generation in SPP footprint to supply 
those services 

Improved / 
increased 
competition 

Levelization of LMPs Qualitative consideration 
Improved competition in SPP 
markets 

Qualitative consideration 
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Table 10 
Illustrative List of Benefits and Metrics Considered in a  

Non-RTO Seams Entities’ Transmission Planning Process 

Benefit Category Specific Benefits Qualitative and/or Quantitative Metrics 

Reliability Avoid reliability violations Quantified as number/duration of 
violations and monetized as avoided cost 
of regional/local upgrade 

Reduce frequency and cost of 
supply interruptions during low-
hydro years 

Quantified as number/duration of likely 
events and monetized as cost of 
interruptions or replacement power 

Load serving 
benefits 

Reduce the dispatch of high-cost 
generation resources needed to 
serve load in presence of internal 
transmission congestion or import 
constraints 

Monetized as reduced generation and 
emission costs 

Avoid cost of local transmission 
upgrades needed to support load 
growth 

Monetized as avoided cost of 
regional/local upgrade 

Increased off-
system sales (to 
maximize value to 
electric service 
customers) 

Increase in ATC and thus off-
system sales 

Monetized as incremental off-system sales 
profits and/or transmission rights 

Increase in sales of ancillary 
services to other systems (e.g., for 
wind balancing) 

Monetized as incremental off-system sales 
profits and/or transmission rights 

Reduced 
transmission losses 

Reduce transmission losses Monetized as energy and on-peak capacity 
savings 

Renewables 
integration benefits 

Ability to avoid or delay 
local/regional transmission 
upgrades needed to integrate 
renewable resources for Western’s 
strategic goals or RPS, if any 

Monetized as revenue (or offset to costs) 
from accommodating  multiple 
transmission service requests and/or 
generator interconnection requests  

Renewable integration benefit of 
CO2 and other emission reductions 

Quantified as tons of CO2 avoided and 
measured as part of meeting Western’s 
strategic goals and monetized for other 
emissions with allowance prices 

Proactively respond to a group of 
renewables interconnection requests 
rather than serially  

Qualitative benefit for queue efficiency 
and may help to address chicken-and-egg 
issue for intermittent generation 

Economic and 
renewable 
development  

Ability of project to promote 
renewables and economic 
development consistent with policy 
objectives 

Quantified as jobs created, economic 
impact on communities, potential fiscal 
benefits such as taxes or land-lease 
payments 

Operational benefits Ability of project to improve 
operating and maintaining 
flexibility and efficiency 

Qualitatively described and monetized as 
must-run payments or cost of outage if 
maintenance is needed 
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In the context of how benefits can be defined for the purpose of cost allocation, it is also 
important to recognize that benefits can be considered both directly and indirectly.  The 
definition of a direct benefit is the cost savings, efficiency gains, avoided costs, or revenue 
offsets provided by a seams project.  Examples of this type of benefit are APC savings, 
additional wheeling revenues associated with ATC increases, or the avoided cost of other 
transmission projects.  For the purpose of cost allocation, however, benefits can also be 
considered indirectly—such as through an entity’s contribution to the need for a seams project or 
on a “cost causation” basis.  For example, an entity’s contribution to flows on a constrained 
facility that caused a reliability concern can be considered a proxy for the share of reliability 
benefits that the entity receives from a seams project which alleviates or eliminates the reliability 
concern.   

C. BENEFITS APPLICABLE TO SEAMS PROJECTS 

Internally-considered benefits and metrics are good starting points but may not comprehensively 
reflect the benefits of seams projects.  For example, SPP quantifies APC savings calculated from 
PROMOD simulations, where imports are priced at the average internal load LMP and exports 
are priced at the average internal generation LMP.  This leaves out wheeling revenues and other 
gains from trade due to differences in the load and generation LMPs between regions.  
Therefore, internally-considered benefits and metrics will need to be reviewed to see if they 
leave “gaps” that may be relevant for seams projects.  This effort may identify additional benefits 
provided by seams projects that may not be applicable to region-internal transmission 
investments.  Table 11 provides examples of such additional seams-project-related benefits and 
metrics that are not typically applicable to region-internal projects.  
 

Table 11 
Examples of Additional Seams Project-Specific Benefits and Metrics 

Benefit Category Specific Benefits Metrics 

Incremental 
wheeling through 
and out revenues 

The ability of a seams project to 
increase export ATC, support 
transmission service requests and, as a 
result, generate incremental wheeling 
through and out revenues that offset a 
portion of the project’s costs 

Estimates of additional 
wheeling volumes derived from 
transmission service requests 
and/or PROMOD modeling 

  

Benefits from 
increased reserve 
sharing capability 

The extent to which increased intertie 
ATC with the neighboring system 
allows for a reduction of a seams 
entity’s planning reserve requirement 
or the cost of planning reserves. 

Quantified as a reduction in 
MW of reserve capacity 
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We recommend that the seams entities consider including these additional benefits and metrics in 
the evaluation process and cost allocation framework for seam projects.  We also recommend 
that the seams entities agree that additional benefits and metrics can be considered on a project-
specific basis upon mutual agreement of the seams entities.  As noted earlier, illustrative “straw 
man” JOA language implementing these benefits and metrics recommendations for the proposed 
seams cost allocation framework is provided in Appendix C. 
 

IX. SEAMS COST ALLOCATION PRINCIPLES AND GUIDELINES 
(BUILDING BLOCK NO. 5) 

The fifth building block, and a main focus of this report, is the specification of general cost 
allocation principles and guidelines that build on the identified seams project-related benefits and 
metrics.  The “cost allocation principles,” as discussed in Section IX.A, serve as the overarching 
framework for the development of cost allocations for specific seams projects based on their 
identified benefits.  We also additionally provide specific “cost allocation guidelines” in 
Section IX.B, which explain via examples how certain benefits and metrics can be used to derive 
cost allocations for seams projects that are consistent with the specified cost allocation 
principles.  These principles and guidelines are then applied to illustrative case studies in 
Section XII. 

A. COST ALLOCATION PRINCIPLES 

The cost allocation principles of a comprehensive framework will, at minimum, need to be 
consistent with the six interregional cost allocation principles specified in FERC Order 1000 as 
discussed in Section V above.142  However, based on our review of seams cost allocation 
principles and methodologies elsewhere we propose a broader set of cost allocation principles as 
shown in Table 12.  
 

                                                 
142  As noted earlier, our recommended definition of a “seams project” is broader than in Order 1000, which 

defines as “interregional” only projects that physically cross the seam between regions.  In our proposed 
framework, “seams projects” may be wholly located within one seams entity’s footprint as long as both 
seams entities agree that the project justifies cost allocation because it provides meaningful benefits to 
both entities. 
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Table 12 
Recommended Cost Allocation Principles 

1. The cost of seams projects should be allocated to seams entities such that they are at least roughly 
commensurate with total benefits identified for each of the seams entities based on the benefits 
and metrics specified.  Neither entity should be allocated a share of the cost of a seams project in 
which it receives no benefit. 

2. The application of cost allocation methodologies and identification of benefits and beneficiaries 
must be transparent. 

3. Different cost allocation methods can be applied to different types (e.g., transmission needs driven 
by reliability, economic, or public policy requirements) or different portions of transmission 
facilities. 

4. The seams entities will quantify and, if possible, monetize the identified benefits based on the 
metrics provided.  The seams entities will also recognize non-monetized and non-quantified 
benefits in their assessment of the overall reasonableness of proposed seams project cost 
allocations. 

5. The seams entities agree that the monetized reliability, load serving, public policy, or other benefit 
of a seams project will be at least equal to the avoided cost of achieving the same benefit solely 
through cost-effective local or regional transmission upgrades. 

6. If benefit-to-cost ratios are used to assess the desirability of seams project to a seams entity or the 
seams entities as a group, the benefit-to-cost threshold must not exclude projects with significant 
net benefits.  The threshold should not exceed 1.25. 

7. Benefits to each seams entity need to be sufficient to support each seams project’s approval 
through each entity’s internal planning process considering the costs allocated to each seams 
entity; and 

8. Seams project costs allocated to each seams entity will be recovered via the existing internal (local 
and regional) cost allocation process of each entity. 

 
As shown in Table 12, many of the proposed cost allocation principles simply implement 
Order 1000 requirements.  However, principles Nos. 4, 5, and 7 go beyond Order 1000 
requirements.  For example, the proposed principle No. 4 reflects the expectation that cost 
allocations be mostly based on quantifiable benefits and thus requires that the seams entities will 
attempt to quantify and monetize the identified benefits based on the metrics provided.  It also 
states, however, that non-monetized and non-quantified benefits should still be considered at 
least qualitatively in the seams entities’ assessment of the overall reasonableness of any proposed 
cost allocations.  Principle No. 5 provides a framework for the monetization of reliability, load 
serving, public policy, and similar other benefits of seams projects by requiring that the 
monetized value of such benefits be at least equal to the avoided cost of achieving the same 
benefit(s) through cost-effective local or regional transmission solutions. 
 
Finally, the proposed cost allocation principle No. 7 goes beyond Order 1000 requirements by 
specifically addressing “fairness concerns” related to the potentially different scope of benefits 
that the proposed framework defines for different seams entities.  The principle requires that both 
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the allocated benefits of a seams project, when compared to its allocated costs, are sufficient to 
support the project’s approval based on the criteria that are used in each entity’s internal 
transmission planning process.  This means even if one seams entity (e.g., SPP) utilizes a more 
comprehensive definition of project benefits, the project will still be beneficial to the seams 
entity considering both its share of benefits as well as its share of costs.   
 
While it is still possible that the broader scope of benefits will result in a larger share of allocated 
costs, the entity is not asked to approve a seams projects at terms that are any less attractive than 
the terms that would be considered for local and regional projects in the entity’s internal 
planning process.  In other words, while it is still correct that the seams entity with the broader 
scope of considered benefits will tend to share more of a projects’ costs, the cost allocation 
outcome will (1) result in a project with acceptable net benefits; (2) be more attractive than 
pursuing the project without cost sharing; and (3) also be more attractive than not pursuing the 
project (and thus not realizing any of its benefits).   
 
In addition, as noted in our discussion of benefits principles, the potential for greatly differing 
scopes of seams project-related benefits considered by each of the seams entities is mitigated by 
benefit principles Nos. 4 through 7 (see Table 8), which note that (1) each seams entity has the 
option to consider some or all of the benefits and metrics used by the other entity; (2) the seams 
entities will recognize benefits that are unique to seams projects even if they go beyond those 
considered in their internal planning processes; (3) additional benefits may be documented and 
considered as more experience is gained in the evaluation of seams projects; and (4) benefits will 
be at least as large as the cost of avoided cost-effective regional or local project alternatives. 

B. COST ALLOCATION GUIDELINES 

We recommend that seams agreements and associated business practice manuals include “cost 
allocation guidelines” that provide additional guidance on and illustrations of how benefit 
metrics would be applied in accordance with the cost allocation principles.  This provides an 
opportunity for seams entities to memorialize how they weigh and prioritize the list of benefits 
detailed in the seams agreement.  It also provides an opportunity for entities to explain the seams 
cost allocation framework through concrete (even if illustrative) examples.  While an infinite 
number of guidelines and examples could be created, we suggest that entities focus on 
developing a core set of guidelines based on the benefit metrics most important to the entities 
involved, showing how the identified benefits would be considered in developing cost 
allocations. 
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We recommend an approach to developing guidelines under which the costs of a seams project 
allocated to each party can be based on one or a combination of several mechanisms.  The first 
cost allocation mechanism would simply allocate seams project costs based on the share of 

monetized benefits.  In other words, costs would be allocated in proportion to the present value 
of project benefits received by each entity compared to the sum of the entities’ present value of 
total benefits received. 
 
In addition, cost allocation for some seams projects may also lend itself to consideration of more 
qualitative, non-monetized benefits and cost causation ratios.  For example, the seams entities 
could stipulate in their agreement that the cost of a seams project could also be shared based on: 

 Each entity’s relative contribution to the need for a project if the seams entities can 
agree that such contributions to need are either a reasonable proxy for the project’s 
benefits (or roughly proportionate to the benefits) received by each entity.  Examples of 
such allocations could be applying load-ratio shares or shares of power flows that 
contribute to the costs of a reliability-driven upgrade, or allocating the costs of a 
renewables-integration driven upgrade in proportion to PPAs signed by load-serving 
entities in their footprint or the entities’ RPS requirements. 

 Each entity’s projected or allocated usage share of the project’s added transmission 
capability (e.g., allocated shares of increased flow-gate capacity) if the seams entities 
agree that such usage shares are either a reasonable proxy for the benefits (or roughly 
proportionate to benefits) received by each entity.  

 Finally, the costs of seams projects could be allocated based on the project’s physical 

location in each entity’s footprint (e.g., shares of circuit miles or direct assignment of 
project segments) if the seams entities agree that such footprint-based shares will be 
roughly proportionate to the benefits received by each party.  

 
We provide in Section XII a recap of the ALP Project and two case studies which serve as an 
illustration for applying these cost allocation guidelines to seams projects.     
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X. PAYMENT MECHANISMS TO IMPLEMENT SEAMS COST ALLOCATION 
(BUILDING BLOCK NO. 6) 

The final building block of our proposed seams cost allocation framework specifies the payment 
mechanisms that can be used to implement the agreed-upon cost allocations.  We propose as a 
starting point the consideration of two types of payment mechanisms: (1) physical ownership 
shares; and (2) financial transfers.  To facilitate such implementation of cost allocation, we also 
recommend that, to the extent feasible and practical, an entity sharing the cost of seams projects 
should also receive physical or financial rights for a commensurate share of the project’s added 
transmission capability (e.g., a share of increased flow gate capability).   
 
Cost allocation based on physical ownership shares can be implemented through either (1) 
physical ownership of individual project segments or (2) co-ownership of the seams project or 
individual project segments.  In either case, ownership of individual project segments would be 
assigned so that the investment and operating cost of each owned portion of the project is 
consistent with the determined cost allocations.  Co-ownership of seams projects or individual 
project segments may be necessary where the project cannot be divided into fully-owned 
segments or if a proposed project (or project segment) is entirely within the service territory of 
only one of the seams entities.  In other words, different shares of the seams project would be 
allocated to existing or new transmission owners within each of the two seams entities.  The 
transmission owners would then simply recover the cost of their portion of the seams project as 
they would recover the cost of any other internal (regional or local) transmission project.   
 
If the seams project is developed by a single corporate entity, the company could form a 
transmission-owning subsidiary in each of the neighboring seams entities, each of which would 
recover the costs associated with its ownership share of the seams project through the respective 
seams entity’s existing regional or local cost recovery options.  As discussed in Section  VI.A, 
such an ownership-based approach was used to allocate costs of the ALP Project.  It also is and 
has been used routinely for transmission cost allocation throughout the WECC, such as within 
NTTG. 
 
Where ownership-based allocation of project costs is neither feasible nor practical, cost 
allocation can be implemented through financial transfers from one seams entity to the other.  
These payments would correspond to the determined share of the seams project’s revenue 
requirements.  We also recommend such payments be implemented in conjunction with the 
assignment of physical or financial rights for a commensurate share of the project’s added 
transmission capability.  The revenue requirements associated with payments to the neighboring 
seams entity would be recovered consistent with the cost recovery of the revenue requirements of 
local and regional projects in the transmission owner’s regional footprint.  
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Examples of transmission rights provided under either the ownership or financial transfer options 
may be rights to a share of added flowgate capacity or rights to ATC increases provided by a 
seams project.  In Day-2 markets, such rights may involve auction revenue rights or capacity 
transfer rights, similar to the rights that RTOs may already provide to the sponsors of “elected” 
or “participant funded” transmission upgrades.   
 
Without obtaining any such transmission rights, many non-RTO and non-jurisdictional entities 
simply may not be able to assume the required ownership obligations or make financial 
payments to the neighboring seams entity.  Most likely, only neighboring RTOs would be able to 
implement a financial transfer mechanism without obtaining rights to the transmission capability 
added by the seams projects for which they are paying.  However, even for neighboring RTOs, 
the receipt of transmission rights in return for owning or paying for a portion of a seams project 
will increase the certainty of capturing project benefits and thus reduce inherent barriers to the 
joint pursuit of seams projects.  
 
 

XI. OPTIONAL BUILDING BLOCK: PRE-SPECIFIED FORMULAIC 
EVALUATION AND COST ALLOCATION METHODOLOGY 

As more experience with cost allocation of seams projects is gained, neighboring seams entities 
may find it helpful to specify more formulaic project evaluation and cost allocation options that 
would apply to specific types of seams projects.  Examples of such pre-specified formulaic 
options are the frameworks that MISO and PJM have specified for cross border reliability and 
market efficiency projects (as summarized in Section IV.A).  Ideally, such options would be 
created once it becomes clear that certain project evaluations and cost allocation formulas work 
well for specific types of seams projects that will likely be encountered periodically. 
 
This option would allow seams entities to fully or partly pre-specify: (1) project qualification 
criteria; (2) the specific benefits and metrics used in the evaluation of seams transmission 
projects; and (3) a formula for cost allocation that relies on these benefits and metrics.  Such pre-
specified formulas could be developed for some or several types of projects, such as reliability, 
congestion relief, or public policy projects.  Projects that do not “fit” any such pre-specified 
options will still be considered under the more general cost allocation framework described 
above. 
 
A variation to this approach may be a less formulaic approach which would provide more 
specific guidelines for specific types of projects.  For example, an agreement between SPP and 
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AECI might note that for reliability-only projects, acceptable cost allocations would be based on 
each entity’s avoided costs of implementing their own solutions.   
 

XII. CASE STUDIES: QUALITATIVE APPLICATION OF FRAMEWORK TO 
CANDIDATE SEAMS PROJECTS 

As part of our effort to develop a robust seams cost allocation framework, we wanted to test it on 
actual or proposed projects.  In Section XII.A we provide an overview of the feedback we 
received from stakeholders on candidate seams projects to evaluate.  Based on this feedback and 
in discussions with the Joint Project Team, we apply our proposed framework to an actual seams 
project in Section XII.B and, on an illustrative basis, to two proposed seams projects in 
Sections XII.C and XII.D.    

A. CANDIDATE SEAMS PROJECTS 

We asked members of SPP Staff, RSC staff, the SPP Seams Steering Committee, and 
representatives of seams neighbors to provide candidate seams projects, including the following 
information: 

 Why is the project needed from your company’s perspective? 

 What are the project’s possible benefits? 

 Have there already been any studies of the project? 

 What are the barriers to the project (why has it not been pursued)? 

 Are there lower cost projects that would be interesting to evaluate? 

The following candidate seams projects were received (see Appendix D for more detailed 
descriptions of each): 

 Acadiana Load Pocket (“ALP”) Project involving seams entities Entergy/Cleco/LUS 

 Branson Area Project involving seams entities SPP/AECI 

 Quarry Project (Western Entergy Area) involving seams entities SPP (AEPW)/Entergy 

 Danville Area EHV Station involving seams entities SPP (OGE)/Entergy  

 Murfreesboro Project involving seams entities SPP (AEPW)/Entergy 

 
As also discussed in Section VI.A, the ALP Project provides a case study of an actual “seams” 
project that has been under development for several years and provides particularly helpful 
lessons for the development of a robust framework.  Except for the ALP Project, the remainder 
of the candidate seams projects are currently only in the early proposal stages.  For some of the 
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projects, preliminary initial analyses have been conducted but are not conclusive and (to the best 
of our knowledge) seams cost allocation has not even been approached.   
 
In addition to the ALP Project case study, we selected two of these proposed projects to illustrate 
the application of the proposed framework and its ability to consider different types of projects, 
benefits, cost allocation methodologies, and payment mechanisms.   
 
The first of these two additional case studies, the Branson Area Project, highlights the need for 
closer integration of top-down and bottom-up transmission planning studies with seams 
coordination.  It also illustrates the intrinsic value of seams projects, which often is not captured 
in internal planning processes.  The Branson Area case study documents the ability of the 
proposed framework to consider projects between multiple market and non-market areas with 
potentially very different benefits considerations and physical ownership options of different 
project segments as a means to implementing cost allocation.   
 
The second case study, the Quarry Project, is an illustrative example of a seams project that is 
wholly within one seams entity’s footprint but may benefit both market and non-market seams 
neighbors by addressing reliability concerns in a load pocket as well as unfulfilled transmission 
service requests.  These case studies also provide additional guidance on how to apply the cost 
allocation principles and guidelines discussed in Section IX.B. 

B. ALP PROJECT 

As described in Section VI.A, the ALP Project is a successful example of a multi-party cost 
allocation for a seams project.  To test the robustness of our proposed framework, we compare 
the ALP Project experience against our benefit principles (Section VIII.A), cost allocation 
principles (Section IX.A), and payment mechanisms (Section X).  Table 13 below reproduces the 
recommended benefit principles and highlights the principles (with a blue arrow) that apply to 
the ALP Project.  (Those principles that that do not directly apply appear in grey font.) 
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Table 13 
Recommended Benefit Principles as Applied to the ALP Project 

1. Seams projects (either as single projects or a group of projects) may offer 
combinations of different types of benefits; 

2. It is possible that entirely different sets of benefits may accrue to each seams 
entity from a particular seams project; 

3. The benefits and metrics used for the evaluation of seams projects by each entity 
will include all benefits and metrics considered in each seams entity’s local and 
regional transmission planning process;   

4. Each seams entity shall have the option, but not the obligation, to consider some 
or all of the benefits and metrics used by the other seams entity even if these 
benefits and metrics are not currently used in the entity’s internal transmission 
planning process;   

5. The seams entities recognize that seams projects may offer unique benefits 
beyond those currently considered in either entity’s internal transmission 
planning process.  If deemed significant, the entities agree to develop metrics to 
capture any such additional seams-related benefits; 

6. The seams entities recognize that additional benefits may be documented as more 
experience is gained with the planning and evaluation of seams projects.  If 
deemed significant, the seams entities agree to develop metrics to capture any 
such additional seam-related benefits; and 

7. The seams entities recognize that seams projects may serve to avoid or delay the 
cost of (1) transmission projects in their existing regional and local transmission 
plans; (2) transmission upgrades that may be needed in the future to meet local or 
regional needs; and (3) transmission upgrades needed to satisfy generation 
interconnection and transmission service requests. 

 
 
As Table 13 shows, the ALP Project utilizes the majority of the benefits principles, which creates 
the foundation for considering cost allocation.  The two principles not directly applicable to the 
ALP Project relate to the evolution of benefits based on project experience. Table 14 below 
follows the same format, but applied to the recommended cost allocation principles. 
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Table 14 
Recommended Cost Allocation Principles as Applied to the ALP Project 

1. The cost of seams projects should be allocated to seams entities such that they are 
at least roughly commensurate with total benefits identified for each of the seams 
entities based on the benefits and metrics specified.  Neither entity should be 
allocated a share of the cost of a seams project in which it receives no benefit. 

2. The application of cost allocation methodologies and identification of benefits 
and beneficiaries must be transparent. 

3. Different cost allocation methods can be applied to different types (e.g., 
transmission needs driven by reliability, economic, or public policy 
requirements) or different portions of transmission facilities. 

4. The seams entities will quantify and, if possible, monetize the identified benefits 
based on the metrics provided.  The seams entities will also recognize non-
monetized and non-quantified benefits in their assessment of the overall 
reasonableness of proposed seams project cost allocations. 

5. The seams entities agree that the monetized reliability, load serving, public 
policy, or other benefit of a seams project will be at least equal to the avoided 
cost of achieving the same benefit solely through cost-effective local or regional 
transmission upgrades. 

6. If benefit-to-cost ratios are used to assess the desirability of seams project to a 
seams entity or the seams entities as a group, the benefit-to-cost threshold must 
not exclude projects with significant net benefits.  The threshold should not 
exceed 1.25. 

7. Benefits to each seams entity need to be sufficient to support each seams 
projects’ approval through each entity’s internal planning process considering the 
costs allocated to each seams entity; and 

8. Seams project costs allocated to each seams entity will be recovered via the 
existing internal (local and regional) cost allocation process of each entity. 

 
 
As Table 14 shows, the ALP Project utilizes all of the cost allocation principles except for (as far 
as we were able to determine) a specific benefit-to-cost ratio.  This demonstrates that the benefit 
and cost allocation principles are flexible enough to consider such a complicated project and lead 
to successful cost allocation between the entities.  Table 15 below follows the same format as 
applied to payment mechanism. 
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Table 15 
Recommended Payment Mechanisms as Applied to the ALP Project 

1. Cost allocation may be implemented through physical ownership shares of 
either (1) individual project segments, or (2) co-ownership of the seams project 
or individual project segments; or 

2. Cost allocation may be implemented through financial transfers. 

3. Each entity will recover allocated costs consistent with cost recovery of local 
and regional projects within its footprint. 

4. To the extent feasible and practical, an entity sharing the cost of seams projects 
should also receive a physical or financial transmission right for a 
commensurate share of the project’s added transmission capability. 

 
The ALP Project cost allocation and payment mechanism was based on ownership of individual 
segments of the project and utilizes most of the payment mechanism guidelines listed in Table 15 
above.  Consistency with benefits and cost allocation principles and payment mechanisms shows 
that a seams project similar to the ALP Project could have been approved based on our proposed 
framework. 

C. BRANSON AREA PROJECT 

The Branson Area Project was suggested by both AECI and SPP as a candidate seams project 
that would address reliability concerns and load serving needs in the Branson area with 
additional potential economic benefits to the broader region.  The 345 kV, $240 million project 
spans the Missouri-Arkansas border and has three main components as shown in Figure 4 below: 
a line from Brookline to Compton Ridge, one from Osage Creek to Compton Ridge, and a third 
from Compton Ridge to Cox Creek.  Based on comments by AECI and SPP, the project would 
address the load serving needs of AECI (e.g., to serve a potential 100 MW data server farm in 
the Branson area) and provide both reliability and economic benefits to SPP (e.g., to prevent 
overloading of the 161 kV system and APC savings, respectively).  The Project is also a 
component of various upgrades that have been identified in SPP’s recent transmission service 
request study.   
 
The Branson Area Project has been studied for several years, most recently in the 2011 Joint 

Project Study, which tracked benefits to SPP, AECI, the Southwestern Power Administration 
(“SPA”), MISO, and Entergy through a preliminary high-level analysis of seams-related 
challenges.143  However, the power flow and production cost analyses found only modest 

                                                 
143  SPP, “Joint Project Study Results,” February 22, 2011. 
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reliability benefits (e.g., in terms of number of facilities overloaded or resolved, potential cost of 
outages in low hydro years,  reducing the number of overloaded facilities under low hydro 
conditions) and economic benefits (APC savings and ATC increases) to SPP and AECI.144   

Figure 4 
Proposed Branson Area Project Components 

Sources and notes: SPP, “Joint Project Study Results,” February 22, 2011, p. 4 
 
. 
However, while the high-level Branson Area Project study did not yet find compelling benefits, a 
2011 “bottom-up” analysis of transmission service requests (“TSRs”) appears to point to a 
different conclusion.  In analyzing the TSRs and necessary related transmission upgrades in 
SPP’s 2011 AG2 study, we found that the majority of the service requests (55% of total MWs 
requested) involved transfers from SPP to Entergy that required the Branson Area Project as well 
as many SPP-internal and other third party upgrades.  In fact, the various components of the 
Branson Area Project were needed for 42 out of 57 TSRs.   

                                                 
144  Ibid. 
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This suggests that the Branson Area Project may be a desirable project, but its benefits cannot be 
realized unless related SPP and third-party upgrades are implemented as well. 
 
In the absence of a complete analysis of the Branson Area Project in combination with the SPP-
internal and third-party upgrades identified in SPP’s TSR study, we developed a hypothetical 
example of the total costs and benefits of the necessary upgrades.  This example is summarized 
in Table 16 below.   

Table 16 
Illustrative Costs and Benefits of Integrated Seams Project Assessment, Including the 

Branson Area Project ($ Millions) 

 

The accommodation of all TSRs in the 2011 AG2 study (and assuming none of the requests 
evaluated in earlier studies drop out) would require SPP-internal transmission upgrades costing 
$900 million,145 as noted in the first row of the center column of Table 16.  The cost of the 

                                                 
145  Note, however, that any of the SPP-internal upgrades identified in the TSR study are transmission projects 

needed beyond existing projects and those that are already authorized to proceed with construction.  The 
upgrades identified in this TSR study will thus overlap with any proposed transmission upgrades already 

(footnote continued on next page) 

Illustrative  
Costs 

 
All regions 

$900  SPP-internal upgrades 
$240  Branson Area Project 
  $60  Third-party upgrades 

$1,200 Total 

Illustrative 
Monetized 

Benefits 

SPP 

$210  Network service requests 
$550  Point-to-Point transmission service requests 
$200  Avoided ITP and reliability project costs 
$100  APC savings 

$1,060 subtotal 
(65%) 

$1,640 Total 
AECI 

 $80  Avoided cost of internal load serving projects 
$80 subtotal 

(5%) 

Entergy 

$150  Transmission service requests (w/ SPP) 
$150  Avoided reliability project costs (w/ MISO) 

$300 subtotal 
(18%) 

MISO 

$100  Transmission service requests (w/ Entergy) 
$100  70% APC/30% LLMP savings 

$200 subtotal 
(12%) 
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Branson Area Project (estimated at $240 million) and other third-party upgrades (e.g., in MISO 
and Entergy, assumed at $60 million) are assumed to bring seams-related project costs to a total 
of $1,200 million. 
 
For illustrative purposes, the bottom portion of the table lists different types of hypothetical 
monetized benefits for SPP, AECI, Entergy, and the MISO.  Starting with SPP, we 
hypothetically assumed that transmission revenues from additional SPP network service and 
point-to-point transmission service requests (i.e., for wheeling out service) would pay for a 
significant portion of these upgrades.  Based on estimates in the 2011 AG2 study, we assumed 
that $210 million of project costs would be recovered through the present value of incremental 
network service revenues (at existing rates).  Wheeling out revenues from point-to-point 
transmission service requests (at existing rates) would provide approximately $110 million of 
incremental annual revenue requirements.  Considering that the majority of these service 
requests are for five-year terms and assuming that many of them would get renewed or that other 
requests would take their place, these annual wheeling revenues may pay for at least 
$550 million worth of the identified upgrades (conservatively using a 20% charge rate).146   
 
This suggests that SPP’s incremental revenues associated with transmission service requests (and 
assumed renewals) would (at least hypothetically) pay for $760 million of the $1,200 million in 
identified upgrades.  Furthermore, some of the $900 million in identified SPP-internal upgrades 
may overlap with projects identified in SPP’s integrated transmission planning process (“ITP”) 
and local reliability needs.  As shown in Table 16 we hypothetically assumed $200 million in 
avoided costs of these other projects.  Lastly, we have also assumed that, through the 
combination of these projects, SPP would realize APC savings of $100 million in present value 
terms.  This means that under our hypothetical assumptions SPP would realize a total of 
$1,060 million in benefits from increased transmission revenue, avoided project costs, and 
production cost savings.  (Additional benefits not included in our hypothetical example may 
relate to other SPP metrics such as reduced losses and increased competition.)      
 
For AECI, the combined upgrades would allow for additional load-serving capability.  We 
hypothetically assumed that the monetized benefit would be equal to $80 million in avoided cost 

                                                 
(footnote continued from previous page) 

identified in SPP’s prior TSR studies and ITP studies but that have not yet received authorization to 
proceed with construction.  It would thus be both helpful and necessary to analyze how many of the 
$900 million in SPP-internal transmission upgrades identified the 2011 AG2 TSR study are already 
planned through other means (i.e., ITP or previous TSR studies). 

146  As discussed below, it is possible to estimate incremental wheeling service revenues through PROMOD 
modeling, but that type of analysis has not been conducted.  Some TSR customers will also be willing to 
pay more than the current transmission rate to obtain the requested service.   
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of an AECI-internal stand-alone project.  For other entities such as Entergy and MISO, the 
$1,200 million of transmission projects is assumed to offer benefits from increased transfer 
capability amongst themselves and between SPP, AECI, and each of these entities.  As shown in 
Table 16, the hypothetical increase in ATC is assumed to facilitate a present value of 
$150 million in additional transmission service revenue for Entergy (for service to SPP).  In 
addition, similar to the monetized benefits for SPP, the upgrades are also assumed to avoid 
$150 million in hypothetical Entergy reliability projects (for service with MISO).  The upgrades 
are also assumed to generate for MISO $100 million in transmission service revenue (for service 
with Entergy) and produce $100 million in adjusted production cost and load-LMP savings for 
MISO (consistent with MISO’s own internal metric).     
 
This illustrative example shows that capturing additional transmission service revenues (e.g., 
estimated based on long-term wheeling out or through service requests) can be a significant 
“benefit” that should be considered in the evaluation of seams projects.  The value of the 
incremental revenues can offset a substantial portion of project costs, but are not captured in any 
of SPP’s monetized internal transmission planning metrics.  Furthermore, it is also important to 
note that there may be customers who requested third-party service (e.g., Entergy-to-MISO 
service) who may have to pay for some of the $900 million in SPP-internal upgrades.   
 
The analysis of SPP’s TSR study also showed that, while the Branson Area Project alone may 
not benefit SPP and AECI, closer coordination between TSR studies and ITP studies and 
interregional coordination of TSR studies can identify expanded project configurations that offer 
significantly higher benefits than the initially-identified seams project.  Leveraging TSR studies 
may be an efficient way to identify promising seams projects as opposed to relying solely on top-
down transmission studies such as the ITP or future studies to develop Joint Coordinated System 
Plans with neighbors.   
 
Based on the hypothetical assumptions in this illustrative example, the total monetized benefits 
of $1,640 million outweigh total project costs of $1,200 million.  The expanded seams project 
scope provides benefits to several seams entities—SPP, AECI, Entergy, and MISO.  If SPP had 
seams agreements with each of them, then a four-way cost allocation may in fact be possible.  As 
shown in Table 16, if the shares of the present values of monetized benefits would be used to 
determine cost allocations, SPP’s share would be 65% of the $1,200 million in total project costs 
($760 million of which would be offset directly by increased transmission service revenues even 
at existing rates), AECI would share 5% of total project costs, Entergy 18%, and MISO 12%.  
This cost allocation could be implemented based on physical ownership of individual project 
segments.  With respect to the three lines of the Branson Area Project itself, for example, SPP 
could own the Brookline-Compton Ridge and Osage Creek-Compton Ridge (the two western 
lines) and AECI could own Compton Ridge-Cox Creek (the eastern line). 
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The fact that revenues associated with transmission service requests can offset a significant 
portion of total project costs even at current transmission rates also suggests that estimates of the 
long-term present value of such wheeling revenues would need to be calculated.  Such estimates 
can be derived through a combination of approaches.  For example:  

 Starting with existing transmission service requests, experience-based “realization 
rates” could be derived to estimate how many of the submitted service requests will 
go forward at the standard (current of estimated future) wheeling rate.  One would 
also estimate how many of these services requests would be extended or replaced 
with others after their initial term.   

 The approximate magnitude and direction of TSRs can also be validated with 
historical market data.  For example, if export ATC between SPP and Entergy is 
limited as suggested in SPP’s TSR study and historical market prices show there 
would likely be significant trading opportunities (e.g., average annual/seasonal on-
peak/off-peak price spreads that exceed wheeling charges), then it would be 
reasonable to assume that incremental ATC would attract additional wheeling 
activity.  This analysis based on historical price differences could also be used to 
validate that the TSRs are consistent with economic opportunities. 

 Finally, the market simulations used to obtain estimates of adjusted production cost 
savings could be used to estimate changes in power transfers and associated wheeling 
revenues between and across individual regions.  As noted earlier, adjusted 
production costs will not capture such wheeling revenues because SPP exports are 
priced at the SPP-internal average generation LMP, which does not include any 
wheeling out charges.   

D. QUARRY PROJECT 

The Quarry Project was suggested by America Electric Power West (“AEPW”) as a candidate 
seams project with benefits to both SPP and Entergy.  The “Western Region” of Entergy (in 
which the proposed project would be located) is a load pocket with limited import capability 
(i.e., limited export capability from AEPW to Entergy) and a Local Area Procedure (“LAP”) on 
the Mt. Zion-Grimes 138kV transmission line for the loss of the Grimes-Bentwater 138 kV 
transmission line.  In SPP’s 2010 ICT Strategic Transmission Expansion Plan (“ISTEP”) as the 
Independent Coordinator of Transmission (“ICT”) for Entergy,147 SPP documented that the 
Western Region had 1,117 non-firm and 1,455 firm available flowgate capability (“AFC”) 

                                                 
147  SPP, 2010 ICT Strategic Transmission Expansion Plan (“ISTEP”), May 6, 2011, p. 31.   
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limiting events from January through September 2009, as shown in Figure 5 below.  Similarly, 
the Western Region experienced 5,952 MWh of non-firm transmission loading relief (“TLR”) 
curtailments during the same time.  All events and curtailments listed in Figure 5 for Western are 
associated with the Mt. Zion-Grimes limitation. 
 

Figure 5 
2010 ISTEP-Studied AFC Events and TLR Curtailments 

 
 

Source: SPP, 2010 ICT Strategic Transmission Expansion Plan, May 6, 2011, p. 31. 
 
The proposed Quarry Project consists of a new 8.5 mile 345 kV line from Quarry to Rivtin with 
a substation and transformer for a total estimated cost of $53 million.148  It would be wholly 
located within the Entergy’s Western Region footprint in eastern Texas.  Based on the 2010 
ISTEP analysis, the proposed project could provide annual APC savings throughout Entergy of 
$4 million, reduce congestion costs, and “levelize” LMPs in modeled year 2016.149  Other 

                                                 
148  Ibid., p. 23. 
149  Ibid., p. 24. 
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benefits mentioned in the ISTEP, but not monetized, include increased transfer capability within 
the load pocket of approximately 300 MW (with a greater increase if constructed in coordination 
with other projects), and potential reductions in the number of AFC events and TLR 
curtailments.150  Based solely on the APC savings, the project was estimated to yield a benefit-
cost ratio of 0.41.151  The left column of Figure 6 summarizes the major ISTEP findings.   
 
The center and right columns in Figure 6 illustrate hypothetically-assumed total benefits to 
Entergy and SPP.  For example, Entergy might consider APC savings as noted in the first light 
green box in the Entergy column.  Another possible benefit of the proposed Quarry Project might 
include avoiding the cost of a smaller project to remove the Grimes-Mt. Zion line from LAP, as 
shown in the second light green box in the Entergy column.  Indirectly, this may relate back to 
the 2010 ISTEP benefits (referred by the letters b, c, f, and g in grey boxes next to the light green 
illustrative Entergy benefits) by reducing congestion costs and congested hours across the 
Entergy footprint and specifically over Grimes-Mt. Zion.  Since Entergy’s Western Region is a 
load pocket, perhaps similar to the ALP, increasing Entergy’s ability to serve load at lower cost 
could also be viewed as a reliability benefit.  This may be related back to the 2010 STEP benefits 
noted in a, b, c, d, f, and g.  Lastly, the increase in capacity (grey box e under the 2010 ISTEP 
benefits) may help increase off-system sales from the load pocket or conversely help 
accommodate additional transmission service requests (“TSRs”).  These (hypothetical) Entergy 
benefits may be monetized and could be the first steps in considering cost allocation.  It is also 
worthwhile to note that the non-monetized benefit of increasing transfer capabilities as analyzed 
by ISTEP (grey benefit box e) can influence both monetized and non-monetized benefits for 
Entergy.  As in the ALP Project example, increasing access to load pockets also provides non-
monetized (or more difficult to monetize) operational and maintenance benefits, reliability 
benefits via reduced TLR curtailments, increased transmission revenues from decreased AFC 
events, and synergies with other projects.   
 
 

 

 

                                                 
150  Ibid., p. 22 and p. 31. 
151  2010 ISTEP provides production cost savings in year 2016 of $4 million versus a total capital cost of 

$53 million for a benefit-cost ratio of 0.41.  Based on these numbers, we infer that the carrying charge is 
$9.8 million. 
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Figure 6 
2010 ISTEP and Hypothetical Benefits of the Proposed Quarry Project 

 

Sources and Notes: SPP, 2010 ICT Strategic Transmission Expansion Plan (“ISTEP”), May 6, 2011 for 
ISTEP benefits; all other data are illustrative. 

a) $4 million in APC 
savings in 2016 

b) $11 million in 
congestion cost 
savings in Entergy 
in 2016  

c) $2.8 million in 
congestion cost 
savings over 
Grimes-Mt. Zion 
in 2016 

d) -$2.01/MWh in 
LMP levelization 

Increased load 
serving capability 
by reducing cost to 
serve load (pocket) 

APC savings 

Increase in off-
system sales and/or 
TSR revenue due to 
increased transfer 
capability 

Synergies with 
other Construction 
Plan projects 

Increase in TSR 
revenue due to 
increased transfer 
capability 

Synergies with 
other planned or 
proposed projects 

Monetary 

Non-
Monetary 

Benefits from ISTEP 
2010 Analysis 

Hypothetical 
Entergy Benefits

Hypothetical 
SPP Benefits 

Benefit: $4.0 million   $8.5 million     + $4.5 million 
  (APC only)            (65%)          (35%) 

Cost:  $9.8 million          $9.8 million 
B-C Ratio: 0.41      1.33 

e) Over 300 MW of 
additional transfer 
capability into 
load pocket 

f) 1,215 fewer 
congested hours in 
Entergy in 2016  

g) 786 fewer 
congested hours 
over Grimes-Mt-
Zion in 2016 

Reliability upgrades 
to remove Grimes-
Mt. Zion from LAP 

Increased 
operational and 
maintenance 
flexibility in load 
pocket

Decrease in AFC 
and TLR events 

b, 
c, 
f, 
g

a, b, 
c, d,
f, g 

e

e

b, c, 
e, f, 

g 

e

APC savingsa



 

77 

Potential benefits to SPP were not analyzed in the ISTEP but Figure 6 above provides some 
hypothetical monetary and non-monetary benefits as illustrated in the last column.  SPP also 
considers APC savings in its internal planning process and some may be attributable to the 
proposed Quarry Project.  However, the likely greatest benefit to SPP may be the ability to fulfill 
TSRs to Entergy and consequently increase wheeling revenues, which provide an offset.  Lastly, 
the non-monetary benefits to SPP may include synergies with other planned or proposed 
projects.     
 
At the bottom of Figure 6 we show the 2010 ISTEP benefit, cost, and the 0.41 benefit-cost ratio 
under the ISTEP benefits in the left column.  However, based on our hypothetical assumptions 
about other Entergy and SPP benefits, the combination of avoiding a smaller reliability upgrade, 
load serving savings, increased off-system sales, and additional TSR revenues (from both 
Entergy and SPP entities) produces a combined benefit of $13 million—65% of which accrues to 
Entergy and 35% of which accrues to SPP—and outweighs the estimated cost of $9.8 million.  
Based on these assumptions, the project would thus be cost effective for the combined Entergy-
SPP footprint.  While the benefits that Entergy may gain from its system (assumed to be 
$8.5 million) are not sufficient to offset Entergy’s total cost of $9.8 million, after allocating 35% 
of total project cost to SPP, both Entergy and SPP will realize a benefit-cost ratio of 1.33.   

 

XIII. CONCLUSIONS  

We identified a number of significant barriers to seams cost allocation, which stem from 
challenges in planning for seams projects, how entities consider projects and calculate benefits, 
and the lack of workable cost allocation principles, guidelines, and mechanisms.  We reviewed 
several approaches and developments that address these barriers, including the SPP's Draft Cost 

Allocation Principles for Seams Transmission Expansion Projects whitepaper, FERC’s 
Order 1000, experience with a recent seams project, and examples from RTO and non-RTO 
regions in the U.S. and Europe—which included cost allocation principles, seams planning, and 
benefit measurements as applied to a variety of project types including reliability, economic, and 
public policy upgrades.   

We found that a successful cost allocation framework requires well-specified benefit metrics and 
cost allocation principles, while allowing for flexibility to consider a wide range of different 
types of seams projects and seams entities.  Our review experience from other markets also 
strongly suggests that a seams cost allocation framework needs to designed as an integral part of 
the interregional planning process.   
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Our proposed framework leverages SPP’s existing JOAs with neighboring transmission entities 
as the starting point.  The framework includes seven required (and one optional) building block, 
which address seams planning, data requirements and exchanges, project proposal processes and 
qualification, evaluation criteria and benefit metrics, seams cost allocation principles and 
guidelines, payment mechanisms and transmission rights, integration with internal processes, and 
optional formulaic cost allocation methodologies that could be developed as more experience is 
gained with specific project types.  We applied the framework to proposed seams projects 
suggested by stakeholders to test its robustness in accommodating different types of projects 
with different benefits to both market and non-market entities.  The framework is also consistent 
with the experience gained in the planning and successful cost allocation for the Acadiana Load 
Pocket project, a case study of a multi-utility seams project which is currently under 
construction.  

In terms of next steps, we understand that SPP staff is actively working towards the Order 1000 
compliance deadline, which is April 11, 2013 for interregional planning and cost allocation.  We 
believe it is imperative that there be significant coordination between SPP and the RSC and hope 
that SPP and the RSC will be able to build on our proposed framework, including the straw man 
JOA language provided in Appendix C, to fully develop a robust interregional planning and cost 
allocation methodology that can be implemented through SPP’s ongoing coordination efforts 
with its neighbors.  We hope that this report can be used as the basis for this coordinated work to 
meet the Order 1000 mandate. 
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Overview of Final Report

 Our report is organized as follows:
Executive Summary
I. Background
II. Barriers to Interregional Planning and Cost Allocation 
III. Review of SPP’s Draft Seams Cost Allocation Whitepaper 
IV. Efforts at Interregional Planning and Cost Allocation Elsewhere 

• Summarizes 9 examples of successful or promising practices from RTO 
and non-RTO regions in the U.S. and Europe

• Examples address cost allocation principles, seams planning processes, 
and benefit measurements as applied to a variety of project types such as 
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reliability, economic, and public policy upgrades

V. FERC Order 1000 Requirements
VI. Framework for Interregional Planning and Cost Allocation

• Summarizes Acadiana Load Pocket “case study” and lessons learned as an 
example of successful multi-party seams cost allocation.  

• Presents our framework comprised of seven “building blocks”

Section VI: Framework for Interregional Planning & 
Cost Allocation

1. Regular interregional planning meetings

2. Regular exchange of planning data

Leverage existing JOAs 
and expand

3. Process to propose and analyze seams projects

4. Evaluation criteria and benefit metrics

5. Seams cost allocation principles and guidelines

6 Payment mechanisms and transmission rights

Building blocks most closely 
related to seams cost allocation: 
largely missing from or 
underspecified in current JOAs

Discussed in Sections VII 
through X of our report (see also 
Appendix to this presentation)
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7. Integration with internal planning and cost 
allocation

6. Payment mechanisms and transmission rights

Optional building block – may be added 
as experience is gained over time

OPTIONAL: Pre-specified formulaic evaluation and 
cost allocation methodology

Leverage existing JOAs 
and expand
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Overview of Final Report (cont’d)

 Sections VII through X present key cost allocation aspects 
of our proposed framework:

VII. Process to Propose and Analyze Seams Projects (B. Block No. 3) 
• Discusses process to unilaterally or jointly propose seams projects

VIII. Evaluation Criteria and Benefit Metrics (Building Block No. 4) 
• Presents benefit principles applicable to seams projects
• Specifies (required and optional) benefits and metrics to be used by each 

seams entity

IX. Seams Cost Allocation Principles and Guidelines (B. Block No. 5) 
• Presents cost allocation principles, including FERC Order 1000 principles

4

• Specifies cost allocation guidelines, including illustrative examples for how 
cost allocations may be implemented

X. Payment Mechanisms (Building Block No. 6) 
• Discusses payment mechanisms to implement cost allocations, including 

physical ownership and financial transfers 
• Recommends awarding transmission rights consistent with cost allocation

Overview of Final Report (cont’d)

 The remainder of the report is organized as follows:
XI. Optional Building Block: Pre-Specified Formulaic Evaluation and 
Cost Allocation  

• Provides for optional formulaic approaches once experience with specific 
types of seams projects is gained (e.g., similar to PJM-MISO cross border 
reliability and market efficiency cost allocation). 

XII. Case Studies: Qualitative Application of Framework to Candidate 
Seams Projects 

• Illustrative application of the proposed framework to three seams projects: 
ALP, Branson Area Project (with AECI), and Quarry Project (with ETR).

5

XIII. Conclusions (including next steps)

Appendices
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Overview of Final Report (cont’d)

 The appendices to our report include:
Appendix A – Copy of the SPP RSC Draft Cost Allocation Principles for Seams 
Transmission Expansion Projects (“Draft Seams Cost Allocation Whitepaper”)

Appendix B – Copies of key documents on interregional cost allocation and 
seams issues in other markets

Appendix C – Provides illustrative tariff language for interregional planning and 
cost allocation provisions in SPP’s existing JOAs 

C1. Illustrative redline of Article VII of JOA (Coordinated Interregional 
Transmission Planning and Cost Allocation)

C2. Illustrative JOA inserts for evaluation criteria and benefit metrics           
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(BB No. 4), seams cost allocation principles and guidelines (BB No. 5) and 
payment mechanisms and transmission rights (BB No. 6)

Appendix D – Summary of five candidate seams projects suggested by 
stakeholders (three of which were chosen as illustrative case studies)

Implementation of Proposed Framework

 With some modifications, clarifications, and expansion, the existing 
JOAs can serve as a foundation to implement Building Blocks Nos. 1, 
2, and 7 of the proposed interregional planning and cost allocation 
framework. (See Appendix C1 for illustrative tariff language)( pp g g )

1. Regular interregional 
planning meetings

Existing To add
Regular meetings to develop 
Joint and Coordinated 
System Plan

More explicit state regulatory 
involvement, perhaps via IPSAC

Detailed data list exists Jointly develop and validate load 
flow and other planning models for 
combined footprint

2. Regular exchange of 
planning data

7

Each party is required to 
conduct regional planning 
and notify the seams 
neighbor of any approved
local and regional upgrade
and TSRs and GI requests 

Include public policy requirements; 
validate consistency in modeling 
assumptions; specify how seams 
projects can be proposed; consider 
synergies with transmission 
service and generation 
interconnection requests

7. Integration with internal 
planning and cost 
allocation
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Implementation of Proposed Framework

 Need to add Building Blocks Nos. 3, 4, 5, and 6 as they are most 
closely related to seams allocation but either missing or largely 
unspecified in the current JOAs.  (See Appendix C for illustrative tariff 
language)language)

3. Process to propose and 
analyze seams projects

4. Evaluation criteria and benefit 
metrics

5. Seams cost allocation 

Existing To add
Focused on projects that 
are identified in Joint & 
Coordinated System Plan

Add project qualification criteria 
and more flexible process with 
commitment to jointly analyze 

Broad reliability and 
economic considerations

Add new section on internally-
used plus seams-specific benefits 
and metrics

Case by case review Add new section

8

principles and guidelines

6. Payment mechanisms and 
transmission rights

OPTIONAL: Pre-specified 
formulaic evaluation and cost 
allocation methodology

Case-by-case review Add new section 

Does not exist Add new section

Does not exist Possibly add new section if 
parties can agree to formulaic 
methodology

Required and Optional Provisions of Framework

 The proposed framework attempts to balance (1) the need for 
flexibility in the evaluation and cost allocation of seams projects 
with (2) the need for actionable methodology based on clearly-
identified transparent principles and metrics:identified, transparent principles and metrics:

♦ Specifies requirements for key elements, such as:
• Regular planning meetings with state regulatory involvement
• Jointly developed and validated planning models for combined footprint
• Pre-specified seams project proposal and evaluation process
• Pre-specified benefit and cost allocation principles
• Each entity is required to consider all benefits and metrics used internally

Recognition that seams projects offer unique benefits (such as

9

■ Recognition that seams projects offer unique benefits (such as 
wheeling out revenue and the avoided costs of internal projects)

■ Share of benefits and allocated cost must meet internal B/C criteria
• Pre-specified options to derive and implement cost allocations
• Integration with each seams entity’s internal planning and cost allocation 

processes
• Must meet or exceed interregional requirements of Order 1000
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Required and Optional Provisions of Framework (cont’d)

Balancing flexibility  with specificity needed to be 
actionable (cont’d)

♦ The framework also provides for flexibility as to:
• The type of seams neighbors (RTOs, non-RTO, non-jurisdictional)
• Different types and combinations of seams projects
• The type and combination of benefits that may accrue differently to the 

seam neighbors 
• Joint or unilateral proposal of seams projects
• Seams entities’ ability to use different sets of benefits and metrics, 

consistent with their internal project evaluation processes

10

• Optional consideration of additional benefits (e.g., based on experience 
gained in the evaluation of seams projects)

• Alternative mechanisms to derive cost allocation shares
• Alternative payment mechanisms to implement cost allocation
• The option to add formulaic evaluation and cost allocation provisions for 

specific types of seams projects over time

Conclusions and Next Steps

 Conclusions
♦ The proposed framework is based on reviews of: barriers to seams planning 

and cost allocation, SPP’s ongoing efforts, FERC Order 1000 requirements, 
project case studies, and experiences from other U.S. and European marketsproject case studies, and experiences from other U.S. and European markets

• The framework was validated by qualitatively “testing” it on the Acadiana
Load Pocket Project, the Branson Area Project, and the Quarry Project

♦ We believe it strikes the proper balance between (1) a methodology that is 
sufficiently well-specified to be actionable and (2) the flexibility needed for 
successful application to a wide range of seams projects and seams entities

 Next Steps
♦ SPP and the SPP RSC will convene a task force to work on implementing 

11

p g
interregional planning and cost allocation provisions of Order 1000

♦ We believe it is imperative that there be significant coordination between SPP 
and the RSC

♦ We hope that SPP and the RSC will be able to build on our proposed framework 
(including illustrative JOA language) as the basis for coordinated work to 
implement Order 1000 requirements
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Appendix:  

Summary of Key Seams Cost 
Allocation Building Blocks

12

Building Block No. 3

Process to Propose and Analyze Seams Projects
♦ As long as the proposed seams project addresses both seams entities’ 

transmission needs and offers benefits to both, the project could be:
• A single line or several lines that are logically grouped together
• Crossing seam or (unlike Order 1000) be wholly within one entity’s footprintg ( ) y y p

♦ No threshold such as voltage class, total cost, or total benefits 
• Some “small” projects may offer substantial benefits

♦ Projects can be proposed unilaterally and must include:
• A detailed description of the project 
• A qualitative discussion of the project’s purpose and benefits to both 

neighbors (which could differ on either side of the seam)
• Preliminary analyses (e.g., power flow studies) of the project’s benefits to 

both entities documenting results assumptions and data consistent with

13

both entities … documenting results, assumptions, and data consistent with 
the planning methods and metrics of each entity as specified in the 
agreement

• A proposed preliminary cost allocation consistent with specified cost 
allocation principles and benefits identified in screening analyses

♦ Seams entities can agree to jointly propose any seams project(s) 
♦ Seams entities committed to jointly analyze any proposed project(s)
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Building Block No. 4

Evaluation Criteria and Benefit Metrics
 Interregional cost allocation (e.g., as would be specified in the JOA) 
should be based on a set of guiding principles such as:

♦ Recognition that seams projects may offer combinations of different types of 
benefits and entirely different sets of benefits may accrue to each entity;benefits and entirely different sets of benefits may accrue to each entity;

♦ Benefits and metrics used for the evaluation of seams projects by each entity 
will include all benefits and metrics considered in each entity’s internal (local 
and regional) transmission planning process;  

♦ Each entity shall have the option, but not the obligation, to consider some or all 
of the benefits and metrics used by the other entity;  

♦ Seams projects can offer unique benefits beyond those currently considered in 
either entity’s internal transmission planning process; 
Additi l b fit b d l d d d t d i i
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♦ Additional benefits can be developed and documented as more experience is 
gained;

♦ Seams projects may serve to avoid or delay the cost of (1) transmission projects 
in existing regional and local transmission plans; (2) transmission upgrades that 
may be needed in the future to meet local or regional needs; and (3) 
transmission upgrades needed to satisfy GI and TSRs.

Building Block No. 4
Benefit Metrics: SPP

 Evaluation criteria and benefit metrics applied to seams projects 
should include, at minimum, internally-considered criteria and metrics.  
Some of SPP’s defined benefits and metrics include:

SPP Internally Used Benefits Quantitative / Qualitative Metrics

Adjusted production cost savings Monetized through PROMOD simulations 

Ability to replace or delay previously 
approved projects

Monetized as the avoided cost of previously 
approved projects

Energy value of reduced transmission 
losses

Monetized based on quantification through power 
flow simulations

15

Capacity value of reduced 
transmission losses

Monetized as avoided capacity

Value of improved ATC Quantified as incremental capacity (MW)

Additional robustness metrics As specified 
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Building Block No. 4
Benefit Metrics: Non-RTO Neighbor Example

 For non-RTO regions, evaluation criteria and benefits metrics may be 
less formulaic or clearly stated.  We provide as an illustrative example
below, benefits and metrics based on our interpretation of Western 
Area Power Administration’s 2011 Strategic Plan.g

Illustrative Internally-Used Benefits Quantitative / Qualitative Metrics

Avoid reliability violations Quantified as number/duration of violations and 
monetized as avoided cost of regional/local upgrade

Reduce frequency and cost of supply 
interruptions during low-hydro years

Quantified as number/duration of likely events and 
monetized as cost of interruptions or replacement power

Reduce dispatch of high-cost generation 
needed to serve load in presence of internal

Monetized as reduced generation and emission costs

16

needed to serve load in presence of internal 
transmission congestion or import constraints

Avoid cost of local transmission upgrades 
needed to support load growth

Monetized as avoided cost of regional/local upgrade

Reduced transmission losses Monetized as energy and on-peak capacity savings

Increase ATC (and off-system sales) Monetized as incremental off-system sales profits and/or 
transmission rights

Building Block No. 4
Benefit Metrics: Additional Benefits of Seams Projects

 In addition to internally-considered benefits and metrics, there are 
benefits and metrics that are unique to seams projects. 

♦ We propose that the seams entities consider including at minimum the seams-
ifi i li d b l i h l ispecific metrics listed below in the evaluation process

Seams-Specific Benefits Quantitative / Qualitative Metrics

Incremental wheeling through and out 
revenues

Estimates of additional wheeling volumes may be 
derived from transmission service requests and
PROMOD modeling

Benefits from increased reserve 
sharing capability

Quantified as a reduction in MW of reserve 
capacity

17

♦ Additional benefits and metrics can be considered on a project-specific basis 
upon mutual agreement of the seams entities
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Building Block No. 5

Seams Cost Allocation Principles and Guidelines
 The agreement would specify the “general cost allocation principles” 
that will be applied to seams projects, such as:

♦ Cost allocated should be at least roughly commensurate with total benefits to 
each entity; neither seams entity shall be allocated cost without receiving y; y g
benefits

♦ Cost allocation methodologies and identification of benefits and beneficiaries 
must be transparent

♦ Different cost allocation methods may be applied to different types or different 
portions of transmission facilities (e.g., transmission needs driven by reliability, 
economic, or public policy requirements)

♦ The seams entities will quantify and, if possible, monetize benefits; but they will 
also recognize non-monetized and non-quantified benefits in assessing overall 

bl f d t ll ti
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reasonableness of proposed cost allocations
♦ Monetized reliability, load serving, or public policy benefits will be at least equal 

to the avoided cost of achieving the same benefit through local or regional 
upgrades

♦ If minimum benefit-to-cost thresholds are utilized, they should not exceed 1.25
♦ The share of benefits to each seams entity should be sufficient to support the 

seams projects’ approval through each entity’s internal planning process

Building Block No. 5

Seams Cost Allocation Principles and Guidelines

 The agreement would also pre-specify flexible cost allocation 
mechanisms.  For example, it may specify that cost allocation to each 
entity should be based on one or a combination of:

♦ The share of seams projects’ total benefits received by each entity as a 
proportion of the sum of the entities’ total benefits received (consistent with 
specified principles and metrics)

♦ If shares are reasonably proxies for received benefits or roughly proportionate 
to benefits received, cost allocation can also be based on:

• The share of seams projects’ physical location in each Party’s footprint 
(e.g., shares of circuit miles or investment dollars)

19

• The share of each entity’s relative contribution to the need for a project 
(e.g., power flows that contribute to a reliability-driven upgrade)

• The share of each entity’s projected or allocated usage of the seams 
projects’ transmission capability (e.g., shares of increased flow-gate 
capacity)
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Building Block No. 6

Payment Mechanisms
 Once a reasonable cost allocation has been determined, the cost 
allocation shall be implemented consistent with following principles:

♦ To the extent feasible, cost allocation shall be implemented through either 
• Physical ownership of individual segments of a project by the seamsPhysical ownership of individual segments of a project by the seams 

entities or their transmission owners such that the cost of each owned 
portion is consistent with the determined cost allocation; or 

• Co-ownership of the project (or individual segments) where the project (or 
segment) cannot be divided into fully-owned segments or if a proposed 
project (or segment) is entirely within the service territory of one of the 
seams entities

♦ Where ownership allocation is not feasible, cost allocation should be 
implemented through payments (from one entity to the other) that correspond to 
th bt i d h i l fi i l i ht t th j t ’ t i i bilit
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the obtained physical or financial rights to the projects’ transmission capability
♦ Each entity will recover allocated costs consistent with cost recovery of local 

and regional projects within its footprint
 Provision of transmission rights:

♦ To the extent feasible and practical, an entity sharing the cost of seams projects 
should receive a physical or financial right for a commensurate share of the 
projects’ capability (e.g., a share of increased ATC or flow-gate capacity)

Optional Building Block

Pre-specified Formulaic Options
 As more experience with the cost allocation of seams projects is 
gained, the seams entities may pre-specify cost allocation options.  

♦ These pre-specified formulaic cost allocations would be based on (i) 
specific metrics for the evaluation of the seams project and (ii) a pre-p p j ( ) p
specified cost allocation methodology that formulaically relies on these 
benefits and metrics

• Entities that already use similar pre-specified metrics (e.g., use of APC in 
SPP and MISO) would be more likely to adopt this approach

• Examples: PJM-MISO interregional evaluation and cost allocation process 
for reliability and economic projects

• A less formulaic option (e.g., in an agreement between SPP and AECI) 
might include a cost allocation in proportion to each entity’s avoided costs 

21

g y
of implementing their own alternative solutions to the identified reliability 
problems

♦ Different formulas can be applied to specific project types (e.g., reliability, 
economic, public policy, multi-value)

 Projects that do not fit the pre-specified options would be considered 
under the general cost allocation principles 
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Integrated Marketplace Recent Successes 

• Pre-populated MP registration packets sent out
• TCR mock auctions #2 started
• Initial Balancing Authority Emergency Ops 

procedures developed
• Training on schedule with high engagement
• Vendor API specs – late with minimal impact
• Completed initial Market Participant 

Engagement Approach
• Vendor software development progressing 

(sample screen shots attached)
3



Status of Integrated Marketplace Tariff 
Revisions

• Tariff Revisions were filed on time February 29, 2012 
(ER12‐1179)

• Interventions and protests filed

• SPP Staff currently working on responses to protests to 
be filed in the next few weeks
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Integrated Marketplace Update 

• Program completed majority of design and 
identified projected needs in January

• Completed gap analysis of initial program 
projections with current program projections 
based on final designs 
– made appropriate adjustments

• Updated estimates of project health through go 
live with areas of concern noted

5



Program Status Change in February

Our Program management approach is to be 
conservative and get any concerns out early

• End of January, analyzed scenarios to 
complete required testing and market trials and 
trending of work stream slippage

• Decision made to change status to 
– Yellow is defined as concerned about meeting a key 

milestone on the date assigned
• Provides transparency and stakeholder 

involvement in solutions

6



Program Status Change in February

• Precautionary as we work through concern 
areas

• Provide focus on evaluation of actions 
necessary to maintain program targets

• Areas of concern
– Potentially significant overlap between end of testing 

and scheduled beginning of market trials
– Post Operations-Pre Settlements 
– System interface complexities

7



Assessment of Actions to Mitigate Impacts

• Focusing resources on the more critical work 
and optimizing time

• Scheduling highly focused “sprints” to 
accomplish tasks sooner

• Reexamining program scope and eliminating 
work that isn’t absolutely necessary

• Completing assessment of implementation 
impacts based on available mitigation steps
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Market Participant Engagement Reporting

• Monitor and report on Market Participant activities leading up to 
major program milestones such as the start of Market Trials 
Connectivity Testing and Market Trials Structured/Unstructured 
Testing

• Bridge gap between the Participant Mobilization Metrics and 
reporting on full set Integrated Marketplace Readiness Metrics

9



Participant Engagement Activities
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Date Participant Activity Data Source

April 30, 2012 • Participant Design Underway MP

May 31, 2012 • Technical Specifications Reviewed (Markets, Settlements, TCR) MP

June 1, 2012 • Registration Packet Returned SPP

June 29, 2012 • Participant Design Complete MP

Aug 31, 2012 • Complete Participation in TCR Mock Phase 2 SPP

Aug 31, 2012 • Participant System Build Underway MP

Sept 30, 2012 • MP Approach Completed for TCR Market Trials MP

Sept 30, 2012 • Participant Interface (MP to SPP) Build Complete MP

Oct 1, 2012 • MP/TO Training on MCST Tool Complete SPP

Oct 31, 2012 • MP/TO Testing with the MCST tool SPP

Oct 31, 2012 • MP Approach Completed for Market Trials Connectivity Testing MP

Nov 30, 2012 • TCR Market Trials Resources Trained MP
Continued on next slide



Participant Engagement Activities
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Date Participant Activity Data Source

Dec 2012 (tbd) • Begin using MCST for Model Change Submissions SPP

Dec 28, 2012 • Participant System Build Complete  MP

Dec 28, 2012 • Participant Interface (MP‐SPP) Testing Complete MP

Jan 31, 2013 • Participant System Testing Underway MP

Jan 2013 (tbd) • Market Trials Connectivity Test Scheduled (date pending 
completion of Market Trials Connectivity Approach)

SPP

Feb 28, 2013 • MP Approach Completed for Market Trials 
Structured/Unstructured Test

MP

Mar 30, 2013 • Participant System Testing Complete MP

Apr 30, 2013 • Market Trials Structured/Unstructured Resources Trained MP

May 14, 2013 • Participant System Internal Integration Testing Complete MP

May 17, 2013 • Market Trials Connectivity Testing Complete MP



Participant Engagement Reporting Timeline
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Dates are tentative and to indicate the intended timeframes

Executive Sponsors (or MOPC Reps) will be 
contacts for MP escalation points



Market Participant Milestones
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Sample: Input – Constraints
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Sample: Day‐Ahead Market Screens – Resource 
Pricing
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Sample: RTBM – Dashboard  
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Integrated Marketplace Program Scorecard
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Exams 
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Marketplace Program Financial Health (000s) Executive Summary

Project‐to‐Date Spend 2012 Budget 2012 Forecast 2012 Variance Pro ct‐at‐Completion Activit Statusy

Market 38,601 46,403 50,365 ‐3,962 102,973 SPP Marketplace Program Status Y Resource plan being validated;

CBA 1,378 3,414 2,274 1,140 3,538 SPP Internal Readiness G Business unit liaisons identified;

Total 39,979 49,817 52,639 ‐2,822 106,511
SPP Marketplace Program Readiness Y Assessing impact of build

Market Participant Readiness G Assessing Mobilizaion Survey

Market Participant Mobilization Metrics 2011 ‐ 2012 SPP Training Metrics

Criteria
All*
%

EIS MP
%

s EIS BAs
%

EIS TOs
%

Requested/Su
ggested  End 

Date Comments Course Sessions Complete
Total Num

Attend
ber  of 
ees EIS MPs Represented

MPs that                 responded to one or more of the Moblization Surveys 63.8% 88.6% 100.0% 93.8% 2‐Dec‐11

81.3% 31‐Dec‐11

Data base
from Mar

Integrated  on          Marketplace final mobilization survey responses Introduction Training (Participant) 6 of 6 730 n/a n/a n/a Self‐study available via LMSn/a

MPs with a           program organization for the IM effort 48.3% 62.9% 93.8% Integrated 
 2012   

Marketplace 
unless noted.

Overview (Internal) 6 of 6 367 n/a 315 52n/a

MPs with     executive level sponsorship 33^ 75.8% 87.5% 87.5% 31‐Dec‐11 Based on named         sponsors as of 4/10/12. Integrated Marketplace Overview (Participant) 6 of 6 1394 34 1009 29427

MPs with a       Change Working Group representative 60^ 94.3% 100.0% 100.0% 15‐Jul‐11 Based on CWG         data as of 4/10/12. Preparing for TCR Mock Auction (Participant) 5 of 5 338 28 242 8428

MPs with        ‐  designated liaisons for MP facing workstreams: ‐ ‐ ‐ ‐ ‐

68.8% 21‐Oct‐11

Based on
workstream

Markets 52^ 88.6% 93.8% 93.8% 21‐Oct‐11
 as of 4/10/12.

Consolidated   Balancing Authority 46^ 80.0% 93.8% 93.8% 21‐Oct‐11

Transmission   Congestion Rights 68^ 94.3% 100.0% 100.0% 1‐Sep‐11

Settlements 61^ 94.3% 93.8% 93.8% 21‐Oct‐11

Registration 154^ 100.0% 100.0% 100.0% 21‐Oct‐11

Testing & Requirements 43^ 68.6% 68.8%

not based on the survey

Training‐Participant 47^ 80.0% 93.8% 93.8% 21‐Oct‐11

Market Trials 46^ 77.1% 87.5% 87.5% 21‐Oct‐11

Regulatory & Tariff 47^ 80.0% 93.8% 93.8% 21‐Oct‐11

Readiness & Metrics 47^ 80.0% 93.8% 93.8% 21‐Oct‐11

Legacy Applications 47^ 80.0% 93.8% 93.8% 21‐Oct‐11

MPs that have       reviewed the IM milestones 78.3% 85.7% 93.8% 81.3% 30‐Nov‐11

MPs that have   a      ‐     ‐started gap analysis (as is vs. to be) 41.7% 51.4% 75.0% 68.8% 31‐Dec‐11

MPs with               budget allocated for the IM efforts in 2012 36.7% 45.7% 62.5% 62.5% 31‐Dec‐11

MP confidence             1‐level in meeting IM milestones (range: 10) 6.9 7.4 7.1 6.5 n/a Based on a scale of 1 to 10

*All = Current MPs and Potential MPs that responded to the Mobilization Survey, ^ = Numerical data, not %,  provided for these data points as they are

Marketplace Program Workstream Health Marketplace Program Critical Path Milestones

Workstream Status Title % Complete Baseline End
Integrated Marketplace Program Y Assessing impact of build delivery dates and MWG Approval of Final Markettest completion dates  Protocols 100% 13‐Dec‐10

     Markets G Monitoring Alstom DDN and FAT delivery  Business Process Design Complete 100% 17‐Dec‐10

     Consolidated Balancing Authority (CBA) G Monitoring  CFR approval CBA Operations Manual Complete 100% 31‐Dec‐10

     Energy Management System (EMS) G Monitoring EMS/RTGEN timeline MOPC Approval of Final Market Protocols 100% 12‐Jan‐11

     Transmission Congestion Rights (TCR) Y Assessing vendor development delays Market Requirements Phase 1 Gathering Complete 100% 31‐Mar‐11

     Settlements G Monitoring Settlements design deliverable  Analyze Phase Complete Markets, TCRs 100% 31‐Mar‐11

     Registrationg G Monitoring schedule for Network and Commercial Models Board Approval of Implementapp tion Budgetg 100% 26‐Apr‐11p

     Credit & Risk Management G Monitoring CMS development effort Execution of Vendor Statements of Work 100% 31‐May‐11

     Requirements & Test Management G Monitoring EMS SAT execution & Market Sy Approve Internal, External, Optems FAT/SAT preparation erations Training Plan 100% 23‐Jun‐11

     Technical Architecture & Design G Assessing scope of Operations and Deploym Technical Architecture Specificnt Architecture deliverables ations ‐ Applications ‐ Q2‐11 100% 30‐Jun‐11

     Integration Services Y Finalizing Build schedule with input from all Workstreams Technical Architecture Specifications ‐ Integration 100% 30‐Jun‐11

     IT Infrastructure G Focusing on filling gaps in IT infrastructure  Conduct Readiness Impact Assessment Kick‐off 100% 18‐Jul‐11

     BI Reporting Y Monitoring reporting dependencies and res Credit & Risk Management Deurce constraints sign Approved 100% 8‐Aug‐11

     Legacy Applications G Monitoring key business decisions that imp CPWG Finalize Formulationst Legacy Application designs 100% 30‐Aug‐11

     Portal Y Revisiting project workplan and resource al cation Market Requirements Phase 2 Gathering Complete 100% 30‐Aug‐11

     Stakeholder Communications G Executing internal and external communica Initial Settlements Test Data on processes Delivered to Alstom for FAT 100% 8‐Sep‐11

     Market Readiness & Metrics G Focusing on internal and external engagem Complete Readiness Impact Ast and mobilization sessment 100% 28‐Oct‐11

     Market Participant Training G Monitoring availability of environments/sys Approve Training Curriculums m for training (Internal, External, Ops) 100% 31‐Oct‐11

     SPP Internal Training G Monitoring availability of environments/sys m for training Approve Readiness Approach * 100% 30‐Nov‐11

     SPP Operations Training G Monitoring availability of environments/sys Grandfathered Agreements m for training Inventory Complete * 100% 30‐Dec‐11

     Regulatory, Tariff & Compliance G Monitoring MPRRs with potential Tariff imp All Vendor API Specifications ct Released to Market Participants * 100% 1‐Jan‐12

     System Integration Test (SIT)
Y Assessing impact of anticipated test volume

complete on time
Completion of Markets DDNs 

 and resource capacity on ability to 
Through 1st Draft of Software Design Chapter 50% 31‐May‐12

     Functional Integration Test (FIT)
Y Assessing impact of anticipated test volume

complete on time
 and resource capacity on ability to 

TCR FAT Complete 0% 29‐Jun‐12

     Performance Test Test planning in progress; activating in Q3  Conditional FERC Order on Initial Tariff/Credit Policy Implementation Filing * 0% 31‐Jul‐12

     Market Trials Inactive Markets FAT Complete 0% 16‐Nov‐12

Initial SPP Membership Agreement Submitted to FERC * 0% 3‐Dec‐12

Marketplace Program Key Activities
Final FERC Approval Order Received for Initial Tariff/Credit Implementation * 0% 31‐Dec‐12

Build/FAT End * 0% 31‐Dec‐12

Quarterly Accomplishments Quarterly Plans Market Trials: Connectivity Testing Begins * 0% 7‐Jan‐13

1) Finalized Release and Integration Strategy
2) Delivered vendor API specifications to Market Participants
3) Finalized Participant Engagement Reporting Approach
4) Provided pre‐filled Registration Packets to Market Participants
5) Released Settlements WSDL/Data Exchange Guide to the Members
6) Published 1st draft of Emergency Operations Procedures
7) Continued TCR Mock Auction #1
8) Started TCR Mock Auction #2
9) Completed development of RTGEN
10) Delivered "Preparing for Mock Auction" and "Level 1 Market Overvie
courses to Market Participants
11) Received RTWG approval of 2 TRRs with Tariff implications
12) Continued development of iHEDGE and OASIS Transfer Tool
13) Continued EMS 2.5 Site Acceptance Test execution

1) Complete TCR Mock Auction #1
2) Monitor feedback from initial FERC filing
3) Publish TCR Data Exchange Guide/WSDLs to Members
4) Validate Marketplace resource plans against integration bu
5) Obtain CBASC approval of Emergency Operations Manual
6) Submit Supplemental Integrated Marketplace Filing to FERC
7) Begin development of Emergency Energy Agreement and 
8) Begin Seams Agreement modifications
9) Receive completed Registration Packets from Market Partic
10) Level 2 TCR Outreach (June 2012)

Sandbox Ready for Members * 0% 31‐Jan‐13

Market Trials: Structured Testing  Begins (Members Connected) * 0% 3‐Jun‐13

 and test efforts Final FERC Approval Order Received  for Membership Agreement and  CBA *   0% 14‐Jun‐13

Market Trials: Structured Testing  Completed * 0% 4‐Oct‐13

 Sharing Agreement
TCR Market Trials with Members Complete * 0% 15‐Oct‐13

TCR Go Live * 0% 28‐Oct‐13
ants (June 2012)  Market Trials: Unstructured Testing Complete * 0% 1‐Nov‐13

Readiness Certification Filing Submitted * 0% 2‐Jan‐14

Reversion Filing Submitted * 0% 2‐Jan‐14

Market Trials: Parallel Operations Complete * 0% 31‐Jan‐14

Markets Cut‐over Complete 0% 28‐Feb‐14

Integrated Marketplace Go‐Live * 0% 1‐Mar‐14

* Member milestones
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Integrated Marketplace Recent Successes 

• Pre-populated MP registration packets sent out
• TCR mock auctions #2 started
• Initial Balancing Authority Emergency Ops 

procedures developed
• Training on schedule with high engagement
• Vendor API specs – late with minimal impact
• Completed initial Market Participant 

Engagement Approach
• Vendor software development progressing 

(sample screen shots attached)
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Status of Integrated Marketplace Tariff 
Revisions

• Tariff Revisions were filed on time February 29, 2012 
(ER12‐1179)

• Interventions and protests filed

• SPP Staff currently working on responses to protests to 
be filed in the next few weeks
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Integrated Marketplace Update 

• Program completed majority of design and 
identified projected needs in January

• Completed gap analysis of initial program 
projections with current program projections 
based on final designs 
– made appropriate adjustments

• Updated estimates of project health through go 
live with areas of concern noted
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Program Status Change in February

Our Program management approach is to be 
conservative and get any concerns out early

• End of January, analyzed scenarios to 
complete required testing and market trials and 
trending of work stream slippage

• Decision made to change status to 
– Yellow is defined as concerned about meeting a key 

milestone on the date assigned
• Provides transparency and stakeholder 

involvement in solutions
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Program Status Change in February

• Precautionary as we work through concern 
areas

• Provide focus on evaluation of actions 
necessary to maintain program targets

• Areas of concern
– Potentially significant overlap between end of testing 

and scheduled beginning of market trials
– Post Operations-Pre Settlements 
– System interface complexities
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Assessment of Actions to Mitigate Impacts

• Focusing resources on the more critical work 
and optimizing time

• Scheduling highly focused “sprints” to 
accomplish tasks sooner

• Reexamining program scope and eliminating 
work that isn’t absolutely necessary

• Completing assessment of implementation 
impacts based on available mitigation steps
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Market Participant Engagement Reporting

• Monitor and report on Market Participant activities leading up to 
major program milestones such as the start of Market Trials 
Connectivity Testing and Market Trials Structured/Unstructured 
Testing

• Bridge gap between the Participant Mobilization Metrics and 
reporting on full set Integrated Marketplace Readiness Metrics
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Participant Engagement Activities
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Date Participant Activity Data Source

April 30, 2012 • Participant Design Underway MP

May 31, 2012 • Technical Specifications Reviewed (Markets, Settlements, TCR) MP

June 1, 2012 • Registration Packet Returned SPP

June 29, 2012 • Participant Design Complete MP

Aug 31, 2012 • Complete Participation in TCR Mock Phase 2 SPP

Aug 31, 2012 • Participant System Build Underway MP

Sept 30, 2012 • MP Approach Completed for TCR Market Trials MP

Sept 30, 2012 • Participant Interface (MP to SPP) Build Complete MP

Oct 1, 2012 • MP/TO Training on MCST Tool Complete SPP

Oct 31, 2012 • MP/TO Testing with the MCST tool SPP

Oct 31, 2012 • MP Approach Completed for Market Trials Connectivity Testing MP

Nov 30, 2012 • TCR Market Trials Resources Trained MP
Continued on next slide



Participant Engagement Activities
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Date Participant Activity Data Source

Dec 2012 (tbd) • Begin using MCST for Model Change Submissions SPP

Dec 28, 2012 • Participant System Build Complete  MP

Dec 28, 2012 • Participant Interface (MP‐SPP) Testing Complete MP

Jan 31, 2013 • Participant System Testing Underway MP

Jan 2013 (tbd) • Market Trials Connectivity Test Scheduled (date pending 
completion of Market Trials Connectivity Approach)

SPP

Feb 28, 2013 • MP Approach Completed for Market Trials 
Structured/Unstructured Test

MP

Mar 30, 2013 • Participant System Testing Complete MP

Apr 30, 2013 • Market Trials Structured/Unstructured Resources Trained MP

May 14, 2013 • Participant System Internal Integration Testing Complete MP

May 17, 2013 • Market Trials Connectivity Testing Complete MP



Participant Engagement Reporting Timeline
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Dates are tentative and to indicate the intended timeframes

Executive Sponsors (or MOPC Reps) will be 
contacts for MP escalation points



Market Participant Milestones
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Sample: Input – Constraints
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Sample: Day‐Ahead Market Screens – Resource 
Pricing
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Sample: RTBM – Dashboard  
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SPP EPA Impact 
Assessment 

Regional State Committee
April, 2012

Michael Desselle
mdesselle@spp.org

Outline

• Contextual Overview

• Assessment Process

• Key Data: MW, Generation, and Margin

2
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Contextual Review

• SPC directed SPP to perform an impact assessment 
regarding member plans for compliance

– This assessment is for the reliability impacts of the Cross 
State Air Pollution Rule (CSAPR) and Mercury and Air 
Toxics Standards (MATS)

– Assessing EPA Rules against meeting the reliability 
criteria

l d f l i h– SPP completed a survey of plans, generation changes, 
retrofits, and retirements and modeled those plans

3

Contextual Review
• Key Considerations

– Information has not been vetted through standard 
model development processes for its utilized purposep p p p

– Dispatch was developed by stakeholders, and not a 
Security Constrained Economic Dispatch

– This assessment should not be utilized to determine 
need for additional transmission or generation or relied 
upon as conclusive regarding all impacts to the SPP 

iregion

– Off peak models were developed based on winter peak 
models

– System dynamics were not evaluated

4
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Assessment Process

• Initial teleconference was held on January 20th 2012

– Members and SPP agreed to study the following yearsg y g y

2013 to determine immediate CSAPR impacts

2014 to determine impacts from the MATS outages

2015 to determine CSAPR and MATS impacts and determine 
what resources would be lost or might need extensions 
through 2016

2011 Model Build 2 Scenario 0 would act as the baseline– 2011 Model Build 2 Scenario 0 would act as the baseline 
for comparison

• Scenarios for each year were developed

5

Assessment Process ‐ Scenarios

Year Reliability Scenario A Reliability Scenario B
Adequacy 
Assessment

13

CSAPR rules are implemented 
in April 2012 with allowances 

CSAPR rules are implemented 
April 2012 with state caps on 

Yes

20
1 p

available, no penalties 
exceeding CSAPR state caps

p p
the allowance and variability 
limit in place

20
14

None None Yes

MATS rule is in place, and  MATS rule is in place and  Yes

6

20
15

these are expected plans estimated impact regarding 
uncertainty of unit availability
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Assessment Process (cont.)

• Members reviewed an initial survey draft and 
provided feedback

• Confidential Impact Assessment Survey was updated

– Included projected load

– Fields were provided for outages, imports, and exports

7

Assessment Process (cont.)

• SPP adjusted generation in the models to reflect the 
survey responses

• Where members had an inadequate amount of 
generation follow ups were conducted to determine if 
other generation was available.

• Individual BAs imported when there was insufficient 
generation to meet those loads

• Powerflow analysis was conducted to determine  the 
system intact and N‐1 impacts

8
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Results Generation Changes in MWs

2013 2015

Retire/Mothball 330 914

Derate 0 60

Revise Dispatch 3,480 4,075

9

Retrofit 6,859 10,080

Planning Criteria Potential Issues

2013 2015

Scenario A Scenario A Scenario BScenario A Scenario A Scenario B

Peak
Off‐
Peak Peak

Off‐
Peak Peak

Off‐
Peak

Thermal Overloads 14 3 9 1 15 1
Local Planning Criteria 
Voltage Issues 18 12 39 1 26 1

10

g

SPP Planning Criteria 
Voltage Issues 52 2 7 5 2 6

Total Voltage Issues 70 14 46 6 28 7
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Annual Generation Unavailable
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Resource Adequacy 2013 Reserve Margin
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Resource Adequacy 2015 Reserve Margin
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Michael Desselle

mdesselle@spp.org

QUESTIONS?
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Southwest Power Pool, Inc. 
SECOND QUARTERLY PROJECT TRACKING REPORT 

April 2012 
 

I. Project Tracking, Current SPP Process: 
 
SPP actively monitors and supports the progress of transmission expansion projects, 
emphasizing the importance of maintaining accountability for areas such as grid regional 
reliability standards, firm transmission commitments and tariff cost recovery. 
 
Each quarter SPP staff solicits feedback from the project owners to determine the 
progress of each approved transmission project. This quarterly report charts the progress 
of all SPP Transmission Expansion Plan (STEP) projects approved either directly by the 
Board of Directors or through a FERC filed service agreement under the SPP Open 
Access Transmission Tariff (OATT).  
 
During the next reporting periods, SPP will be engaging the Project Cost Working Group 
(PCWG) to determine if there are improvements that can be made in the Project Tracking 
process currently in use by SPP and the project owners. These improvements include 
determining the most efficient Project Tracking Report period for providing further 
analysis to the Market and Operating Policy Committee (MOPC) on the status of active 
projects in the portfolio, as well as synchronizing the current process used for cost 
analysis of existing projects with the recently approved PCWG cost process for new 
projects.  
 
In this Second Quarterly Report of 2012, the reporting period is December 1, 2011 
through February 29, 2012.  
 

II. Project Summary: 

Figure 1 represents the summary of active projects for this quarter. Figure 1 reflects all 
upgrades, including transmission lines, transformers, substations, and devices. Each 
year prior to the 2nd Quarterly Project Tracking Report SPP brings the project tracking 
window forward to the current year. A project is considered part of the active portfolio if 
its actual in-service or projected in-service date is after December 1, 2011 but before 
December 31, 2022.  In the 1st Quarter, there was one new Notification to Construct 
(NTC) issued by SPP for a Generation Interconnect upgrade. The Board-approved ITP 
projects are normally issued during the 1st Quarter. However, the pending approval of 
the Business Practices for Notifications to Construct with Conditions delayed the 
issuance of these projects until the next reporting period. 

Figure 2 shows the total miles of transmission lines currently planned within the portfolio, 
as well as miles by project voltage. Figure 3 reflects the percentage cost of each project 
type in the total active portfolio.  
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1st Quarter 2012 Project Tracking Summary 
Upgrade Type Number of Upgrades Cost Estimate 

Regional Reliability 211 $1,278,619,957 

Regional Reliability - Non OATT 13 $41,612,000 

Zonal Reliability 7 $26,437,247 

Transmission Service 56 $481,431,685 

Generation Interconnect 16 $120,092,528 

Balanced Portfolio 17 $896,694,117 

High Priority 22 $1,448,740,590 

Other Sponsored Upgrades 48 $279,824,967 

TOTALS 390 $4,573,453,091 

Figure 1: 2012 1st Quarter Project Summary 

1st Quarter Total Active Portfolio Transmission Miles 

Voltage Number of Upgrades New Miles 
Reconductor 

Miles  Total Miles 
69 69 17.8 223.1 240.9 

115 79 177.6 209.4 387.0 

138 77 113.3 136.3 249.6 

161 30 46.9 56.2 103.2 

230 17 179.1 27.0 206.1 

345 47 2,200.5 0.0 2,200.5 

Totals 319 2,735.3 651.9 3,387.2 

Figure 2: Project Mileage within the Portfolio 



 

 

Figure 3: Breakdown of Project Categories on Cost Basis  

 

III. Regional Reliability Project Summary: 

Regional reliability projects include all tariff signatory projects identified in an SPP study 
to meet regional reliability criteria for which NTC letters have been issued.  Figure 4 
shows the breakdown of the regional reliability projects. 

There were two upgrades, with latest Engineering and Construction (E&C) cost estimates 
at $6,482,565, completed in the timeframe of the 1st Quarter of 2012. Westar Energy 
(WR) reported the projects associated with Halstead-Mud Creek Junction-Mid-American 
Junction were completed with 8.3 miles of reconductored 69 kV.  There were also three 
other completed projects reported for the first time during the period, with all of their in 
service dates within the previous 4th Quarter of 2011. Omaha Public Power District 
(OPPD) reported completing the S1341 tap projects for $17 million in September, 2011. 

There are 62 upgrades, with latest E&C cost estimates of $374.3 million, on schedule to 
be completed within the next four years. There are 23 upgrades that are in a delay status 
with no mitigation. SPP has been working directly with the transmission owners of these 
upgrades to determine and approve correct mitigation plans.  

 4
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IV. Transmission Service/Generation Interconnection (TSR/GI) Project 
Summary: 

This category contains upgrades identified as needed to support new Transmission 
Service (TSR) and Generation Interconnection (GI) service agreements.  Figure 4 shows 
the details of the Transmission Service and Generation Interconnect projects. 

There were two Transmission Service upgrades, with latest E&C cost estimates at $3.1 
million completed in the 1st Quarter of 2012. There are four upgrades in a delay with no 
mitigation status. There were several Generation Interconnect upgrades reported 
complete this quarter. On December 1, 2011 American Electric Power (AEP) completed 
most of the Turk plant Generation Interconnect upgrades, seven 138 kV upgrades 
totaling over $51.5 million E&C . Also, Westar Energy (WR) reported two upgrades for 
the Caney River Wind Project as completed in the previous quarter on September 13, 
2011, for a total E&C cost estimate of $7.5 million. That brings the total to $59 million in 
total Generation Interconnect upgrades completed this reporting period by SPP 
members.  

There are 18 Transmission Service upgrades, with estimated E&C costs of $233.2 
million, on schedule to be completed within the next four years. There are eight 
Generation Interconnect upgrades, at an estimated E&C cost of $43 million, scheduled to 
be completed in the next four years, with one of those scheduled to complete in March 
2012.  



 

 

Figure 4: Project Status 

V. Completed Projects Summary: 

Figure 5 shows the number and costs for the projects completed over the last 12 month 
period. The 1st Quarter of 2012 was similar in the number of projects completed to the 4th 
quarter of 2011, with the exception of the Generation Interconnect projects for the Turk 
power plant. However, SPP is already aware of several projects being completed just 
outside of the reporting period, as is noted in the correction column of Figure 5. Also, as 
was reported earlier in Sections III and IV, several upgrades were reported as complete 
in this quarter with in- service dates in the 4th Quarter, raising the 4th Quarter’s total 
completed projects by $24.5 million.  

There were three zonal upgrades completed this quarter. The final three upgrades in the 
Oklahoma Gas and Electric (OGE) 161 kV project were completed, with a total project 
estimated cost of $31 million. 

Previous quarter’s updated results are listed as the Transmission Owners may make 
adjustments to final costs and status of projects completed during the year. Corrections 
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are listed for those projects reported complete after the 4th Quarter reporting period had 
ended. 

 

Projects Completed By Quarter 

 
Figure 5: Completed Project Summary through 1st Quarter 2012 

 

1st Quarter Total Transmission Miles Completed 

Voltage 
Number of 
Upgrades 

New 
Miles 

Reconductor 
Miles  

Total 
Miles Estimated Cost

69 4 0 16.77 16.77 $9,558,929 

115 1 1.5 0 1.5 $1,773,000 

138 3 2 12 14 $27,411,000 

161 4 5.34 0 5.34 $6,000,000 

230 0 0 0 0 $0 

345 0 0 0 0 $0 

Totals 12 8.84 28.77 37.61 $44,742,929 

Figure 6: Completed Transmission for 1st Quarter 2012 
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VI. Future Projections: 

2nd Quarter 2012: 

The 2nd Quarter of 2012, ending May 31, 2012 is scheduled to have 20 projects 
completed across all project types at an estimated cost of $262 million. The largest of 
these is ITC Great Plains and OGE’s Valiant-Hugo-Sunnyside 345 kV transmission 
service projects, which are scheduled to complete April 1st with a current estimated cost 
of $188.8 million.  Figure 7 shows the 2nd Quarter estimated completed projects broken 
out by Project Type. 

March 2012 through February 2013: 

The next 12 months are scheduled to have a total of 139 upgrades completed at an 
estimated cost of $1.07 billion. This is slightly higher than last quarter’s projections, with 
an increase in reliability and zonal sponsored projects. More than half of the projects are 
scheduled to complete in June of 2012. Figure 7 shows the next 12 months estimated 
completed projects broken out by Project Type. 

There are scheduled to be 817 miles of new transmission added to the system during the 
next 12 month period.  404 miles of 345 kV transmission lines are still scheduled to be 
completed. The large transmission service upgrades Hugo-Valliant-Sunnyside scheduled 
for April of 2012 will add 139 miles of 345 kV and Rose Hill-Sooner 345 kV will add 106 
miles in June 2012. The Balanced Portfolio upgrade Spearville-Post Rock 345 kV is 
scheduled to add 90 miles in June of 2012. There will also be 202 miles of reconductored 
transmission placed into the system, with 105 miles being 115 kV. Figure 9 shows the 
details of the estimated transmission miles to be completed over the next 12 months. 

 

 

 

 

 

 

 

 

 

 



 

 

 

        Figure 7: Upgrades Scheduled to Complete Next Quarter/Next 12 Months 
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2nd  Quarter Projected Transmission Miles Complete 

Voltage 
Number of 
Upgrades 

New 
Miles 

Reconductor 
Miles  

Total 
Miles 

69 2 0.00 0.00 0.00 

115 5 0.00 19.09 19.09 

138 5 44.00 0.00 44.00 

161 1 0.00 0.00 0.00 

230 0 0.00 0.00 0.00 

345 4 139.00 0.00 139.00 

Totals 17 183.00 19.09 202.09 

Figure 8: Transmission Miles Scheduled to Complete 2nd Quarter 

 

Projected Transmission Miles Complete Next 12 Months 

Voltage 
Number of 
Upgrades 

New 
Miles 

Reconductor 
Miles  

Total 
Miles 

69 23 3.00 48.44 51.44 

115 33 22.69 104.70 127.39 

138 26 66.50 26.79 93.29 

161 10 21.60 21.98 43.58 

230 5 98.00 0.00 98.00 

345 16 404.00 0.00 404.00 

Totals 113 615.79 201.91 817.70 

 Figure 9: Transmission Miles Scheduled to Complete Next 12 Months 



NTC issued, still within the 90 day written commitment to construct window and no commitment received

Project types "zonal - sponsored" and "regional reliability - non OATT" do not receive NTCs and are not filed at FERC but are being tracked because they are expected to be built in the near term
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20096 11237 AEP Tulsa Power Station 138 kV reactor  high priority 06/10/11 06/30/10 $842,847 $960,895 COMPLETE Complete 6/10/2011
20096 11236 AEP Line - Valliant - NW Texarkana 345 kV high priority 10/01/14 06/30/10 $131,451,250 $127,995,000 ON SCHEDULE <4
20099 11241 SPS XFR - Hitchland 345/230 kV Ckt 2 high priority 06/30/14 06/30/10 $8,883,760 $8,883,760 ON SCHEDULE <4
20099 11242 SPS Line - Hitchland - Woodward 345 kV dbl Ckt high priority 06/30/14 06/30/10 ON SCHEDULE <4
20099 11243 SPS Line - Hitchland - Woodward 345 kV dbl Ckt high priority 06/30/14 06/30/10 ON SCHEDULE <4
20100 11244 OGE Line - Hitchland - Woodward 345 kV dbl Ckt high priority 06/30/14 06/30/10 ON SCHEDULE <4
20100 11245 OGE Line - Hitchland - Woodward 345 kV dbl Ckt high priority 06/30/14 06/30/10 ON SCHEDULE <4
20121 11246 OGE Line - Thistle - Woodward 345 kV dbl Ckt high priority 12/31/14 11/22/10 ON SCHEDULE <4
20121 11247 OGE Line - Thistle - Woodward 345 kV dbl Ckt high priority 12/31/14 11/22/10 ON SCHEDULE <4

200163 11248 PW Line - Woodward District EHV - Thistle 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200163 11249 PW Line - Woodward District EHV - Thistle 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200162 11252 ITCGP Line - Spearville - Clark County 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200162 11253 ITCGP Line - Spearville - Clark County 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200162 11254 ITCGP Line - Clark County - Thistle 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200162 11255 ITCGP Line - Clark County - Thistle 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200162 11260 ITCGP XFR - Thistle 345/138 kV high priority 12/31/14 07/29/11 $4,379,000 $4,379,000 ON SCHEDULE <4
200162 50384 ITCGP Line - Thistle - Flat Ridge 138 kV high priority 12/31/14 07/29/11 $4,727,306 $4,727,306 ON SCHEDULE <4
200163 11258 PW Line - Thistle - Wichita 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4
200163 11259 PW Line - Thistle - Wichita 345 kV dbl Ckt high priority 12/31/14 07/29/11 ON SCHEDULE <4

20103 11497 WR Line - Thistle - Wichita 345 kV dbl Ckt high priority
12/31/14 06/30/10 $5,262,000 ON SCHEDULE <4

UID 11258 and 11259 were revised to separate out terminal equipment at Wichita 
Sustation and uid 11497 was added to include this equipment

20097 11238 GMO Line - Sibley - Maryville 345 kV high priority 06/01/17 07/23/10 $174,500,000 $231,600,000 ON SCHEDULE >4 reviewing RFP responses for line route consultant
20097 11239 GMO Line - Nebraska City - Maryville 345 kV high priority 06/01/17 07/23/10 $114,500,000 $152,640,000 ON SCHEDULE >4 reviewing RFP responses for line route consultant
20098 11240 OPPD Line - Nebraska City - Maryville 345 kV high priority 06/01/17 06/30/10 $12,029,091 $19,796,666 ON SCHEDULE >4
20041 10946 OGE Sub - Gracemont Balanced Portfolio 12/31/11 06/19/09 $8,000,000 $15,000,000 ON SCHEDULE <4  Final cost Still being compiled 
20040 10927 GRDA Line - Sooner – Cleveland 345 kV Balanced Portfolio 12/31/12 06/19/09 $17,000,000 $1,806,000 ON SCHEDULE <4

SPP 2nd Quarter 2012 Project Tracking List - Branch
COMPLETE Complete.

ON SCHEDULE <4
ON SCHEDULE >4

DELAY - MITIGATION
RE-EVALUATION

DELAY- NO MITIGATION
NTC-COMMITMENT WINDOW

On Schedule 4 Year Horizon.
On Schedule beyond 4 Year Horizon.
Behind schedule, interim mitigation provided or project may change but time permits the implementation of project. 
Behind schedule, require re-evaluation due to anticipated load forecast changes.
Delayed beyond the RTO Determined need date and no mitigation plan provided 

Project milage increased
$238,122,033

$10,800,000

$201,221,000

$150,700,000

$97,427,500

$38,790,727

$188,000,000

$151,500,000

$60,590,000

$291,088,131

$163,488,000

$ , , $ , ,
20065 10941 ITCGP XFR -  Post Rock 345/230 kV Balanced Portfolio 06/01/12 11/06/09 $3,000,000 $3,994,000 ON SCHEDULE <4

20046 10940 ITCGP Line - Spearville - Post Rock 345 kV Balanced Portfolio 06/01/12 06/19/09 $96,000,000 $84,006,000 ON SCHEDULE <4 Estimate includes portion of Post Rock Substation needed for Post Rock - Axtell line
20042 10934 KCPL Tap - Swissvale - Stilwell Balanced Portfolio 12/31/12 06/19/09 $2,000,000 $2,171,096 ON SCHEDULE <4 project delayed due to delay in obtaining substation steel
20041 10929 OGE Line - Sooner - Cleveland 345 kV Balanced Portfolio 12/31/12 06/19/09 $17,000,000 $65,000,000 ON SCHEDULE <4 Cost reduced to account for lower construction costs than expected.
20044 10938 WFEC Tap Anadarko - Washita 138 kV line into Gracemont 345 kV Balanced Portfolio 03/01/12 06/19/09 $2,000,000 $200,000 ON SCHEDULE <4
20046 10943 ITCGP Line - Post Rock - Axtell 345 kV Balanced Portfolio 06/01/13 06/19/09 $66,000,000 $72,000,000 ON SCHEDULE <4 Updated mileage for filed route; reactor added at Post Rock (55 Mvar)
20047 10942 NPPD Line - NPPD - Axtell - Kansas Border 345 kV Balanced Portfolio 06/01/13 06/19/09 $71,377,000 $76,000,000 ON SCHEDULE <4
20041 10930 OGE Line - Seminole - Muskogee 345 kV Balanced Portfolio 12/31/13 06/19/09 $131,000,000 $175,000,000 ON SCHEDULE <4
20084 11085 SPS XFR - Tuco 345/230 kV Ckt 2 Balanced Portfolio 03/31/13 06/01/12 02/08/10 $11,250,000 $14,900,907 DELAY - MITIGATION This cost is included in the total cost of project UID 10936 according to the NTC 
20041 10932 OGE Line - Tuco - Woodward 345 kV line Balanced Portfolio 05/19/14 06/19/09 $64,000,000 ON SCHEDULE <4
20041 10933 OGE XFR - Woodward 345 kV and a 50 MVAR reactor bank Balanced Portfolio 05/19/14 06/19/09 $15,000,000 ON SCHEDULE <4
20043 10937 OGE Sub - Mid-point Reactor Station Balanced Portfolio 05/19/14 06/19/09 $14,880,000 $14,880,000 ON SCHEDULE <4

20043 10936 SPS Line - Tuco - Woodward 345 kV line
Balanced Portfolio

05/19/14
06/19/09 $122,597,500 $170,932,114 ON SCHEDULE <4

This is the SPS current cost estimate for the transmission line from TUCO to the State 
line, the State line reactor station, the TUCO 2nd 345/230 kV auto and 345 kV bus 
expansion and the Oklaunion reactor at TUCO.  

20042 10935 KCPL Line - Iatan - Nashua 345 kV Balanced Portfolio 06/01/15 06/19/09 $49,824,000 $49,824,000 ON SCHEDULE <4 line route selection complete; route is longer than original estimate to use more existing 
20042 10945 KCPL XFR - Nashua 345/161 kV Balanced Portfolio 06/01/15 06/19/09 $4,620,000 $4,620,000 ON SCHEDULE <4
20015 10460 AECC Line - Hope - Fulton 115 kV Recond transmission service 06/08/11 04/01/12 01/16/09 $440,000 $1,512,000 COMPLETE Full BPF-In service-Waiting on final paper work
20015 10461 AECC Fulton Switching Station transmission service 06/08/11 04/01/12 01/16/09 $1,512,000 $440,000 COMPLETE Full BPF-In service-Waiting on final paper work
20015 50151 AECC Line - McNab - Turk 115 kV transmission service 11/07/11 04/01/12 01/16/09 $165,000 $165,000 COMPLETE Full BPF - In service - cost not final - NTC not closed out

10367 AECI Multi - Blackberry - Chouteau - GRDA 1 inter-regional 12/31/13 ON SCHEDULE <4 Delayed due to Environmental issues
10368 AECI Multi - Blackberry - Chouteau - GRDA 1 inter-regional 02/01/11 COMPLETE
10369 AECI Multi - Blackberry - Chouteau - GRDA 1 inter-regional 02/01/11 COMPLETE
10781 AECI Multi - Blackberry - Chouteau - GRDA 1 inter-regional 02/01/11 COMPLETE
10916 AECI Multi - Blackberry - Chouteau - GRDA 1 inter-regional 02/01/11 COMPLETE

20000 10140 AEP Multi - Wallace Lake - Port Robson - RedPoint 138 kV regional reliability 06/01/13 06/01/12 02/13/08 $9,480,000 ON SCHEDULE <4
20000 10141 AEP Multi - Wallace Lake - Port Robson - RedPoint 138 kV regional reliability 03/01/12 06/01/12 02/13/08 $19,482,000 COMPLETE
20000 10786 AEP Multi - Wallace Lake - Port Robson - RedPoint 138 kV regional reliability 06/01/11 06/01/12 02/13/08 $11,988,400 COMPLETE Complete 6/1/2011

10296 AEP Line - Turk - SE Texarkana - 138 kV Generation Interconnect 03/12/12 $26,850,000 $25,590,000 COMPLETE
20016 10374 AEP Line - Valliant Substation - Install 345 kV terminal equipment transmission service 04/01/12 04/01/12 01/16/09 $3,840,000 $3,840,000 ON SCHEDULE <4 Notification received from the SPP concurring with the new in-service date due 

10446 AEP Line - Ashdown - Okay 115 kV Generation Interconnect 12/01/11 $8,100,000 $7,810,000 COMPLETE
10447 AEP Line - Ashdown - Patterson 138 kV Generation Interconnect 12/01/11 $9,670,000 $11,431,000 COMPLETE
10448 AEP Line - McNab REC - Turk 115 kV Generation Interconnect 12/01/11 $1,520,000 $1,773,000 COMPLETE
10451 AEP XFR - Okay 115/69 kV Generation Interconnect 12/01/11 $3,400,000 $3,266,000 COMPLETE Replacement not needed in 2009 due to re-rating, but replacement needed in 2011 due to 
10452 AEP Line - Okay 115 - Turk 138 kV Generation Interconnect 12/01/11 $9,190,000 $8,170,000 COMPLETE

$100,000,000$57,000,000

$24,000,000

$146,360,000



10455 AEP XFR - Turk Coal 138/24 kV Generation Interconnect 12/01/11 $0 $11,250,000 COMPLETE
200161 10456 AEP XFR - Turk 345/138 kV transmission service 09/01/12 04/01/12 09/18/09 $7,310,000 $7,310,000 DELAY - MITIGATION Turk commercial operation date delayed until late 2012

10457 AEP XFR - Turk 138/115 kV #1 Generation Interconnect 12/01/11 $9,110,000 $7,806,000 COMPLETE
20000 10505 AEP Line - Riverside - Okmulgee 138 kV regional reliability 03/01/12 06/01/12 02/13/08 $125,000 $125,000 COMPLETE
20122 10509 AEP Line - Lone Star South  - Pittsburg 138kV Ckt 1 regional reliability 06/01/12 06/01/12 02/14/11 $300,000 $300,000 ON SCHEDULE <4
20027 10510 AEP Line - Howell - Kilgore 69 kV regional reliability 06/01/12 06/01/09 01/27/09 $2,000,000 $3,986,000 DELAY - MITIGATION
20027 10575 AEP Line - Osborne - Osborne Tap regional reliability 06/01/13 06/01/13 01/27/09 $6,000,000 $2,000,000 ON SCHEDULE <4
20048 10578 AEP Line - Coffeyville Tap - North Bartleville 138 kV transmission service 05/11/11 06/01/11 09/18/09 $13,100,000 $13,100,000 COMPLETE Complete 5/11/11
20000 10582 AEP Multi - Flint Creek – Centerton 345 kV and Centerton- East Centerton 161 kV regional reliability 06/01/14 06/01/14 02/13/08 $11,962,000 ON SCHEDULE <4
20000 10584 AEP Multi - Flint Creek – Centerton 345 kV and Centerton- East Centerton 161 kV regional reliability 06/01/14 06/01/14 02/13/08 $13,104,000 ON SCHEDULE <4
20000 10585 AEP Multi - Flint Creek – Centerton 345 kV and Centerton- East Centerton 161 kV regional reliability 06/01/14 06/01/14 02/13/08 $34,085,000 ON SCHEDULE <4
20027 10586 AEP XFR - Whitney 138/69 kV regional reliability 06/01/11 06/01/11 01/27/09 $350,000 $350,000 COMPLETE Complete 6/1/2011
20048 10588 AEP Line - Bartlesville Southeast - North Bartlesville 138 kV transmission service 05/11/11 06/01/11 09/18/09 $8,400,000 $8,400,000 COMPLETE Complete 5/11/11
20122 10616 AEP Line - Georgia Pacific - Keatchie 138 kV Ckt 1 regional reliability 06/01/16 06/01/16 02/14/11 $14,500,000 $14,500,000 ON SCHEDULE >4
20000 10656 AEP Multi - Centerton - Osage Creek 345 kV regional reliability 06/01/16 06/01/16 02/13/08 $11,000,000 ON SCHEDULE >4
20000 10659 AEP Multi - Centerton - Osage Creek 345 kV regional reliability 06/01/16 06/01/16 02/13/08 $24,500,000 ON SCHEDULE >4
20000 10660 AEP Multi - Centerton - Osage Creek 345 kV regional reliability 06/01/16 06/01/16 02/13/08 $65,500,000 ON SCHEDULE >4
20122 10695 AEP Line - Hobart Junction - Carnegie South 138 kV Ckt 1 regional reliability 06/01/21 06/01/21 02/14/11 $37,180,000 $28,500,000 ON SCHEDULE >4

20122 10696 AEP Line - Carnegie South - Southwestern Station 138 kV Ckt 1 regional reliability 06/01/21 06/01/21 02/14/11 $16,000,000 $16,000,000 ON SCHEDULE >4

20027 10853 AEP Line - Lone Star-Locust Grove 115 kV regional reliability 06/01/14 06/01/14 01/27/09 $2,150,000 $2,150,000 ON SCHEDULE <4
20073 11011 AEP Line - Canadian River - McAlester City  138 kV regional reliability 06/01/13 06/01/10 02/08/10 $17,000,000 $24,965,000 DELAY - MITIGATION
20073 11012 AEP XFR - Canadian River 345/138 kV transformer regional reliability 06/01/13 06/01/10 02/08/10 $8,500,000 $9,513,000 DELAY - MITIGATION
20064 11015 AEP Line - Ashdown - Craig Junction 138 kV Rebuild regional reliability 06/01/13 06/01/13 11/02/09 $2,500,000 $2,500,000 ON SCHEDULE <4
20122 11171 AEP Line - Carthage - Rock Hill 69 kV Ckt 1 rebuild regional reliability 06/01/14 06/01/14 02/14/11 $13,500,000 $13,500,000 ON SCHEDULE <4
20073 11183 AEP Line - McAlester City - Dustin 138 kV regional reliability 06/01/13 06/01/10 02/08/10 $2,900,000 $4,096,000 DELAY - MITIGATION
20073 11184 AEP Line - McAlester City - North McAlester Tap  138 kV regional reliability 06/01/13 06/01/10 02/08/10 $2,900,000 $4,096,000 DELAY - MITIGATION

11185 AEP Line - Lone Oak - EnoGex Wilberton 138 kV zonal - sponsored 03/11/11 $0 $1,456,000 COMPLETE Complete 3/11/2011
20066 11199 AEP Line - Coffeyville Tap - South Coffeyville City 138 kV transmission service 06/28/11 06/01/11 01/13/10 $6,000,000 $6,000,000 COMPLETE
20066 11208 AEP Line - Coffeyville Farmland - South Coffeyville City 138 kV transmission service 05/22/11 06/01/11 01/13/10 $2,200,000 $2,200,000 COMPLETE Complete 5/22/2011
20104 11261 AEP Line - Broken Arrow North South Tap - Oneta 138 kV Ckt 1 transmission service 06/01/15 06/01/15 08/25/10 $4,400,000 $4,400,000 ON SCHEDULE <4
20112 11347 AEP Line - Southwest Shreveport - Springridge REC 138 kV transmission service 06/01/13 06/01/12 12/09/10 $7,200,000 $7,200,000 DELAY - MITIGATION Interim redispatch required
20112 11348 AEP Line - Eastex - Whitney 138 kV Accelerated transmission service 06/01/13 06/01/12 12/09/10 $2,800,000 $2,800,000 DELAY - MITIGATION Interim redispatch required
20122 11421 AEP Line - Hooks - Lone Star Ordinance 69 kV Ckt 1 regional reliability 06/01/13 06/01/13 02/14/11 $2,100,000 $2,100,000 ON SCHEDULE <4
20016 50148 AEP Line - Turk - NW Texarkana 345 kV transmission service 09/01/12 04/01/12 01/16/09 DELAY - MITIGATION Change PID and UID (old PID 349 and old UID 10453)Turk commercial operation date 
20016 50149 AEP Line - Turk - NW Texarkana 345 kV transmission service 09/01/12 04/01/12 01/16/09 DELAY - MITIGATION Change PID and UID (old PID 349 and old UID 10453)Turk commercial operation date 
20016 50150 AEP Line - Turk - NW Texarkana 345 kV transmission service 09/01/12 04/01/12 01/16/09 DELAY - MITIGATION Change PID and UID (old PID 349 and old UID 10453)Turk commercial operation date 
20122 50156 AEP Line - Bann - Lone Star Ordinance 69 kV Ckt 1 regional reliability 06/01/13 06/01/13 02/14/11 $4,225,000 $6,600,000 ON SCHEDULE <4 Full BPF. SPP to provided revised NTC
20016 50160 AEP Line - Linwood - Powell Street 138 kV transmission service 06/01/12 06/01/12 01/16/09 $456,000 $456,000 ON SCHEDULE <4 Full BPF
20016 50163 AEP Line - Okay - Tollette 69 kV transmission service 12/01/11 04/01/12 01/16/09 $80,000 $80,000 COMPLETE Full BPF
20016 50164 AEP Line - SE Texarkana - Texarkana Plant 69 kV transmission service 03/01/12 04/01/12 01/16/09 $35,000 $128,000 COMPLETE Full BPF Turk commercial operation date delayed to 7/01/2012
20016 50165 AEP Line - South Texarkana REC - Texarkana Plant 69 kV transmission service 07/01/12 04/01/12 01/16/09 $4,750,000 $8,193,000 DELAY - MITIGATION Full BPF Turk commercial operation date delayed to 7/01/2012
20135 50363 AEP Line - Easton Rec - Knox Lee 138 kV ckt 1 regional reliability 12/31/12 06/01/12 05/27/11 $150,000 $150,000 DELAY - MITIGATION Mitigation is redispatch
20135 50364 AEP Line - Easton Rec - Pirkey 138 kV ckt 1 regional reliability 12/31/12 06/01/12 05/27/11 $500,000 $500,000 DELAY - MITIGATION Mitigation is redispatch
20135 50365 AEP Line - Pirkey - Whitney 115 kV ckt 1 regional reliability 06/01/13 06/01/13 05/27/11 $900,000 $900,000 ON SCHEDULE <4
20135 50375 AEP XFR - Diana 345/138/13.8 kV transformer ckt 3 transmission service 06/01/13 06/01/13 05/27/11 $5,500,000 $5,500,000 ON SCHEDULE <4
200165 50387 AEP Line - Clinton Junction 138 kV relay Generation Interconnect 06/30/12 08/02/11 $150,000 $150,000 ON SCHEDULE <4

50392 AEP Sub - Cornville 138 kV zonal - sponsored 12/31/12 $0 ON SCHEDULE < 4
50393 AEP Sub - Cornville 138 kV zonal - sponsored 12/31/12 $0 ON SCHEDULE < 4
50394 AEP Sub - Cornville 138 kV zonal - sponsored 12/31/12 $0 ON SCHEDULE < 4
50395 AEP Sub - Cornville 138 kV zonal - sponsored 12/31/12 $0 ON SCHEDULE < 4
10272 CLEC XFR - Cocodrie 230/138 kV zonal - sponsored 06/01/12 $0 $5,000,000 ON SCHEDULE <4
10373 DETEC Line -  Etoile - Chireno zonal - sponsored 06/01/12 $0 $8,864,000 ON SCHEDULE <4
10834 DETEC Line - Chireno-Martinsville 138 kV zonal - sponsored 06/01/15 $0 $8,894,000 ON SCHEDULE <4
10849 DETEC Line - Martinsville - Timpson 138 kV conversion zonal - sponsored 06/01/14 $0 ON SCHEDULE <4 Cost estimate is for entire project.
10850 DETEC Line - Martinsville - Timpson 138 kV conversion zonal - sponsored 06/01/14 $0 ON SCHEDULE <4 Cost estimate is for entire project.
10851 DETEC Line - Martinsville - Timpson 138 kV conversion zonal - sponsored 06/01/14 $0 ON SCHEDULE <4 Cost estimate is for entire project.
10852 DETEC Line - Martinsville - Timpson 138 kV conversion zonal - sponsored 06/01/14 $0 ON SCHEDULE <4 Cost estimate is for entire project.

20036 10 4 Li S b 124 A H T S b 1 2 M H T 69 kV $ $ DE AY MITIGATION

$48,580,000

$11,454,960

$35,185,000

$57,500,000

$57,530,000

20036 10547 EDE Line - Sub 124 - Aurora H.T. - Sub 152 - Monett H.T. 69 kV regional reliability 06/01/09 06/01/09 01/27/09 $5,000 $5,000 DELAY - MITIGATION
20123 10548 EDE Multi - Nichols 170 - Republic 345 - Republic 451 - Republic 359 69 kV regional reliability 06/01/15 06/01/15 02/14/11 $2,973,000 $2,973,000 ON SCHEDULE <4
20123 10608 EDE Line - Explorer Spring City Tap - Joplin Southwest 69 kV Ckt 1 regional reliability 06/01/14 06/01/14 02/14/11 $1,550,000 $1,550,000 ON SCHEDULE <4
19970 10644 EDE XFR - Oronogo 161/69 kV transmission service 06/01/11 06/01/11 01/10/08 $4,000,000 $4,000,000 COMPLETE
20123 10685 EDE Multi - Monett South regional reliability 06/01/17 06/01/17 02/14/11 $15,369,319 $7,369,319 ON SCHEDULE >4
19970 10730 EDE Line - Oronogo Junction - Riverton 161 kV Recond transmission service 06/01/11 06/01/11 01/10/08 $5,750,000 $5,750,000 COMPLETE 95.1% of costs BPF

20075 10839 EDE Line - Sub 170 Nichols - Sub 80 Sedalia 69 kV regional reliability 06/01/12 06/01/10 02/08/10 $3,520,000 $3,520,000 DELAY - MITIGATION

20123 10891 EDE Multi - Stateline - Joplin - Reinmiller conversion regional reliability 06/01/18 06/01/18 02/14/11 $3,591,000 $3,591,000 ON SCHEDULE >4
20123 10894 EDE Multi - Stateline - Joplin - Reinmiller conversion regional reliability 06/01/18 06/01/18 02/14/11 $2,011,500 $2,011,500 ON SCHEDULE >4
20123 50316 EDE Multi - Monett South regional reliability 06/01/17 06/01/17 02/14/11 $468,000 $468,000 ON SCHEDULE >4 Part of Multi Line upgrade @ Monett.
20123 50322 EDE Multi - Stateline - Joplin - Reinmiller conversion regional reliability 06/01/18 06/01/18 02/14/11 $1,647,000 $1,647,000 ON SCHEDULE >4
20123 50323 EDE Multi - Stateline - Joplin - Reinmiller conversion regional reliability 06/01/18 06/01/18 02/14/11 $1,201,500 $1,201,500 ON SCHEDULE >4
20123 50324 EDE Multi - Stateline - Joplin - Reinmiller conversion regional reliability 06/01/18 06/01/18 02/14/11 $749,250 $749,250 ON SCHEDULE >4

20123 50325

EDE

Multi - Stateline - Joplin - Reinmiller conversion 

regional reliability

06/01/18

06/01/18 02/14/11 $4,968,000 $4,968,000 ON SCHEDULE >4

20123 50326

EDE

Multi - Monett South

regional reliability

06/01/17

06/01/17 02/14/11 $2,250,000 $2,250,000 ON SCHEDULE >4 Part of Multi Line upgrade @ Monett.  This 547510-547511 xfmr replaces existing project 
for 547510-547401 xfmr at Monett.

20123 50348

EDE

Multi - Nichols 170 - Republic 345 - Republic 451 - Republic 359 69 kV

regional reliability

06/01/15

06/01/15 02/14/11 $1,100,500 $1,100,500 ON SCHEDULE <4

20123 50350

EDE

Multi - Monett South

regional reliability

06/01/17

06/01/17 02/14/11 $324,000 $324,000 ON SCHEDULE >4

Part of Multi Line upgrade @ Monett.

20123 50352

EDE

Multi - Nichols 170 - Republic 345 - Republic 451 - Republic 359 69 kV

regional reliability

06/01/15

06/01/15 02/14/11 $476,500 $476,500 ON SCHEDULE <4

20123 50353 EDE Multi - Monett South regional reliability 06/01/17 06/01/17 02/14/11 $4,149,000 $4,149,000 ON SCHEDULE >4 Part of Multi Line upgrade @ Monett.



10370 EES Line - Grandview - Osage inter-regional 12/31/11 06/01/09 $0 $6,000,000 COMPLETE Preliminary design has begun.
20008 10243 GMO Line - Grandview - Martin City 161 kV regional reliability 06/01/09 02/13/08 $150,000 $50,000 $5,709 COMPLETE Project completed and in service; costs finalized

10428 GMO Line - Clinton MIPU - Clinton AECI 161 kV zonal - sponsored 12/31/13 $0 $2,418,750 Cancelled project is cancelled to be replaced by 69kV capacitor bank in Clinton area
10431 GMO Line - Lone Jack - Greenwood 161 kV zonal - sponsored 06/01/15 $0 $7,096,402 ON SCHEDULE < 4

20034 10830 GMO Multi - Loma Vista - Montrose 161 kV - Tap into K.C. South regional reliability 12/31/12 06/01/09 01/27/09 $2,369,625 $3,527,710 DELAY - MITIGATION project is an alternative to replace the reconductor projects of the Duncan Rd - Blue 
20034 10847 GMO XFR - Clinton 161/69 kV regional reliability 06/01/13 06/01/13 01/27/09 $2,000,000 $3,160,000 ON SCHEDULE <4
20034 10854 GMO Multi - South Harper 161 kV cut-in to Stilwell-Archie Junction 161 kV line regional reliability 06/30/12 06/01/09 01/27/09 $2,259,673 $3,281,565 DELAY - MITIGATION
20087 10952 GMO Line - Glenare - Liberty 69 kV regional reliability 06/01/13 06/01/13 02/08/10 $200,000 $800,000 ON SCHEDULE <4 cost estimate increase due to poor condition of structures
20124 11263 GMO Line - Nashua - Smithville 161 kV Ckt 1 regional reliability 06/01/11 02/14/11 $150,000 $150,000 $24,897 COMPLETE Project completed and in service; costs not finalized

GMO XFR - Eastowne 345/161 kV zonal - sponsored 01/01/13 06/01/20 $0 $13,000,000 ON SCHEDULE <4 Construction started
20021 10385 GRDA Multi - Kansas Tap - Siloam City 161KV regional reliability 06/01/14 06/01/12 01/16/09 $4,212,500 $4,212,500 DELAY - NO MITIGATION The new Tonnece 161 kV line should be in service by June 2012 and this will relieve 

20021 10386 GRDA Multi - Kansas Tap - Siloam City 161KV regional reliability 06/01/14 06/01/12 01/16/09 $1,700,000 $1,700,000 DELAY - NO MITIGATION
The new Tonnece 161 kV line should be in service by June 2012 and this will relieve 
loading on this line.

20001 10388 GRDA XFR - Sallisaw 161/69 kV Auto #2 regional reliability 06/01/12 06/01/08 02/13/08 $2,000,000 $3,000,000 DELAY - MITIGATION Utilizing LTCs on GRDA transformers in this area increases voltages within criteria limits.
10389 GRDA Line - Toneece - Siloam City zonal - sponsored 06/01/12 $0 $3,210,200 ON SCHEDULE <4 This project didn't come from any RTO reliability studies.
10390 GRDA XFR - Toneece 345/161kV zonal - sponsored 06/01/12 $0 $8,019,000 ON SCHEDULE <4 This project didn't come from any RTO reliability studies.

20076 10511 GRDA XFR - Afton 161/69 kV Ckt 2 regional reliability 12/01/12 06/01/10 02/08/10 $750,000 $3,000,000 DELAY - MITIGATION GRDA and NEO will perform switching at the 13kV level to avoid dropping any load
20050 10512 GRDA Line - Pensacola - Kerr 161 kV transmission service 06/01/11 06/01/11 09/18/09 $10,450,000 $10,450,000 COMPLETE

50459 GRDA SUB - PAWNEE 138 KV Generation Interconnect 12/31/13 $0 $2,500,000 ON SCHEDULE < 4

50460 GRDA LINE - FAIRFAX - PAWNEE 138 KV Generation Interconnect 12/31/13 $0 $9,600,000 ON SCHEDULE < 4
10955 GRIS Line - Sub F - St. Libory 115 kV regional reliability - non OATT 12/01/12 $0 $3,937,500 ON SCHEDULE <4
10956 GRIS Line - Sub H - Sub E upgrade regional reliability - non OATT 04/01/12 $0 $200,000 ON SCHEDULE <4

10840 INDN Line - Blue Valley Plant - Sub M 161 kV regional reliability - non OATT 06/01/12 10/01/09 $0 $2,625,000 DELAY - MITIGATION

20018 10405 ITCGP Line - Valliant - Hugo 345 kV transmission service
04/01/12 04/01/12 01/16/09 $11,000,000 $22,230,000 ON SCHEDULE <4 Direct assigned to Network Customer;  Line construction scheduled to be complete by 

4/1/12, energization delayed due to other portions of overall proj

20018 10406 ITCGP XFR - Hugo 345/138 kV transmission service
06/30/12 04/01/12 01/16/09 $5,000,000 $6,328,605 DELAY - MITIGATION Direct assigned to Network Customer;  Transformer installation scheduled to be complete 

by 4/1/12 - Tie into 138 kV bus to be constructed by WFEC delayed due to Hugo Plant 

20018 50173 ITCGP Line - Hugo - Sunnyside 345 kV transmission service
04/01/12 04/01/12 01/16/09 $45,000,000 $6,620,096 ON SCHEDULE <4 Full BPF; Facilities scheduled to be complete by 4/1/12, energization expected to be 

delayed by completion of OGE line facilities
10363 KCPL Line - Craig - Lenexa 161 kV zonal - sponsored 06/01/12 $0 $192,000 ON SCHEDULE <4 Engineering complete
10540 KCPL Line - Quarry - Clare zonal - sponsored 12/31/16 $0 $3,756,500 ON SCHEDULE >4 TO Zonal/local upgrade. Not for SPP reliability.
11376 KCPL Line - Olathe - Switzer 161 kV zonal - sponsored 06/01/13 $0 $2,963,000 ON SCHEDULE <4 construction started

20116 50329 KCPL Line - Stillwell - West Gardner 345 kV Ckt 1 transmission service 12/31/12 09/03/10 $150,000 $150,000 ON SCHEDULE <4 project delayed due to delay in obtaining substation steel
50468 KCPL Line - Merriam - Overland Park 161 kV zonal - sponsored 12/31/14 $0 $1,518,750 ON SCHEDULE < 4
11086 LEA XFR - LE_ERF 115/69 kV 44 MVA regional reliability - non OATT 06/01/12 06/01/12 $0 $1,000,000 ON SCHEDULE <4
11087 LEA Line - LE_ERF 69 kV - Lea-Ancell CKT 1 regional reliability - non OATT 06/01/12 06/01/12 $0 $1,000,000 ON SCHEDULE <4
11088 LEA Line - LE_ERF - Lea-Gaines 69 kV CKT 1 regional reliability - non OATT 06/01/12 06/01/12 $0 $1,000,000 ON SCHEDULE <4
11215 LES Line - Sheldon - Folsom 115 KV Ckt 1 zonal - sponsored 05/31/11 $0 $380,000 COMPLETE Complete
11216 LES Line - Sheldon - Folsom 115 KV Ckt 2 zonal - sponsored 05/31/11 $0 $380,000 COMPLETE Complete
11217 LES Line - 2nd & N - 20th & PIO 115 KV Ckt 1 zonal - sponsored 05/31/11 $0 $100,000 COMPLETE Complete
11218 LES Line - Folsom - 20th & PIO 115 KV Ckt 1 zonal - sponsored 05/31/11 $0 $100,000 COMPLETE Complete
11230 LES XFR - Folsom 115/12.5 KV Ckt 1 zonal - sponsored 05/31/11 $0 COMPLETE Complete
11447 LES Line - Folsom - Rokeby 115 KV Ckt 1 zonal - sponsored 05/31/11 $0 $150,000 COMPLETE Complete
50388 LES Line - 17th & Holdrege - 30th & A 115 kV Ckt 1 zonal - sponsored 05/31/13 $0 $17,318,000 ON SCHEDULE <4
50389 LES Line - 30th & A - 56th & Everett 115 kV Ckt 1 zonal - sponsored 05/31/13 $0 $9,980,000 ON SCHEDULE <4
50390 LES Line - 57 & Garland - 84 & Leighton 115 kV Ckt 1 zonal - sponsored 05/31/12 $0 $2,372,000 ON SCHEDULE <4
50391 LES Line - SW 7 & Bennet - 40th & Rokeby 115 kV Ckt 1 zonal - sponsored 05/31/15 $0 $7,675,000 ON SCHEDULE <4

20139 10410 MIDW Line - Hays Plant - South Hayes 115 kV ckt 1 transmission service 06/01/12 06/01/12 05/27/11 $35,000 $35,000 COMPLETE Uprate complete.  New ratings Rate A = 83 MVA, Rate B = 99 MVA
20089 11209 MIDW Sub - North Ellinwood 69 kV transmission service 01/01/11 06/01/09 03/31/10 $825,000 $825,000 COMPLETE
20089 11210 MIDW XFR - North Ellinwood 69/34.5 kV transformer transmission service 01/01/11 06/01/09 03/31/10 $530,000 $530,000 COMPLETE
20089 11211 MIDW Line - North Ellinwood - City of Ellinwood 34.5 kV transmission service 01/01/11 06/01/09 03/31/10 $325,000 $325,000 COMPLETE
20126 11311 MIDW XFR - Colby 115/34.5 kV Transformer Ckt 4 regional reliability 06/22/12 06/01/11 02/14/11 $2,000,000 $2,000,000 DELAY - MITIGATION Mitigation as described in NTC response (Mitigation unchanged)
20106 11312 MIDW Line - MIDW Heizer - Mullergren 115kV regional reliability 06/15/12 06/01/11 08/25/10 $400,000 $325,000 DELAY - MITIGATION MIDW analysis shows no mitigation needed prior to summer 2012 in‐service date (Should be in‐

50466 MIDW LINE - RICE COUNTY - LYONS 115KV Generation Interconnect 04/01/13 $0 $6,646,800 ON SCHEDULE < 4
50464 MIDW MULTI - RICE - CIRCLE 230KV CONVERSION Generation Interconnect 10/31/12 $0 ON SCHEDULE < 4 Date per executed GIA$50464 MIDW MULTI - RICE - CIRCLE 230KV CONVERSION Generation Interconnect 10/31/12 $0 ON SCHEDULE < 4 Date per executed GIA
50467 MIDW MULTI - RICE - CIRCLE 230KV CONVERSION Generation Interconnect 10/01/12 $0 ON SCHEDULE < 4 Date per executed GIA

20079 10858 MKEC Line - Pratt - St. John 115 kV rebuild regional reliability 12/31/12 06/01/13 02/08/10 $9,239,000 $15,582,071 ON SCHEDULE <4
20067 10994 MKEC XFR - Medicine Lodge 138/115 kV transmission service 06/01/13 01/01/10 01/13/10 $5,625,000 $8,627,726 DELAY - MITIGATION
20067 11200 MKEC Line - Clifton - Greenleaf 115 kV transmission service 12/31/12 06/01/11 01/13/10 $3,600,000 $6,063,189 DELAY - NO MITIGATION
20067 11201 MKEC Line - Flatridge - Medicine Lodge 138 kV transmission service 12/31/13 01/01/10 01/13/10 $2,012,500 $4,004,423 DELAY - MITIGATION Interim redispatch under service agreement
20067 11202 MKEC Line - Flatridge  - Harper 138 kV transmission service 06/15/13 01/01/10 01/13/10 $6,037,500 $11,048,967 DELAY - MITIGATION Interim redispatch under service agreement

20067 11203 MKEC Line - Medicine Lodge - Pratt 115 kV transmission service 06/15/14 01/01/10 01/13/10 $6,500,000 $11,277,390
DELAY - NO MITIGATION

20107 11323 MKEC Line - Heizer - Mullergren 115kV regional reliability 06/01/12 06/01/11 08/25/10 $750,000 $771,129 DELAY - NO MITIGATION SEPC Portion ONLY.
20107 11342 MKEC Line - Greenleaf - Knob Hill 115kV Ckt 1 transmission service 12/31/12 06/01/13 08/25/10 $5,887,242 $5,354,646 ON SCHEDULE <4
20119 11440 MKEC PRATT - ST JOHN 115 KV CKT 1 regional reliability 12/31/12 06/01/11 12/09/10 $100,000 $100,000 DELAY - NO MITIGATION Going to be done as part of project 653.
20107 50337 MKEC Line - Jewell - Smith Center 115kV Ckt 1 transmission service 06/01/18 06/01/18 08/25/10 $60,000 $150,000 ON SCHEDULE >4

10969 NPPD Line - Oneill - Stuart South 115 kV Ckt 1 zonal - sponsored $0 $16,031,250 ON SCHEDULE <4 in the project receiving its presidential permit.
20080 10986 NPPD Line - Maloney - North Platte 115 kV regional reliability 06/01/12 06/01/12 02/08/10 $2,000,000 $1,749,395 ON SCHEDULE <4

11078 NPPD Line - Albion - Genoa 115 kV regional reliability 06/01/14 06/01/14 $0 $1,240,000 ON SCHEDULE <4
20080 11079 NPPD Line - Albion - Spalding 115 kV regional reliability 06/01/13 06/01/13 02/08/10 $1,000,000 $1,977,010 ON SCHEDULE <4
20080 11080 NPPD Line - Loup City - North Loup 115 kV regional reliability 06/01/12 06/01/12 02/08/10 $1,000,000 $1,828,267 ON SCHEDULE <4
20080 11151 NPPD Line - Twin Church - S. Sioux City 115 kV regional reliability 06/01/12 06/01/12 02/08/10 $33,000,000 $33,000,000 ON SCHEDULE <4
20117 11438 NPPD Line - Canaday - Lexington 115Kv Ckt 1 regional reliability 06/01/13 12/01/10 12/09/10 $3,500,000 $3,500,000 ON SCHEDULE <4

20117 50319
NPPD

XFR - Ogallala 230/115 kV Replacement
regional reliability

06/01/14
06/01/10 12/09/10 $5,000,000 $5,645,881 DELAY - NO MITIGATION

Project is on schedule according to the in-service date listed on the NTC issued by SPP.  
The NTC was issued to NPPD after the date listed below as the RTO Determined Need 
Date.  The RTO Determined Need Date should be adjusted to 6/1/2014 to match the 
NTC.

20127 50320
NPPD

XFR - Stegall 345/230 kV Transformer Ckt 2
regional reliability

06/01/15
06/01/15 02/14/11 $8,000,000 $8,000,000 ON SCHEDULE <4

50469 NPPD XFR - Cooper 345/161 kV Ckt 2 zonal - sponsored 04/01/12 $0 $9,000,000 ON SCHEDULE < 4
20081 10300 OGE Line - Fort Smith - Colony 161 kV regional reliability 06/01/13 06/01/13 02/08/10 $2,500,000 $2,500,000 ON SCHEDULE <4

10391
OGE

Line - Fitzhugh - Helberg 161 kV zonal - sponsored

01/19/11
$0 COMPLETE

10392 OGE Line - Great Lakes Carbon - Altus 161 kV zonal - sponsored 12/19/11 $0 COMPLETE
10393 OGE Line - Altus - Fitzhugh 161 kV zonal - sponsored 02/28/11 $0 COMPLETE
10394 OGE Line - Igo - Noark 161 kV zonal - sponsored 12/19/11 $0 COMPLETE
10395 OGE Line - Little Spadra - Igo 161 kV zonal - sponsored 02/10/11 $0 COMPLETE

$18,604,847



10396 OGE Line - Noark - Great Lakes Carbon 161 kV zonal - sponsored 12/19/11 $0 COMPLETE

10398 OGE Line - Razorback  - Igo 161 kV zonal - sponsored
03/31/11 $0 COMPLETE

11334 OGE Line - Razorback - Subiaco Tap 161 kV zonal - sponsored
04/01/11 $0 COMPLETE

11335 OGE Line - Subiaco Tap - Short Mountain 161 kV zonal - sponsored
04/01/11 $0 COMPLETE

11336 OGE XFR - Short Mountain 161/34.5 kV Ckt 1 zonal - sponsored
04/01/11 $0 COMPLETE

10400 OGE Line - Short Mountain - Branch 161 kV zonal - sponsored 08/18/11 $0 COMPLETE
20002 10514 OGE Breaker - Bodle 138 kV regional reliability 01/15/11 06/01/12 02/13/08 $1,000,000 $850,000 $640,000 COMPLETE
20002 10663 OGE Line - HSL East - HSL West 69 kV regional reliability 06/01/16 06/01/16 02/13/08 $250,000 $250,000 ON SCHEDULE >4
20055 10668 OGE Line - Rose Hill - Sooner 345 kV regional reliability 06/01/12 06/01/12 09/18/09 $45,000,000 $48,000,000 ON SCHEDULE <4
20081 10837 OGE Multi - Johnson - Massard 161 kV regional reliability 06/01/12 06/01/12 02/08/10 ON SCHEDULE <4
20081 10701 OGE Multi - Johnson - Massard 161 kV regional reliability 06/01/12 06/01/12 02/08/10 ON SCHEDULE <4

10731 OGE Multi - Johnston County  Project zonal - sponsored
06/01/11 $0 COMPLETE Multi-upgrade project for new arc furnance near Arbuckle (on upgrade in device tab - Cap 

bank at Madill)
10732 OGE Multi - Johnston County  Project zonal - sponsored 06/01/11 $0 COMPLETE
10733 OGE Multi - Johnston County  Project zonal - sponsored 06/01/11 $0 COMPLETE

10734
OGE

Multi - Johnston County  Project zonal - sponsored

06/01/11
$0 COMPLETE

10735 OGE Multi - Johnston County  Project zonal - sponsored 06/01/11 $0 COMPLETE
10820 OGE Multi - Johnston County  Project zonal - sponsored 06/01/11 $0 COMPLETE
10821 OGE Multi - Johnston County  Project zonal - sponsored 06/01/11 $0 COMPLETE
10747 OGE Multi - Arcadia Tap zonal - sponsored 06/01/11 $0 COMPLETE
10748 OGE Multi - Arcadia Tap zonal - sponsored 06/01/11 $0 COMPLETE

20029 10792 OGE Multi: Dover-Twin Lake-Crescent-Cottonwood conversion 138 kV regional reliability 06/01/14 06/01/10 01/27/09 $5,404,250 $8,100,000 DELAY - MITIGATION Updated costs needed due to project delay   Total cost of project including distribution 
20029 10843 OGE Line - Kilgore - VBI 69 kV regional reliability 06/01/13 06/01/13 01/27/09 $10,000 $10,000 ON SCHEDULE <4 Project is removal only
20110 10876 OGE XFR - 3rd Arcadia 345/138 kV transmission service 06/01/12 06/01/15 08/25/10 $13,500,000 $12,250,000 ON SCHEDULE <4 Cost estimated reduced due to lower material costs and no scheduling issues occurred 

20128
11129

OGE Multi - Cushing Area 138 kV regional reliability
12/31/14

06/01/15 02/14/11 ON SCHEDULE <4
Original costs included distribution capital assets.   New cost does not.   Also 69 kV 
GOAB switch replaced by a 138 kV GOAB switch on another project.   Total cost of 
project including distribution assets is $18,400,000

20128 11130 OGE Multi - Cushing Area 138 kV regional reliability 12/31/14 06/01/15 02/14/11 ON SCHEDULE <4
20128 11131 OGE Multi - Cushing Area 138 kV regional reliability 12/31/14 06/01/15 02/14/11 ON SCHEDULE <4
20128 11132 OGE Multi - Cushing Area 138 kV regional reliability 12/31/14 06/01/15 02/14/11 ON SCHEDULE <4
20128 11133 OGE Multi - Cushing Area 138 kV regional reliability 12/31/14 06/01/15 02/14/11 ON SCHEDULE <4
20128 11134 OGE Multi - Cushing Area 138 kV regional reliability 12/31/14 06/01/15 02/14/11 ON SCHEDULE <4
20081 11182 OGE Sub - Canadian River Substation regional reliability 02/15/13 06/01/10 02/08/10 $5,500,000 $6,600,000 DELAY - MITIGATION Cost increase is partially due to location of site of new substation

11188 OGE Line - Keystone West - Bell Cow 138 kV Ckt 1 zonal - sponsored 05/30/11 $0 14,665,000$            12,494,000$        COMPLETE
11189 OGE Line - Warwick - Bell Cow 138 kV Ckt 1 zonal - sponsored 05/30/11 $0 COMPLETE
11190 OGE Line - Stonewall - Remington Park 138 kV zonal - sponsored 04/01/11 $0 $1,300,000 $1,539,871 COMPLETE
11191 OGE Line - 36 & Meridian - WRAirport 138 kV Ckt 1 zonal - sponsored 06/01/12 $0 ON SCHEDULE <4 Transmission assets associated with project
11192 OGE Line - WRAirport - Pennsylvania 138 kV Ckt 1 zonal - sponsored 06/01/12 $0 ON SCHEDULE <4

20110 11207 OGE Line - Bryant - Memorial 138 kV transmission service 06/01/19 06/01/19 08/25/10 $250,000 $225,000 ON SCHEDULE >4
11228 OGE Line - Cushing - Pumping Station 32 138 kV zonal - sponsored 03/01/13 $0 $6,700,000 ON SCHEDULE <4 Customer driven in-service date delayed - New in-service date - Costs do not include 

20110 11343 OGE Line - Arcadia - Redbud 345 kV Ckt 3 transmission service 06/01/19 06/01/19 08/25/10 $19,000,000 $18,000,000 ON SCHEDULE >4

20128 11439 OGE Line - OGE Alva - WFEC Alva 69 kV Ckt 1 regional reliability
06/01/12 06/01/11 02/14/11 $112,500 $392,000 DELAY - NO MITIGATION Revised cost includes need to replace 69 kV breaker not included in the original cost 

estimates.
20137 11496 OGE XFR - Northwest 345/138/13.8 kV transformer ckt 1 transmission service 06/01/17 06/01/17 05/27/11 $15,000,000 $15,000,000 ON SCHEDULE >4
20017 50166 OGE Line - Ardmore - Rocky Point 69 kV transmission service 06/01/11 06/01/11 01/16/09 $1,627,500 $1,400,000 770,580$             COMPLETE Full BPF
20017 50167 OGE Line - Dillard - Healdton Tap 138 kV transmission service 06/01/11 06/01/11 01/16/09 $300,000 $300,000 COMPLETE Full BPF  Handled on O&M
20017 50168 OGE XFR - Ft Smith 500/161 kV Ckt 3 transmission service 06/01/17 06/01/17 01/16/09 $11,000,000 $14,000,000 ON SCHEDULE >4 Full BPF
20017 50169 OGE Line - Hugo - Sunnyside 345 kV transmission service 04/01/12 04/01/12 01/16/09 $75,000,000 ON SCHEDULE <4 $3,000,000 reduction due to better cost information
20017 50171 OGE XFR - Sunnyside 345/138 kV Ckt 2 transmission service 04/01/12 04/01/12 01/16/09 $6,750,000 ON SCHEDULE <4 Full BPF
20017 50170 OGE Line - Sunnyside - Uniroyal 138 kV transmission service 06/01/11 06/01/11 01/16/09 $50,000 $50,000 $74,982 COMPLETE
20017 50172 OGE Line - VBI - VBI North 69 kV transmission service 06/01/17 06/01/17 01/16/09 $100,000 $100,000 ON SCHEDULE >4 Full BPF

$31,000,000

$6,200,000

$32,975,000 27,069,913$         

$1,900,000 $6,330,000

$8,700,000

$16,000,000 $15,000,000

$510,000

$160,000,000

OG 06/01/17 06/0 / 0 / 6/09 $ 00,000 $ 00,000
200164 50385 OGE Line - Gracemont 138 kV line terminal addition Generation Interconnect 10/15/11 08/02/11 $871,896 $871,896 COMPLETE Final Cost Still being compiled

50461 OGE SUB - SHIDLER 138KV Generation Interconnect 03/14/13 $0 $399,000 ON SCHEDULE < 4 Cost of OG&E portion of project
20105 11262 OMPA Line - Arcadia - OMPA Edmond Garber 138 kV Ckt 1 transmission service 06/01/12 06/01/10 08/25/10 $30,000 $30,000 DELAY - MITIGATION
20082 10924 OPPD Line - S1341 tap regional reliability 09/13/11 12/31/11 02/08/10 COMPLETE
20082 10925 OPPD Line - S1341 tap regional reliability 09/13/11 12/31/11 02/08/10 COMPLETE
20082 10926 OPPD Line - S1341 tap regional reliability 09/13/11 12/31/11 02/08/10 COMPLETE

11001 OPPD Line - Rebuild 902-983 zonal - sponsored 01/28/11 $0 $2,900,000 COMPLETE The purpose of this project is to address maintenance-related issues, not to address 
11002 OPPD Line - Sub 1221 - Sub 1255 161 kV zonal - sponsored 11/10/12 11/10/12 $0 $675,523 ON SCHEDULE <4

10275 Rayburn Line - Ben Wheeler - Barton's Chapel (Rayburn) 138 kV Ckt 1 regional reliability - non OATT 04/30/12 $0 $4,218,750 ON SCHEDULE <4 Rayburn Country Project. Rayburn confirm project In Service Date is 06/01/2009.
10214 SEPC Line - Phillipsburg - Rhoades 115 kV Ckt 1 zonal - sponsored 07/01/11 $0 $9,846,782 COMPLETE COMPLETE - Project in Service, final financials are in progress.

20007 10215 SEPC Line - Holcomb - Plymell 115 kV regional reliability 06/01/12 06/01/08 02/13/08 $1,980,000 $3,986,076 DELAY - MITIGATION Currently in engineering design and cost review. Mitigation is to reduce generation in area 
20014 10480 SEPC Line - Plymell - Pioneer Tap 115 kV regional reliability 06/01/12 06/01/09 09/18/08 $2,380,000 $5,534,364 DELAY - MITIGATION Currently in engineering design and cost review. Mitigation is to reduce generation in area 
20138 11195 SEPC Line - Fletcher - Holcomb 115 kV ckt 1 regional reliability 12/31/13 06/01/13 05/27/11 $4,000,000 $6,025,790 DELAY - NO MITIGATION
20004 10200 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 05/20/11 06/01/08 02/13/08 $3,450,000 $5,132,829 $973,612 COMPLETE This line was formally circuit T-88 and now re configured in & out of Hitchland, 
20004 10201 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 05/20/11 06/01/09 02/13/08 $3,780,000 $31,915,701 $9,329,355 COMPLETE This is the final cost of the 230/115 kV portion of the Hitchland substation.  The total cost 
20031 10326 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 06/01/12 06/01/10 01/27/09 $16,094,371 $31,317,041 DELAY - MITIGATION This large project is underway and portions of this project will be complete after the 
20004 10327 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 05/20/11 04/01/09 02/13/08 $8,400,000 $12,577,500 $6,219,570 COMPLETE This is the final cost of the 345 kV portion of the Hitchland substation.  The total cost of 
20004 10328 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 05/20/11 06/01/09 02/13/08 $3,450,000 $15,848,000 $7,606,406 COMPLETE This line was formally V-30 and now re configured in & out of Hitchland and resulted in  
20084 10329 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 05/20/11 06/01/09 02/08/10 $10,771,825 $13,693,819 $13,118,448 COMPLETE The line from Dallam to Sherman is currently in-service.  The current cost estimate 

20111 10330 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 12/31/12 06/01/09 08/09/10 $19,687,500 $15,714,414 DELAY - MITIGATION This large project is underway and portions of this project will be complete after the 
Summer of 2009.

20111 10331 SPS Multi - Hitchland - Texas Co. 230 kV and 115 kV regional reliability 12/31/12 06/01/09 08/09/10 $1,500,000 $6,878,423 DELAY - MITIGATION This large project is underway and portions of this project will be complete after the 
10407 SPS Line - Roosevelt County Interchange 115 kV - Curry County Interchange 115 kV regional reliability 10/01/10 06/01/15 $0 $200,000 ON SCHEDULE <4 Will need additional study

20031 10704 SPS Multi:  Dallam - Channing - Tascosa -Potter regional reliability 08/10/11 06/01/09 01/27/09 $15,324,192 COMPLETE Project is in-service but all associated costs are not yet final.  Should have final cost  in 
2nd quarter report.

20031 10705
SPS Multi:  Dallam - Channing - Tascosa -Potter regional reliability 06/01/12 06/01/09 01/27/09 $10,704,988 DELAY - MITIGATION

This line goes from Channing to Potter and does not go in and out of Tascasa sub.  
Tascosa is served by a 34.5 kV line from Channing which is constructed as a double 
circuit with the 115 kv from Channing.  

20031 10757 SPS Line - Ocotillo sub conversion 115 kV regional reliability 02/28/12 06/01/09 01/27/09 $3,375,000 $3,175,596 $3,102,202 DELAY - MITIGATION
20004 10800 SPS Multi - Wheeler County Project - Tap 230 kV line - Two new XFs - new 115 kV li regional reliability 06/01/10 06/01/08 02/13/08 $0 $2,000,000 DELAY - MITIGATION The earliest that any portion of the Wheeler County Interchange project can be in-service 
20031 10822 SPS Multi: Legacy Interchange 69 kV Tap - 115/69 transformer -2 new lines regional reliability 08/18/11 06/01/09 01/27/09 $4,646,250 $4,373,940 COMPLETE This project is the fix for the Gaines Co. Auto STEP project, 
20031 10823 SPS Multi: Legacy Interchange 69 kV Tap - 115/69 transformer -2 new lines regional reliability 07/29/11 06/01/09 01/27/09 $2,214,338 COMPLETE This project is the fix for the Gaines Co. Auto STEP project, 
20031 10824 SPS Multi: Legacy Interchange 69 kV Tap - 115/69 transformer -2 new lines regional reliability 07/29/11 06/01/09 01/27/09 $2,475,000 $2,024,265 COMPLETE This project is the fix for the Gaines Co. Auto STEP project, 
20031 10825 SPS Multi: Eagle Creek 115 and 69 kV Taps - 116/69 XF - 3 new lines regional reliability 06/22/11 06/01/09 01/27/09 $3,285,000 $4,727,194 COMPLETE
20031 10826 SPS Multi: Eagle Creek 115 and 69 kV Taps - 116/69 XF - 3 new lines regional reliability 06/16/11 06/01/09 01/27/09 $281,250 $450,538 COMPLETE

$10,406,250

$5 197 500

$16,987,625$16,300,000

$27,452,677



20031 10827 SPS Multi: Eagle Creek 115 and 69 kV Taps - 116/69 XF - 3 new lines regional reliability 06/16/11 06/01/09 01/27/09 $320,000 COMPLETE
20031 10828 SPS Multi: Eagle Creek 115 and 69 kV Taps - 116/69 XF - 3 new lines regional reliability 12/31/12 06/01/09 01/27/09 $1,593,000 DELAY - NO MITIGATION Mitigation will not be needed. The 115 kV potion of this project is 100 % complete. The 
20031 10829 SPS Line - Chaves Co - Roswell Int 69/115 kV Voltage Conversion regional reliability 06/01/13 06/01/09 01/27/09 $4,716,000 $5,051,478 DELAY - MITIGATION This project is the replacement for adding a 3rd XF at the Roswell Interchange.

20130 11007
SPS

XFR - Happy County 115/69 kV transformer ckt 1
regional reliability

06/01/14
06/01/12 02/14/11 $1,890,000

$2,230,200
DELAY - MITIGATION Alternative 1: Swap Swisher Co-op load onto Kress Interchange, bus 525192, CLOSE 

N.O. REC (22) Claytonville and OPEN REC (16) Northcutt (total 8.5 MVA).

20130 11009
SPS

XFR - Happy County 115/69 kV transformer ckt 2
regional reliability

06/01/14
06/01/12 02/14/11 $1,890,000

$2,230,200
DELAY - MITIGATION Alternative 1: Swap  Swisher Co-op load onto Kress Interchange, bus 525192, CLOSE 

N.O. REC (22) Claytonville and OPEN REC (16) Northcutt (total 8.5 MVA). 
20084 11019 SPS Multi - Cherry Sub add 230kV source and 115 kV Hastings Conversion regional reliability 06/30/13 06/01/10 02/08/10 $112,500 $679,000 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.

20084 11020 SPS Multi - Cherry Sub add 230kV source and 115 kV Hastings Conversion regional reliability 06/30/13 06/01/10 02/08/10 $4,905,000 $8,515,623 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11021 SPS Multi - Cherry Sub add 230 kV source and 115 kV Hastings Conversion regional reliability 06/30/13 06/01/10 02/08/10 $5,062,500 $5,062,500 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11023 SPS Multi - Cherry Sub add 230 kV source and 115 kV Hastings Conversion regional reliability 06/30/13 06/01/10 02/08/10 $1,700,000 $1,700,000 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11029 SPS Line - Maddox - Sanger SW 115 kV regional reliability 05/31/12 06/01/10 02/08/10 $3,000,000 $278,115 DELAY - MITIGATION Project has scope change from reconductor to a wreckout/rebuild due to structure inability 
20084 11033 SPS XFR - Install 2nd Randall 230/115 kV transformer regional reliability 04/30/13 06/01/10 02/08/10 $11,250,000 $7,357,000 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11036 SPS Line - Maddox Station - Monument 115 kV Ckt 1 regional reliability 05/31/12 06/01/11 02/08/10 $1,417,500 $1,425,915 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.

20084 11038

SPS

Line - Brasher Tap - Roswell Interchange 115 kV

regional reliability 06/01/13 06/01/12 02/08/10 $114,000 $160,000 DELAY - NO MITIGATION

Mitigation will not be needed for this line. Using the newest model, 2012MDWGB1_FINAL-
13S.sav, the Chaves to Urton contingency will not overload the existing 4/0 sized 
conductor rating of 96 MVA in 2013 Summer. The model shows flows of 77.3 MVA during 
this contingency

20084 11040 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $11,250,000 $11,980,445 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11041 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $16,031,250 $8,927,936 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11042 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $10,125,000 $12,477,584 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11043 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $13,500,000 $15,262,554 DELAY - MITIGATION Looks to be an entry error????  NTC is $13.5m
20084 11044 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $2,250,000 $5,204,131 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11045 SPS Multi - New Hart Interchange 230/115 kV regional reliability 04/30/15 06/01/10 02/08/10 $8,438 $13,266,452 DELAY - MITIGATION Industrial sub, not an in-and -out.  The current cost estimate reflects the line from 
20130 11046 SPS Line - Cunningham - Buckey Tap 115 kV reconductor regional reliability 06/01/13 06/01/13 02/14/11 $3,607,000 $3,607,000 ON SCHEDULE <4
20084 11052 SPS Multi - Pleasant Hill- Potter 345 kV Ckt 1 regional reliability 06/30/13 06/01/11 02/08/10 $11,250,000 $19,349,122 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11053 SPS Multi - Pleasant Hill- Potter 345 kV Ckt 1 regional reliability 06/30/13 06/01/11 02/08/10 $13,500,000 $14,805,472 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11054 SPS Multi - Pleasant Hill- Potter 345 kV Ckt 1 regional reliability 06/30/13 06/01/11 02/08/10 $21,937,500 $20,612,670 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11096 SPS XFR - Kingsmill 115/69 kV Ckt 2 regional reliability 03/31/13 06/01/11 02/08/10 $1,935,000 $4,428,144 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20130 11100 SPS XFR -  Northeast Hereford 115/69 kV transformer Ckt 2 regional reliability 06/01/14 06/01/11 02/14/11 $1,890,000 $1,890,000 DELAY - MITIGATION OPEN 69 kV tie NE-Hereford – Hereford by OPEN Breaker 5704 Hereford Int. South 
20084 11101 SPS Line - Portales - Zodiac 69 kV to 115 kV Conversion regional reliability 06/01/13 06/01/13 02/08/10 $3,487,500 $4,500,000 ON SCHEDULE <4
20088 11102 SPS Multi - Move Load from East Clovis 69 kV to East Clovis 115 kV regional reliability 06/01/14 06/01/14 05/07/10 $2,500,000 $2,500,000 ON SCHEDULE <4
20084 11107 SPS Multi - Kress Interchange - Plainview County 115 kV regional reliability 02/28/14 06/01/14 02/08/10 $14,737,500 $15,538,805 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11108 SPS Multi - Kress Interchange - Plainview County 115 kV regional reliability 02/28/14 06/01/14 02/08/10 $990,000 $6,128,922 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11109 SPS Line - Cox - Plainview 115 kV regional reliability 12/31/14 06/01/14 02/08/10 $7,762,500 $6,900,000 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20084 11121 SPS Line - Harrington - Randall County 230 kV regional reliability 04/30/13 06/01/10 02/08/10 $225,000 $27,144 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.

11128 SPS Line - ERF-Gaines 115 kV Ckt 1 regional reliability - non OATT 06/01/12 $0 $4,500,000 ON SCHEDULE <4
20084 11177 SPS Line - Randall - Amarillo S 230 kV Ckt 1 regional reliability 04/30/13 06/01/10 02/08/10 $27,450,000 $15,220,511 DELAY - MITIGATION Mitigation plan has been provided to and accepted by SPP for this project.
20130 11315 SPS Line - Osage Station and Line Re-termination regional reliability 06/01/15 06/01/16 02/14/11 $1,680,000 $1,999,200 ON SCHEDULE <4
20130 11316 SPS Line - OXY Permian Sub - Sanger SW Station 115 kV Ckt 1 Reconductor regional reliability 06/01/12 06/01/16 02/14/11 $295,313 $295,313 ON SCHEDULE <4

20130 11318 SPS XFR - Swisher 230/115 kV Transformer Ckt 1 Upgrade regional reliability 06/30/17 06/01/16 02/14/11 $5,953,500 $4,762,800 DELAY - MITIGATION
20130 11319 SPS Line - Wolford-Yuma 115 kV Ckt 1 Wave Trap regional reliability 06/01/12 06/01/12 02/14/11 $945,000 $945,000 ON SCHEDULE <4

20118 11321
SPS Multi:  Dallam - Channing - Tascosa -Potter regional reliability 06/01/12 06/01/09 11/15/10 $16,568,980 DELAY - MITIGATION

This line goes from Channing to Potter and does not go in and out of Tascasa sub.  
Tascosa is served by a 34.5 kV line from Channing which is constructed as a double 
circuit with the 115 kv from Channing.  

20118 11322 SPS Multi:  Dallam - Channing - Tascosa -Potter regional reliability 06/01/12 06/01/09 11/15/10 $4,066,690 DELAY - MITIGATION
20113 11349 SPS CHERRY - HARRINGTON STATION EAST BUS 230KV CKT 1 transmission service 06/30/13 06/01/13 12/09/10 $500,000 $500,000 DELAY - MITIGATION

20130 11353

SPS

Convert Lynn load to 115 kV

regional reliability

06/01/13

06/01/12 02/14/11 $100,000 $4,489,314 DELAY - MITIGATION

Alternative 1: CLOSE N.O. tie 6846 Garza, bus 526622. OPEN switch 6736 LG-Central, 
bus 526666.
Alternative 2: CLOSE switch 6745 LS, bus 526979 LG-JS_Smith. OPEN SW 7797 bus 
526777 Goodpasture; then CLOSE SW 6817 bus 526631 LG_Lakeview and OPEN 
switch 6F91 bus 526638 LG_New Moore. Don't know what the current estimate of 
$100,000 entails, the SPS estimate to expand the 115 kV bus is $3,643,350.

$26,043,761

$5,197,500
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20130 11354
SPS

Line - Abernathy -Tolk 115 kV Ckt 1
regional reliability

06/01/14
06/01/11 02/14/11 $2,126,250 $2,126,250 DELAY - MITIGATION

CLOSE 525291-525745 SW 3890 LH-Hale Center; OPEN breaker N702 at Tuco 
Interchange, bus 525826; CLOSE 525860-525867 N.O. switch 3701; OPEN breaker 
N723 at Tuco Interchange, bus 525826.  

20130 11359 SPS Line - Hereford - Northeast Hereford 115 kV Ckt 1 regional reliability 06/01/14 06/01/11 02/14/11 $2,362,500 $2,362,500 DELAY - MITIGATION OPEN 69 kV tie between NE-Hereford – Hereford by OPEN breaker 2742 Hereford 
Interchange bus 524605.

20130 11372 SPS Line - Soncy convert load to 115 kV regional reliability 06/01/15 06/01/15 02/14/11 $500,000 $500,000 ON SCHEDULE <4
11374 SPS Line - Eagle Creek - Seven Rivers Interchange 115 kV Ckt 1 zonal - sponsored 07/31/11 $0 $12,462,188 COMPLETE

20130 11378 SPS Line - Cherry Sub - Hastings Sub 115 kV Ckt 1 regional reliability 06/30/13 06/01/13 02/14/11 $1,771,875 $1,771,875 DELAY - MITIGATION
11379 SPS Line - Randall County Interchange - Palo Duro Sub 115 kV Ckt 1 Reconductor zonal - sponsored 12/31/11 $0 $5,094,140 ON SCHEDULE <4
11380 SPS Line - Palo Duro Sub - Happy Interchange 115 kV Ckt 1 Reconductor zonal - sponsored 02/28/12 $0 $10,498,360 ON SCHEDULE <4
11381 SPS Line - Happy Interchange - Tulia Tap 115 kV Ckt 1 Reconductor zonal - sponsored 03/31/12 $0 $3,277,970 ON SCHEDULE <4
11382 SPS Line - Tulia Tap - Kress Interchange 115 kV Ckt 1 Reconductor zonal - sponsored 04/30/11 $0 $4,562,580 ON SCHEDULE <4

20130 11383 SPS Line - North Plainview line tap 115 kV regional reliability 02/28/14 06/01/15 02/14/11 $150,000 $177,000 ON SCHEDULE <4
20130 11384 SPS Line - Kress Rural line tap 115 kV regional reliability 02/28/14 06/01/15 02/14/11 $150,000 $150,000 ON SCHEDULE <4
20130 11388 SPS Line - Lighthouse - North Plainview 69 kV Ckt 1 regional reliability 12/31/11 06/01/11 02/14/11 $50,000 $56,275 $62,154 DELAY - MITIGATION Mitigation not required for 2011.  Future TEMPORARY MITIGATION: OPEN 8758 near 

20130 11389 SPS Line - Ochiltree - Perryton Interchange 115 kV Ckt 1 regional reliability 12/31/12 06/01/11 02/14/11 $1,181,400 $1,622,862 DELAY - MITIGATION Revised load forecast in the most recent 2011 MDWG Build 2 models do not show any 
violations.

11390 SPS XFR - Deaf Smith 230/115/13.2 kV Auto Ckt 1 zonal - sponsored 06/01/13 $0 $4,632,000 ON SCHEDULE <4
10125 SWPA XFR - Eufaula 161/138 kV regional reliability - non OATT 03/30/11 04/01/09 $0 $3,000,000 COMPLETE

10576
SWPA

Line - Nixa - Nixa DT Rebuild
regional reliability - non OATT 06/01/15 $0 $660,000 ON SCHEDULE < 4

10645 SWPA XFR - Springfield 161/69kV #3 regional reliability - non OATT 12/01/13 06/01/17 $0 $2,250,000 ON SCHEDULE < 4

10741 SWPA XFR - Paragould 161/69 kV Auto 1 & 2 regional reliability - non OATT 11/30/11 12/01/11 $0 $3,150,000 COMPLETE
Project complete. Xfmr 1 was replaced and put in service 3/26/2011. Xfmr was added at 
Center Hill and load transferred to Center Hill.

10819 SWPA Line - Asherville - Idalia 161 kV Reconductor regional reliability - non OATT 06/01/12 06/01/14 $0 $10,095,750 ON SCHEDULE < 4
10836 SWPA Line - Asherville - Poplar Bluff 161 kV regional reliability - non OATT 06/01/14 06/01/15 $0 $4,500,000 ON SCHEDULE < 4
10856 SWPA XFR - Carthage 161/69 kV Transformers 1 & 2 regional reliability - non OATT 06/01/14 $0 $5,625,000 ON SCHEDULE <4
10944 SWPA Line - Dardanelle - Russellville South 161 kV regional reliability - non OATT 05/25/11 06/01/10 $0 $165,000 COMPLETE Project is complete

20030 10173 WFEC Multi - Lindsay - Lindsay SW and Bradley-Rush Springs regional reliability 12/01/11 06/01/10 01/27/09 $3,577,500 $2,328,750 DELAY - MITIGATION
20003 10174 WFEC Line - Meeker - Hammett 138 kV regional reliability 12/01/12 06/01/08 02/13/08 $5,250,000 $6,674,000 DELAY - MITIGATION
20003 10175 WFEC Line - Wakita - Hazelton 69 kV regional reliability 12/01/14 04/01/09 02/13/08 $5,670,000 $8,000,000 DELAY - MITIGATION
20003 10176 WFEC Line - OGE Woodward - WFEC Woodward 69 kV regional reliability 12/01/13 04/01/09 02/13/08 $0 $1,050,000 DELAY - MITIGATION
19985 10179 WFEC Line - ACME - W Norman 69 kV regional reliability 12/01/13 06/01/08 02/02/07 $0 $912,000 DELAY - MITIGATION Mitigation Plan under review by SPP. Defered in latest SPP Transmission Expansion 



20003 10303 WFEC Line - Atoka - WFEC Tupelo - Lane 138 kV regional reliability 06/01/13 06/01/12 02/13/08 DELAY - NO MITIGATION AEP's station cost is $1.665M. WFEC's construction cost is $6.6M. An interconnection 
agreement has been executed between WFEC and AEP.  

20003 10304 WFEC Line - Atoka - WFEC Tupelo - Lane 138 kV regional reliability 06/01/11 06/01/12 02/13/08 ON SCHEDULE <4
20030 10305 WFEC Line - WFEC Snyder - AEP Snyder regional reliability 06/01/13 06/01/09 01/27/09 $3,373,000 $3,373,000 DELAY - MITIGATION
20003 10307 WFEC Line - Anadarko - Georgia Tap 138 kV regional reliability 12/01/14 06/01/09 02/13/08 $750,000 $2,000,000 DELAY - MITIGATION
20003 10308 WFEC Line - Elmore - Paoli 69 kV regional reliability 12/02/14 06/01/09 02/13/08 $3,240,000 $3,240,000 DELAY - MITIGATION
20003 10309 WFEC Multi - OU SW - Goldsby - Canadian SW 138 kV regional reliability 06/01/11 06/01/09 02/13/08 $2,753,800 DELAY - MITIGATION
20003 10310 WFEC Multi - OU SW - Goldsby - Canadian SW 138 kV regional reliability 06/01/11 06/01/09 02/13/08 $2,250,000 DELAY - MITIGATION
20003 10311 WFEC Multi - OU SW - Goldsby - Canadian SW 138 kV regional reliability 06/01/11 06/01/09 02/13/08 $5,000,000 DELAY - MITIGATION
20003 10401 WFEC Multi - Franklin SW - Acme - Norman - OU SW Conversion 138 kV regional reliability 12/31/14 06/01/10 02/13/08 $3,646,594 $2,065,000 DELAY - MITIGATION
20003 10402 WFEC Multi - Franklin SW - Acme - Norman - OU SW Conversion 138 kV regional reliability 12/31/13 06/01/10 02/13/08 $0 $1,601,000 DELAY - MITIGATION
20003 10403 WFEC Multi - Franklin SW - Acme - Norman - OU SW Conversion 138 kV regional reliability 12/31/15 06/01/10 02/13/08 $1,577,000 $1,577,000 DELAY - MITIGATION
19951 10467 WFEC XFR - Anadarko 138/69 kV transmission service 04/01/12 06/01/11 01/02/07 $2,000,000 $2,000,000 DELAY - NO MITIGATION
20003 10471 WFEC Line - Fletcher - Marlow Jct 69 kV regional reliability 06/01/14 06/01/11 02/13/08 $2,000,000 $2,000,000 DELAY - MITIGATION
20003 10519 WFEC Line - Lindsay - Wallville 69 kV regional reliability 06/01/15 06/01/12 02/13/08 $1,347,000 $1,347,000 DELAY - NO MITIGATION
20003 10520 WFEC Line - Pharoah - Weleetka 138 kV regional reliability 06/01/12 06/01/12 02/13/08 $100,000 $225,000 ON SCHEDULE <4
20003 10521 WFEC Line - WFEC Russell - AEP Altus Jct Tap 138 kV regional reliability 06/01/12 06/01/12 02/13/08 $50,000 $50,000 ON SCHEDULE <4
20003 10522 WFEC Multi - Granfield - Cache SW 138 kV regional reliability 06/01/13 06/01/12 02/13/08 $18,182,800 $1,125,000 DELAY - MITIGATION
20003 10523 WFEC Multi - Granfield - Cache SW 138 kV regional reliability 06/01/13 06/01/12 02/13/08 $0 $7,306,000 DELAY - MITIGATION
20003 10524 WFEC Multi - Granfield - Cache SW 138 kV regional reliability 06/01/13 06/01/12 02/13/08 $0 $5,000,000 DELAY - MITIGATION
20030 10794 WFEC Multi: WFEC-Dover-Twin Lake_Cresent-Cottonwood conversion 138 kV regional reliability 06/30/12 06/01/10 01/27/09 $0 $5,765,600 DELAY - NO MITIGATION

20030 10795 WFEC Multi: WFEC-Dover-Twin Lake_Cresent-Cottonwood conversion 138 kV regional reliability 12/31/13 06/01/10 01/27/09 $0 $5,315,700 DELAY - NO MITIGATION
20030 10796 WFEC Multi: WFEC-Dover-Twin Lake_Cresent-Cottonwood conversion 138 kV regional reliability 12/31/13 06/01/10 01/27/09 $0 $3,164,000 DELAY - NO MITIGATION
20030 10797 WFEC Multi: WFEC-Dover-Twin Lake_Cresent-Cottonwood conversion 138 kV regional reliability 12/31/13 06/01/10 01/27/09 $0 $3,937,500 DELAY - NO MITIGATION
20030 10798 WFEC Line - Carter Jct-Lake Creek 69 kV regional reliability 09/15/11 06/01/10 01/27/09 $150,000 $150,000 COMPLETE CT's upgraded to 600 amp effective 9/15/11.  NO cost for this upgrade.
20030 10799 WFEC Multi:  Lindsay - Lindsay SW and Bradley-Rush Springs lines regional reliability 06/30/12 06/01/10 01/27/09 $0 $1,248,750 DELAY - MITIGATION
20132 10865 WFEC Line - Reeding - Twin Lakes Switchyard conversion to 138 kV regional reliability 06/01/12 06/01/12 02/14/11 $1,971,000 $1,971,000 ON SCHEDULE <4
20085 10878 WFEC Line - El Reno - El Reno SW 69 kV regional reliability 06/01/12 06/01/12 02/08/10 $1,950,000 $1,950,000 ON SCHEDULE <4
20132 10879 WFEC Line - Bradley - Lindsay 69 kV Ckt 1 reconductor regional reliability 06/01/15 06/01/15 02/14/11 $3,712,500 $3,712,500 ON SCHEDULE <4
20085 11114 WFEC Line - Snyder - Tipton 69 kV CT regional reliability 06/01/11 06/01/11 02/08/10 $225,000 $225,000 DELAY - NO MITIGATION
20132 11115 WFEC Multi - Anadarko - Blanchard - OU SW 138 kV Ckt 1 regional reliability 06/01/12 02/14/11 $14,737,500 $14,737,500 ON SCHEDULE <4
20132 11116 WFEC Multi - Anadarko - Blanchard - OU SW 138 kV Ckt 1 regional reliability 06/01/12 02/14/11 $1,125,000 $1,125,000 ON SCHEDULE <4
20132 11117 WFEC Line - Wakita - Nash 69 kV Ckt 1 regional reliability 06/01/14 06/01/11 02/14/11 $6,705,000 $6,705,000 DELAY - NO MITIGATION
20114 11350 WFEC ALTUS SW - NAVAJO 69KV CKT 1 transmission service 06/01/13 06/01/10 12/09/10 $150,000 $150,000 DELAY - NO MITIGATION
20114 11351 WFEC G03-05T - PARADISE 138KV CKT 1 transmission service 06/01/15 06/01/15 12/09/10 $150,000 $150,000 ON SCHEDULE <4
20132 11424 WFEC Line - Alva - Freedom 69 kV Ckt 1 regional reliability 06/01/13 06/01/11 02/14/11 $6,243,750 $6,243,750 DELAY - NO MITIGATION
20132 11429 WFEC Line - Criner - Lindsay 69 kV Ckt 1 regional reliability 06/01/13 06/01/11 02/14/11 $50,000 $50,000 DELAY - NO MITIGATION
20136 50366 WFEC Line - Canton - Taloga 69 kV ckt 1 transmission service 06/01/13 06/01/11 05/27/11 $4,800,000 $4,800,000 DELAY - MITIGATION Interim redispatch under service agreement
20136 50367 WFEC Line - Taloga 138/69/13.8 kV transformer ckt 1 transmission service 06/01/13 06/01/11 05/27/11 $1,000,000 $1,000,000 DELAY - MITIGATION Interim redispatch under service agreement
20006 10220 WR Line - Weaver - Rose Hill 69 kV regional reliability 01/27/11 06/01/08 02/13/08 $1,350,000 $2,676,185 $2,627,677 COMPLETE
20006 10221 WR Line - Tecumseh Energy Center - Midland 115 kV regional reliability 06/01/13 06/01/12 02/13/08 $2,000,000 $5,035,730 DELAY - MITIGATION Redispatch TEC generation.
19986 10229 WR Line - Stranger Creek - Thornton Street 115 kV Addition regional reliability 02/24/11 06/01/07 02/02/07 $2,500,000 $9,206,570 $9,231,495 COMPLETE In-Service - Cost Not Final

20059 10231 WR Line - Chase - White Junction 69 kV regional reliability 12/31/12 06/01/10 09/18/09 $5,184,701 $6,066,000 DELAY - MITIGATION Interim mitigation is application of existing Transmission Operating Directive 634

20033 10349 WR Line - Circle - HEC GT 115 kV Rebuild regional reliability 03/17/11 06/01/11 01/27/09 $300,000 $1,256,055 $1,240,663 COMPLETE In-Service - Cost Not Final
20086 10350 WR Line - Halstead - Mud Creek Jct. 69 kV regional reliability 12/30/11 06/01/11 02/08/10 $2,500,000 $5,718,375 COMPLETE UVLS operational in Newton Division.  Adjustment of CTs at Halstead and Newton to 

20086 10351 WR Line - Mud Creek Jct. - Mid-American Jct. - 69 kV regional reliability 02/24/12 06/01/11 02/08/10 $360,000 $764,190 COMPLETE The mitigation is to open the Halstead-Burrton 69 kV line and close the Burrton line to 
Yoder Junction and switch Burrton load to be served from Hutchinson.

20086 10352 WR Line - Mid-American Jct. - Newton 69 kV regional reliability 06/01/12 06/01/11 02/08/10 $1,300,000 $3,011,613 DELAY - MITIGATION
20006 10417 WR Line - Oaklawn - Oliver 69 kV regional reliability 06/01/12 06/01/10 02/13/08 $483,000 $2,686,996 DELAY - MITIGATION
20140 10487 WR Line - Creswell - Oak 69 kV ckt 1 transmission service 06/01/13 06/01/11 05/27/11 $1,500,000 $1,500,000 DELAY - MITIGATION Interim redispatch under service agreement. The mitigation is to run the City of 
19964 10488 WR XFR - Rose Hill 345/138 kV Ckt 3 transmission service 06/01/13 06/01/11 06/27/07 $5,000,000 $9,854,349 DELAY - MITIGATION Displacement  need to make filing for displacement $
20108 10600 WR Line - East Manhattan - JEC 230kV transmission service 12/31/14 06/01/19 08/25/10 $32,000,000 $46,682,401 RE-EVALUATION SPP notified Westar that the RTO need date will be modified to 6/1/12.
20033 10602 WR Line - East Manhattan - McDowell 115 kV to  230 kV conversion regional reliability 06/01/13 06/01/10 01/27/09 $2,000,000 $14,716,000 RE-EVALUATION Westar requested SPP to re-evaluate the need for this project on 8/31/11.
20086 10603 WR Line - Gill - Interstate 138 kV regional reliability 06/01/13 06/01/13 02/08/10 $50,000 $104,530 ON SCHEDULE <4
20033 10638 WR Line - Jarbalo - Stranger Creek regional reliability 08/11/11 06/01/10 01/27/09 $5,228,040 $3,791,758 COMPLETE In-Service - Cost not final
20033 10639 WR Line Stranger Creek NW Leavenworth regional reliability 04/26/11 06/01/10 01/27/09 $4 536 005 $4 233 849 COMPLETE In Service Cost Not Final

$8,265,000$8,265,000

$9,087,500

$8,050,00020033 10639 WR Line - Stranger Creek - NW Leavenworth regional reliability 04/26/11 06/01/10 01/27/09 $4,536,005 $4,233,849 COMPLETE In-Service - Cost Not Final
20059 10674 WR Line - Rose Hill - Sooner 345 kV regional reliability 06/15/12 01/01/13 09/18/09 $84,669,696 $84,379,298 ON SCHEDULE <4 Project costs are for Westar Energy portion only; Public hearing held; Technical hearing 
20086 10678 WR XFR - Auburn Road 230/115 kV regional reliability 06/01/14 06/01/15 02/08/10 $12,622,500 $24,318,000 RE-EVALUATION Westar requested that SPP re-evaluate a transformer replace rather than a second 
20086 10679 WR XFR - Halstead South 138/69 kV Ckt 1 regional reliability 06/01/14 06/01/11 02/08/10 $1,700,000 $1,875,000 DELAY - MITIGATION
20063 10713 WR Multi - Litchfield - Aquarius - Hudson Jct. 69 kV Uprate regional reliability 06/01/13 06/01/13 11/02/09 $75,000 $108,000 ON SCHEDULE <4
20033 10767 WR Line - 27th & Croco - 41st & California 115 kV regional reliability 03/21/11 06/01/09 01/27/09 $2,752,000 $3,654,556 COMPLETE In-Service- Cost Not Final
20033 10806 WR Multi - NW Manhattan regional reliability 06/01/12 06/01/10 01/27/09 DELAY - MITIGATION Currently 230/115kV dollars are combined.  Will break apart for Q3 report.
20033 10808 WR Multi - NW Manhattan regional reliability 06/01/12 06/01/10 01/27/09 DELAY - MITIGATION Current cost estimate for UID 10806 is sufficient for both 230/115kV work.  Additional 
20033 10809 WR Line - E. Manhattan - JEC 230 kV regional reliability 06/01/10 01/27/09 $17,085,938 $19,307,000 RE-EVALUATION SPP advised this project is under re-evaluation. 
20059 10810 WR Line - Richland - Rose Hill Junction 69 kV Zonal Reliability 11/03/11 06/01/11 09/18/09 $2,815,000 $3,782,279 COMPLETE
20033 10813 WR Line - Rebuild Chisolm - Ripley 69 kV regional reliability 06/01/11 06/01/10 01/27/09 $2,255,250 $3,962,701 COMPLETE In-Service - Cost Not final
20033 10844 WR Line - Twin Valley - Altamont - Neosho 138 kV regional reliability 06/01/13 06/01/13 01/27/09 $4,000,000 $4,650,000 RE-EVALUATION Westar requested SPP to re-evaluate the need for this project

20063 10846 WR XFR - 17th Street 138/69 kV second transformer regional reliability 06/01/14 06/01/10 11/02/09 $3,375,000 $8,300,000 RE-EVALUATION Westar requested that SPP re-evaluate a transformer replace rather than a second 
transformer to reduce cost

20086 10866 WR Line - Gill - Clearwater 138 kV regional reliability 04/27/11 06/01/11 02/08/10 $3,324,375 $8,466,466 COMPLETE Line energized 4/27/11, however breaker change out at Gill will not be completed until 
20063 10870 WR Line - GEC West - Waco 138 kV regional reliability 12/01/12 06/01/10 11/02/09 $1,000,000 $4,300,652 DELAY - MITIGATION
20086 11082 WR Line - Gill Energy Center East - MacArthur 69 kV regional reliability 12/01/13 06/01/13 02/08/10 $2,200,000 $3,471,989 DELAY - MITIGATION Mitigation is to re-dispatch generation in the Wichita area (Gill and Evans)
20068 11204 WR Line - Macarthur - Oatville 69 kV Ckt 1 transmission service 03/12/12 06/01/12 01/13/10 $40,000 $50,200 COMPLETE All terminal equipment meets minimum NTC requirement
20131 11344 WR Line - Craig - 87th - Stranger 345 kV Ckt 1 regional reliability 12/31/12 06/01/11 02/14/11 $0 DELAY - MITIGATION Mitigiation is to re-dispatch LEC generation and/or open Wakarusa Jct-Eudora 115 kV
20131 11345 WR Line - 95th & Waverly - 87th - Monticello 115 kV regional reliability 12/31/12 06/01/11 02/14/11 $15,119,789 DELAY - MITIGATION Mitigiation is to re-dispatch LEC generation and/or open Wakarusa Jct-Eudora 115 kV
20131 11346 WR XFR - 87th 345/115 kV transformer Ckt 1 regional reliability 12/31/12 06/01/11 02/14/11 $21,913,662 DELAY - MITIGATION Mitigiation is to re-dispatch LEC generation and/or open Wakarusa Jct-Eudora 115 kV

20131 11411 WR Line - Franklin - Mulberry 69 kV Ckt 1 regional reliability 06/01/14 06/01/13 02/14/11 $4,981,988 DELAY - NO MITIGATION Same mitigation as UID 11413 and UID 11444 because this is the same project. 
Distribution cap banks are installed to mitigate low voltages.

20131 11412 WR Line - Franklin - Sheffield 69 kV Ckt 1 regional reliability 06/01/14 06/01/13 02/14/11 $4,981,988 DELAY - NO MITIGATION Same mitigation as UID 11413 and UID 11444 because this is the same project. 
20131 11413 WR Sub - Franklin 161 kV regional reliability 06/01/14 06/01/13 02/14/11 $11,354,999 DELAY - MITIGATION
20131 11444 WR XFR - Franklin 161/69 kV Transformer Ckt 1 regional reliability 06/01/14 06/01/13 02/14/11 $2,539,659 DELAY - MITIGATION

11441 WR Caney River Wind Project Generation Interconnect 09/13/11 $0 $6,867,000 COMPLETE Costs to be incurred by wind farm owner.
11445 WR Caney River Wind Project Generation Interconnect 09/13/11 $0 $625,000 COMPLETE Costs to be incurred by wind farm owner.

20091 50228 WR Line - Allen - Lehigh Tap 69 kV transmission service 12/01/12 06/01/12 03/31/10 $3,921,591 $3,721,785 DELAY - MITIGATION Mitigation is to re-dispatch generation in the (Chanute, Erie, and Iola).
20091 50232 WR Line - Athens - Owl Creek 69 kV transmission service 05/25/11 04/01/11 03/31/10 $1,960,795 $3,993,819 2,952,297$          COMPLETE In-Service - Cost Not Final
20091 50233 WR Line - Burlington Junction - Coffey County No. 3 Westphalia 69 kV transmission service 06/01/13 07/01/13 03/31/10 $4,575,190 $2,379,599 ON SCHEDULE <4
20091 50234 WR Line - Burlington Junction - Wolf Creek 69 kV transmission service 06/01/13 01/01/13 03/31/10 $2,614,395 $3,161,738 DELAY - MITIGATION
20091 50236 WR Line - Coffey County No. 3 Westphalia - Green 69 kV transmission service 12/01/13 04/01/14 03/31/10 $5,882,387 $6,024,876 ON SCHEDULE <4
20091 50239 WR Line - Lehigh Tap - Owl Creek 600th Rd 69 kV transmission service 12/14/11 12/01/11 03/31/10 $5,555,588 $2,996,364 COMPLETE
20091 50240 WR Line - Lehigh Tap - United No. 9 Conger 69 kV transmission service 06/01/12 11/01/13 03/31/10 $653,598 $1,693,501 ON SCHEDULE <4
20059 50241 WR Line - Neosho - Northeast Parsons 138 kV transmission service 06/01/11 06/01/11 09/18/09 $250,000 $114,269 114,269$             COMPLETE Jumper was replaced with bundled 266 ACSR wire rated at 192MVA.
20091 50245 WR Line - Vernon - Athens 69 kV transmission service 03/03/11 01/01/11 03/31/10 $3,267,992 $2,777,239 1,981,966$          COMPLETE In-Service - Cost Not Final

$27,144,000

$8,750,767

$7,347,754

$17,437,500

$26,825,000



20108 50327 WR Line - East Manhattan - NW Manhattan 230 kV Ckt 1 transmission service 06/01/19 06/01/19 08/25/10 $700,000 $700,000 ON SCHEDULE >4
20108 50328 WR Line - Halstead South - Sedgwick 138 kV transmission service 06/01/16 06/01/19 08/25/10 $700,000 $700,000 ON SCHEDULE >4
20140 50368 WR Line - Chapman Junction 115 kV Zonal Reliability 10/01/12 10/01/12 05/27/11 $4,877,550 $4,877,550 ON SCHEDULE <4
20140 50369 WR Line - Clay Cernter Junction 115 kV Zonal Reliability 10/01/12 10/01/12 05/27/11 $2,849,367 $2,849,367 ON SCHEDULE <4

20140 50371
WR

Line - Clay Center Junction - Clay Center Switching Station 115 kV
Zonal Reliability 11/01/12 10/01/13 05/27/11 $6,790,959 $7,476,811 DELAY - MITIGATION Clay Center did not provide Westar with construction easement.  This required redesign 

and will extend construction by one month. Mitigation is to serve the load at existing DP.

20140 50372

WR

Line - Clay Center Switching Station - TC Riley 115 kV ckt 1

Zonal Reliability 06/01/14 10/01/12 05/27/11 $4,549,942 $4,632,508 DELAY - NO MITIGATION Due to uncertainty of Presidential Permit, TransCanada has extended their in-service date 
to June 2014. Load will not be in-service until June, 2014. No mitigation is needed. The 
RTO date needs to be changed according to en email that was sent ot Steve Purdy.

20140 50373 WR Line - Clay Center Switching Station 115 kV Zonal Reliability 11/01/12 10/01/12 05/27/11 $4,877,550 $4,877,550 DELAY - NO MITIGATION Clay Center did not provide Westar with construction easement.  This required redesign 

20140

50374

WR

Sub - TC Riley 115 kV

Zonal Reliability

06/01/14 10/01/12 05/27/11 $850,000 $850,000 DELAY - NO MITIGATION Due to uncertainty of Presidential Permit, TransCanada has extended their in-service date 
to June 2014. Load will not be in-service until June, 2014. No mitigation is needed. The 
RTO date needs to be changed according to en email that was sent ot Steve Purdy.

200176 50465 WR MULTI - RICE - CIRCLE 230KV CONVERSION Generation Interconnect 11/15/12 01/16/12 $5,095,881 $5,095,881 ON SCHEDULE < 4
50470 WR Multi - Creswell - BellePlain 138 kV zonal - sponsored 06/01/12 $0 $6,581,250 ON SCHEDULE < 4
50471 WR Multi - Creswell - BellePlain 138 kV zonal - sponsored 06/01/12 $0 $885,938 ON SCHEDULE < 4
50472 WR Multi - Creswell - BellePlain 138 kV zonal - sponsored 06/01/12 $0 $3,075,469 ON SCHEDULE < 4



NTC issued, still within the 90 day written commitment to construct window and no commitment received

Project types "zonal - sponsored" and "regional reliability - non OATT" do not receive NTCs and are not filed at FERC but are being tracked because they are expected to be built in the near term
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20122 50334 AEP Device - Winnsboro 138 kV regional reliability 06/01/16 06/01/16 02/14/11 $1,166,400 ON SCHEDULE > 4
20122 50336 AEP Device - Logansport 138 kV regional reliability 06/01/16 06/01/16 02/14/11 $1,166,400 ON SCHEDULE > 4

50136 CUS Device - Twin Oaks zonal - sponsored 06/01/15 06/01/18 $750,000 ON SCHEDULE < 4 This project name refers to a 69 kV cap bank. Change 
project name to reflect this.

20036 50073
EDE

Device - Quapaw Cap 69 kV Regional reliability
12/01/11 06/01/18 01/27/09 $1,500,000 ON SCHEDULE < 4

Project under study. Distribution transformer taps to be 
adjusted accordingly to serve load adequately until the 
project can be implemented/energized.

GMO Device - Clinton Plant capacitor bank
Zonal Sponsored

06/01/13 $1,100,000 ON SCHEDULE < 4
project to replace UID 331 PID 10428

GMO Device - Alabama capacitor bank Zonal Sponsored 04/01/12 $1,500,000 ON SCHEDULE < 4 under construction
20028 50078 GRDA Device - Afton Cap 69 kV regional reliability 06/01/09 01/27/09 $800,000 DELAY - MITIGATION
20001 50092 GRDA Device - Jay Cap 69 kV regional reliability 06/01/12 06/01/11 02/13/08 $800,000 DELAY - NO MITIGATION The capacitor bank is installed and the only equipment 
20028 50080 GRDA Device - Tahlequah West 69 Cap kV regional reliability 07/01/12 06/01/09 01/27/09 $779,000 DELAY - MITIGATION Replaces Tahlequah City#1 and City #2 Cap 69.  In the 

20009 50083 KCPL Device - Craig Cap 161 kV Zonal Reliability 05/18/11 06/01/08 02/13/08 $1,316,500 $1,469,151 COMPLETE Project placed in service 5/18/11.  Costs not finalized.
KCPL Device - West Gardner reactor bank Zonal Sponsored 12/31/12 $900,000 ON SCHEDULE < 4

20078 50197 MIDW Device-Pawnee 115 kV regional reliability 06/15/12 06/01/11 02/08/10 $300,000 DELAY - MITIGATION Capacitor installation delayed until late Spring 2012.  
20078 50184 MIDW Device - Kinsley Capacitor 115 kV regional reliability 06/01/12 06/01/11 02/08/10 $300,000 DELAY - MITIGATION Capacitor installation delayed until late Spring 2012.  
20007 50104 MKEC Device - Plainville Cap 115 kV regional reliability 11/01/12 06/01/12 02/13/08 $1,500,000 DELAY - MITIGATION
20007 50096 MKEC Device - Russell 115 kV regional reliability 06/01/11 02/13/08 $1,200,000 DELAY - MITIGATION No updates on cost or timing. NTC is being cancelled. 
20080 50211 NPPD Device - Valentine 115 kV regional reliability 06/01/11 06/01/11 02/08/10 $631,400 COMPLETE Project Complete.  Awaiting project close out to determine 

20080 50207
NPPD

Device - Petersburg North 115 kV regional reliability
06/01/11 11/01/12 02/08/10 $429,332

COMPLETE
Project Complete.  Awaiting project close out to determine 
final cost.

20080 50248 NPPD Device - Kearney 115 kV regional reliability 06/01/12 06/01/12 02/08/10 $816,007 ON SCHEDULE < 4
50206 NPPD Device - Oneill 69 kV zonal - sponsored 11/01/12 11/01/12 $364,500 ON SCHEDULE < 4

20080 50208 NPPD Device - Clarks 115 kV regional reliability 11/01/12 02/08/10 $700,000 DELAY - MITIGATION NPPD has suspended the project.  Mitigation plan not 
20080 50209 NPPD Device - Ainsworth 115 kV regional reliability 11/01/12 02/08/10 $50,000 DELAY - MITIGATION NPPD has suspended the project.  Mitigation plan not 
20080 50210 NPPD Device - Oneill 115 kV regional reliability 11/01/12 02/08/10 $700,000 DELAY - MITIGATION NPPD has suspended the project.  Mitigation plan not 
20080 50213 NPPD Device -  Gordon 115 kV regional reliability 06/01/12 06/01/13 02/08/10 $710,686 ON SCHEDULE < 4
20128 50345 OGE Device - Checotah 69 kV regional reliability 12/01/12 06/01/11 02/14/11 $352,350 DELAY - MITIGATION Expect to delay project to at least pre-summer 2012
20128 50347 OGE Device - Little River Lake 69 kV regional reliability 06/01/12 12/01/11 02/14/11 $352,350 DELAY - MITIGATION Expect to meet schedule
20083 50246 SEPC Device Johnson Corner 115 kV Capacitor regional reliability 06/01/12 06/01/10 02/08/10 $740 000 DELAY NO MITIGATION

SPP 2nd Quarter 2012 Project Tracking List - Device
Complete.
On Schedule 4 Year Horizon.
On Schedule beyond 4 Year Horizon.
Behind schedule, interim mitigation provided or project may change but time permits the implementation of project. 

COMPLETE
ON SCHEDULE <4
ON SCHEDULE >4

DELAY - MITIGATION
RE-EVALUATION

DELAY- NO MITIGATION
NTC-COMMITMENT WINDOW

Delayed beyond the RTO Determined need date and no mitigation plan provided 
Behind schedule, require re-evaluation due to anticipated load forecast changes.

20083 50246 SEPC Device - Johnson Corner 115 kV Capacitor regional reliability 06/01/12 06/01/10 02/08/10 $740,000 DELAY - NO MITIGATION
20083 50247 SEPC Device - Johnson Corner 115 kV 2nd Capacitor regional reliability 06/01/12 06/01/11 02/08/10 $370,000 DELAY - NO MITIGATION

50354 SPS Device - Norton Reactor 115 kV zonal - sponsored 06/01/13 $1,475,255 ON SCHEDULE < 4
20030 50180 WFEC Device Eagle Chief 69 kV Capacitor Regional reliability 06/01/10 06/01/09 01/27/09 $300,000 DELAY - MITIGATION
20003 50050 WFEC Device - Gypsum Cap 69 kV regional reliability 06/01/11 04/01/08 02/13/08 $150,000 DELAY - MITIGATION
20085 50186 WFEC Device - Electra 69 kV Capacitor regional reliability 06/01/11 06/01/11 02/08/10 $240,000 DELAY - NO MITIGATION
20003 50085 WFEC Device - Carter Cap 69 kV regional reliability 06/01/12 06/01/10 02/13/08 $324,000 DELAY - MITIGATION

19985 50047

WFEC

Device - Comanche regional reliability

06/01/12 06/01/12 02/02/07 $350,000 ON SCHEDULE < 4

Shed load at Loco Substation (up to 3.5MW in 2007 
Summer Peak) Shed load at Empire Substation (up to 
5MW in 2007 Summer Peak). MW values mentioned are 
typical for a Summer Peak case. Mitigation Plan under 
review by SPP staff.

20003 50099 WFEC Device - Latta Cap 138 kV regional reliability 06/01/12 06/01/12 02/13/08 $324,000 ON SCHEDULE < 4

20030 50045

WFEC

Device - Esquandale Cap 69 kV regional reliability

06/01/14 06/01/14 01/27/09 $243,000 ON SCHEDULE < 4
WFEC will move ahead line project: Cache to Grandfield to 
mitigate voltage problem.  Short term mitigation until line 
can be built will be transfering load from Hulen Substation 
to Empire and Duncan Substations

20059 50243 WR Device - Timber Jct 138 kV Capacitor transmission service 08/16/11 06/01/11 09/18/09 $1,611,509 COMPLETE Interim redispatch under service agreement
20059 50244 WR Device - Tioga 69 kV Capacitor transmission service 07/05/11 06/01/11 09/18/09 $732,398 $584,242 COMPLETE
20059 50229 WR Device - Allen 69 kV Capacitor transmission service 06/01/12 06/01/12 09/18/09 $954,830 ON SCHEDULE < 4
20068 50284 WR Device - Dearing 138 kV Capacitor transmission service 06/01/13 06/01/12 01/13/10 $1,215,000 DELAY - MITIGATION
20059 50231 WR Device - Athens 69 kV Capacitor transmission service 06/01/13 06/01/13 09/18/09 $607,500 ON SCHEDULE < 4

20140 50370 WR Device - Chapman Junction 115 kV Capacitor Zonal Reliability 10/01/13 10/01/12 05/27/11 $873,461
DELAY - MITIGATION

Because North Manhattan 15 Mvar cap bank will be in-
service in summer 2012, this project does not need a 
mitigation. .

50290 WR Device - Benton Cap #2 zonal - sponsored 06/01/13 $3,072,000 ON SCHEDULE < 4 Westar performance project - remove from tracking list.

20059 50230 WR Device - Altoona East 69 kV Capacitor transmission service 06/01/14 06/01/14 09/18/09 $607,500 ON SCHEDULE < 4
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